RICE UNIVERSITY

Surfactant Enhanced Oil Recovery
by

Aparna Raju Sagi
A THESIS SUBMITTED
IN PARTIAL FULFILLMENT OF THE
REQUIREMENTS FOR THE DEGREE

Doctor of Philosophy
APPROVED, THESIS COMMITTEE

George J. Hirasaki, co-Chair
A. J. Harstook Professor Emeritus of
Chemical and Biomolecular Engineering.

Clarence A. Miller, co-Chair
Louis Calder Professor Emeritus of
Chemical and Biomolecular Engineering.

Sibani L. Biswal, Associate Professor of
Chemical and Biomolecular Engineering.

Qilin Li, Associate Professor of Civil and
Environmental Engineering.

HOUSTON, TEXAS
February 2015

ABSTRACT
Surfactant Enhanced Oil Recovery
by

Aparna Raju Sagi
Surfactants can be employed in Enhanced Oil Recovery (EOR) in three main
ways: (1) for reduction of oil-brine Interfacial tension (IFT) to ultra-low values (< 10-3
mN/m) (2) for wettability alteration of reservoir rock from oil-wet to water-wet state, and
(3) to stabilize foam. This thesis discusses the application of surfactants for a low IFT and
foam EOR.
Alcohol Propoxy (PO) Sulfates and their blends with Internal Olefin Sulfonates
were evaluated towards application in a constant salinity low IFT flood in a carbonate
reservoir at low temperature (30 °C), low salinity (11,000 ppm TDS) conditions. Based
on evaluations at 25°C and with dead crude oil, tridecyl alcohol 13-PO sulfate was found
to have aqueous stability, good oil solubilization parameter (σo > 8), low adsorption on
reservoir rock (0.26 mg/g), and absence of viscous phases at reservoir salinity. Effect of
solution gas on surfactant optimal salinity was evaluated. Optimal salinity was lower with
live oil than with dead oil, and the difference was dependent on the gas type in the order,
ethane > CO2i > methane.
Some surfactant systems exhibited non-classical phase behavior in that with an
increase in salinity these systems: (1) showed a Type I→Type II transition and did not
form a Type III system, instead of a classical Winsor phase transition of Type I→Type
III→Type II, and (2) had a σo that appeared to peak and then decrease in the Type I

region, instead of increase monotonically. This was explained to be a result of long
equilibration times, and non-classical emulsion phase behavior, resulting possibly from
the occurrence of liquid crystalline phases.
HPLC analysis done to study the partitioning of various species of a polydisperse
surfactant between the oil and aqueous phases found that all species partitioned to the
same extent and no preferential partitioning of the more lipophilic species was observed.
Alpha Olefin Sulfonate (AOS) foam was evaluated in Berea cores at reservoir
conditions of salinity (24,000 ppm TDS), temperature (68 °C), and pressure (3,300 psi),
for application as a mobility control agent in a miscible hydrocarbon gas flood in a
sandstone reservoir, to increase reservoir sweep and reduce bypassing of gas to the
production well. Strong foam was successfully generated with nitrogen and hydrocarbon
gas, both in the presence and absence of miscible flood residual oil saturation (Sorm).
AOS-nitrogen foam was characterized as a function of foam quality, superficial velocity,
surfactant concentration, temperature, and core length. AOS-hydrocarbon gas foam was
found to be at least as strong as nitrogen foam. Oil at Sorm can reduce foam strength by
half.
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Chapter 1
Introduction

1.1. World energy outlook and role of EOR
World energy demand is expected to increase by 60 % of 2010 levels by 2040
(OPEC World Oil Outlook 2014). To meet this demand an increase in supply in all forms
of energy is expected, although some like renewables, nuclear, hydroelectric and gas are
predicted to grow at a rate faster than demand growth in turn increasing their market
share, while others like oil (which includes crude oil, Natural Gas Liquids (NGL),
unconventional oil and biofuels) grow at a lower than demand growth. By 2040, oil
would still be a major player in the energy market, with a market share of about 25 – 27
%. This translates to an increase in production from 2010 levels by about 15 – 19 Mb/d
by 2035 – 2040 time frame, a majority of which is expected to come from NGLs and
unconventional oil. Figure 1.1 shows these oil production trends. From the figure it can
be seen that crude oil still constitutes a majority share of oil production. Crude oil
production from current fields is predicted to drop from about 68 Mb/d in 2009 to 16
Mb/d by 2035. This decline along with the additional crude needed to meet demand
growth is to be compensated with crude oil production from new fields. 60 % of crude oil
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production from new fields in 2035 would be from fields that have already been
discovered by 2009, while the rest would be from fields yet to be discovered. However,
as shown in Figure 1.2 the number of new discoveries and the average size of field
discovered continues to fall. Moreover, many of these new discoveries are in more
challenging and expensive environments. For instance, more than half of new discoveries
since 2000 have been in deep water. Enhanced Oil Recovery (EOR) has a role to play in
this scenario, by increasing the recovery factor from existing fields, which currently
averages about 30 – 35 %, in turn decreasing the demand for production from new fields.

Figure 1.1 World oil production
[reproduced from IEA World Energy Outlook 2010]

Figure 1.2 Conventional oil discoveries and production worldwide
[reproduced from IEA World Energy Outlook 2014]
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1.2. Enhanced Oil Recovery (EOR)
Oil recovery is classified into three types. Primary recovery is that which occurs
by natural drive mechanisms like solution gas drive, water influx (from a nearby aquifer),
gas cap drive and gravity drainage, or by using artificial lift devices. Secondary recovery
refers to the injection of gas or water for the primary purpose of maintaining reservoir
pressure. The amount of oil left behind in the reservoir after these two stages is about 65
– 70 % Original Oil In Place (OOIP). Any method that increases the oil recovery above
that obtained from the primary and secondary methods is classified as tertiary recovery or
Enhanced Oil Recovery. EOR techniques can be applied either alongside primary and
secondary methods, or after these two stages in the oil recovery process.
Recovery factor is defined as the percentage of cumulative oil produced based on
the amount of OOIP. It is a product of the displacement efficiency and the sweep
efficiency. Displacement efficiency is at the microscopic or pore scale and is governed by
interplay between capillary forces, which tend to retain the oil in the pore, and viscous
and gravitational forces, which tend to displace the oil out of the pore. Capillary force
depends on interfacial tension, wettability and pore size. Viscous force depends on flow
velocity and viscosity. Gravitational force depends on the density difference between the
fluids. Trapping number (NT) is defined as the ratio of sum of viscous and gravitational
forces to capillary force as shown in equation 1.1. Figure 1.3 shows the normalized
residual oil saturation as a function of NT. It can be seen from the figure that a decrease
in interfacial tension which increases NT, decreases the residual oil saturation, and so
does a change in wettability from oil – wet to water – wet state.
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N Td =

r ur
ur
k • ∇Φi + g ( ρi − ρ d ) ∇D

(

σ id

)

1.1

rr

where, N Td is the trapping number for the displaced phase, k is the permeability

ur
tensor, ∇Φi is the flow potential gradient for the invading phase, g is the acceleration
due to gravity, ρi and ρ d are the densities of the invading and displaced phases, D is
the depth, and σ id is the interfacial tension between the invading and displaced phase.

Figure 1.3 Residual oil saturation as a funciton of Trapping number
[reproduced from Pope et al. (2000)]

Sweep efficiency is at the reservoir scale and is governed by fluid mobility ratio,
reservoir heterogeneities, density difference between fluids and well pattern and spacing.
Mobility of a fluid is defined as the ratio of relative permeability of the fluid to its
viscosity. Mobility ratio is the ratio of mobility of the injectant to that of the fluid it is
displacing. Mobility ratio of greater than 1 is deemed unfavorable as it results in viscous
fingering and in turn reduced sweep efficiency. Reservoir heterogeneities like
permeability variations and presence of fractures can also cause poor sweep efficiency

18
due to preferential fluid flow through higher permeability zones.

Large density

differences between the invading and displacing fluids can cause gravity segregation
between the fluids, which results again in poor reservoir sweep efficiency.
EOR techniques target one or more of these factors that determine these two
efficiencies. They can be grouped into three classes: thermal, gas/solvent and chemical
methods. Thermal methods involve introduction of heat into the reservoir via methods
like steam injection and in-situ combustion, The primary recovery mechanism is the
reduced viscosity of the heated crude resulting in a lowered pressure drop and a more
favorable mobility ratio. This method is applied predominantly in heavy oil reservoirs
and tar sands, although some instances of use in light oil reservoirs exist. Gas/solvent
injection methods include injection of different gases like air, nitrogen, carbon dioxide,
hydrocarbon gas or flue gas at high pressures. Depending on the miscibility of the
injectant with the oil, they are classified further as miscible and immiscible gas floods.
Recovery mechanisms for these methods include viscosity reduction, oil swelling, and in
the case of miscible floods, miscibility between the injected and displaced phase.
Chemical methods include use of surfactant, polymer, alkali and combinations of these
used together. Addition of polymer increases the viscosity of the aqueous injectant
resulting in a more favorable mobility ratio. Alkali like sodium carbonate can alter
wettability of carbonates to a water- wet state, and generate soap by reacting with the
naphthenic acids in the crude oil. In some cases it also reduces the adsorption of
surfactant on mineral surfaces. Surfactants can reduce the IFT and/or alter the wettability
of the rock to water-wet state. They can also be used to generate foam, which, due to its
higher apparent viscosity, can result in a favorable mobility ratio.
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Oil production from EOR projects in 2010 was estimated to be about 3 Mb/d,
two-thirds of was from thermal methods. The rest was accounted for equally by carbon
dioxide injection, hydrocarbon gas injection and chemical EOR.

1.3. Surfactant EOR
Surfactants are surface-active agents that consist of a hydrophilic head group and
a hydrophobic tail group. These aggregate at the interface between two phases and reduce
the interfacial tension. Under the right conditions, they can reduce the oil-water
interfacial tension by two to three orders of magnitude, in turn reducing the capillary
forces trapping the oil in the pores and increasing the oil displacement efficiency. They
can also alter the wettability of the rock from oil-wet to water-wet conditions and
increase amount of oil recovered. Use of surfactants in low IFT floods along with
polymer and/or alkali has been demonstrated in many field trials at Loudon (Bragg et al.
1982), in the San Andreas formation (Adams & Schievelbein 1987), Minas (Bou-Mikael
et al. 2000), at a field in southern Oman (Finol et al. 2012), at multiple fields in China
(Shutang et al. 1996; Wang et al. 1997; Demin et al. 1997; Jun et al. 2000; Zhenquan et
al. 2012), at a field offshore of Malaysia (Abdul Manap et al. 2011), at SabriyahMauddud (Carlisle et al. 2014) and many others.
Surfactants can also to stabilize foam, which is a dispersion of gas in a liquid, by
stabilizing the films of liquid separating the gas phase. In porous media, these surfactantstabilized liquid films increase the resistance to the flow of gas, thereby increasing the
apparent viscosity of the foam, leading to a more favorable mobility ratio for the
displacement process and reducing the issue of gravity segregation that occurs in gas
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floods. Foams can be effective in diverting the flow at least partially from high
permeability to low permeability zones. All these improve the reservoir sweep efficiency.
Some of the successful field application of foam include CO2 injection at various fields in
USA (Hoefner et al. 1995; Stevens 1995; Chou et al. 1992), hydrocarbon gas injection at
Snorre field (Skauge et al. 2002), steam foam at Kern River (Patzek & Koinis 1990), and
for aquifer remediation at Hill Air Force Base (Hirasaki et al. 1990).

1.4. Thesis Objectives
The overall objective of the thesis is to further the understanding of certain
aspects of surfactant low-IFT EOR, and surfactant foam EOR. The specific objectives
are:
•

Identify a surfactant formulation that will be applicable for a low-IFT constant
salinity flood in a carbonate reservoir for low-salinity, low-temperature
conditions.

•

Quantify the effect of dissolved gas and gas type on surfactant-brine-oil phase
behavior.

•

Determine if the various species of a polydisperse commercial surfactant partition
to different extents between the oil and aqueous phases.

•

Explain the non-classical phase behavior observed with the surfactant Tridecyl
Alcohol 13 Propoxy Sulfate with crude oil and certain n-alkanes.

•

Identify a surfactant capable of generating strong foam with nitrogen and miscible
hydrocarbon gas.
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•

Characterize foam as a function of temperature, foam quality, superficial velocity,
core length and surfactant concentration.

•

Determine the effect of miscible flood residual oil saturation on foam stability.

1.5. Thesis outline
The contents of this thesis are divided among six chapters. The content covered in
each chapter is as follows:
•

Chapter 1, Introduction, is the current chapter. It provides an overview on EOR
with emphasis on surfactant EOR, and the objectives of this thesis are stated.

•

Chapter 2, Technical Background, discusses the fundamentals pertaining to
surfactants, surfactant-brine-oil phase behavior, and foam in porous media.

•

Chapter 3, Surfactant Selection for Low Temperature Low Salinity Carbonate
Reservoir, details the surfactant selection process based on surfactant-brine-oil
phase behavior tests, viscosity measurement and adsorption tests. The effect of
solution gas on surfactant-brine-oil phase behavior evaluated with methane,
ethane, carbon dioxide and separator gas is described.

•

Chapter 4, Non-Classical Phase Behavior and Partitioning of Anionic
Surfactants, describes HPLC analysis that was carried out to determine the
partitioning of various species of a polydisperse surfactant. It also discusses the
phase behavior of Tridecyl Alcohol Propoxy sulfate surfactants with pure alkanes
and crude oil, and provides an explanation for the non-classical phase behavior
observed in certain cases.
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•

Chapter 5, Evaluation of AOS foam: Nitrogen and Miscible Hydrocarbon Gas,
details the co-injection foam tests that were done to characterize AOS-nitrogen
foam in the absence of oil as a function of foam quality, temperature, surfactant
concentration, core length, and superficial velocity. It also discusses AOS-MI
foam tests that were done in the presence and absence of miscible flood residual
oil saturation.

•

Chapter 6, Conclusions and Future Work, summarizes the main conclusions of
this thesis and provides recommendations for further work in these areas of
research.
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Chapter 2
Technical Background

This chapter discusses some of the fundamental concepts pertaining to
surfactants, surfactant-brine-oil phase behavior, and surfactant foam in porous media.

2.1. Surfactants
Surfactants or surface-active agents or amphiphiles are molecules made up of a
hydrophilic head group and a hydrophobic tail group. This distinct difference in the two
groups’ affinity to water causes surfactants to aggregate as a monolayer at a water
interface with the hydrophilic group oriented towards the water phase, and hydrophobic
group oriented away from it. This results in a reduction of the Interfacial Tension (IFT).
2.1.1. Classification of surfactants
Surfactants can be classified into four classes based on the nature of the head:
anionic, cationic, non-ionic and zwitterionic. Anionic surfactants have a negatively
charged head group like sulfate, sulfonate, carboxylate, and phosphate. Cationic
surfactants have a positively charged head group. They include quaternary amines,
amides, ethoxyamines, and primary, secondary and tertiary amines under acidic
conditions when the nitrogen atom is protonated. Non-ionic surfactants have no charge
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on the surfactant molecule. Their hydrophilic head group consists of polar groups capable
of hydrogen bonding. Surfactants of this type include ethoxylated alcohols and phenols,
fatty acid esthers, polyalcohols, polyglucosides, ethoxy-propoxy co-polymers, and amine
and amide derivates. Zwitterionic surfactants are those that have one anionic and one
cationic functional group. The net charge on the molecule depends on the pH which
dictates the ionization of these groups. Near the isoelectric point both functional groups
are charged. Surfactants like betaines, sultaines, and amidopropoxybetaines fall under
this class.
2.1.2. Micelles
At very low surfactant concentration, the molecules exist as monomers dispersed
in the aqueous phase. At a concentration around Critical Micelle Concentration (CMC)
they start to aggregate into micelles, with their hydrophilic head group oriented towards
water and their hydrophobic groups collected together away from the water (Figure 2.1).
When surfactant monomers aggregate to form micelles, the entropy of the water
molecules increases; this is because, the water molecules when present around lipophiles
of the surfactant monomers are structured (lower entropy), but when present around
micelles are not since the contact between the lipophiles and water is minimized in such
an arrangement. This is called the hydrophobic effect. Micellization occurs when the
increase in the entropy from the hydrophic effect compensates for the decrease in entropy
of the surfactant molecules due to aggregation, and the enthalpy change associated with
formation of ionic micelles which is usually small and sometimes positive.
Micelles are dynamic entities as there is exchange of monomers between the
aggregate and the surrounding. They are characterized by the lifetime of an individual
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monomer in an aggregate, and by the lifetime of the whole aggregate. The number of
monomers comprising a micelle is known as the aggregation number. All micelles do not
have the same number of monomers, instead there is a distribution of aggregation
numbers about an average aggregation number. The average aggregation number
becomes larger and the distribution becomes narrower with increase in the length of the
lipophile. The shape of a micelle depends on many factors like the surfactant
concentration, aggregation number, temperature, electrolyte concentration, and the
relative size of the surfactant head and tail (packing parameter). Micelles can be
spherical, rod-like, discs or vesicular.

Figure 2.1 Schematic of a micelle and an inverted micelle
In apolar solvents, surfactants form an inverted micelle, with the hydrophobic
groups oriented towards the solvent and the hydrophilic groups away from it (Figure 2.1).
The free energy of micellization is however not as high as in aqueous solutions; the
hydrophobic effect which is a major driver for micellization in aqueous solutions is nonexistent in apolar solvents, instead the driving force for micellization is the interaction
between the hydrophiles. As an arrangement of ampiphiles with a large number their
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hydrophiles in close proximity is sterically difficult, inverted micelles have an average
aggregate number lesser than 20 and the distribution of aggregate numbers is broad.
Micelles can increase the solubility of apolar liquids in polar solvents by
incorporating them into their hydrophobic core. Similarly, inverted micelles can increase
the solubility of polar liquids in apolar solvents. A microemulsion is defined as a
thermodynamically stable isotropic solution of oil water and surfactant. It is different
from a macroemulsion, which is a dispersion of oil in water or vice versa, stabilized by
surfactants, which is not thermodynamically stable, and can only be kinetically stable.
2.1.3. Critical Micelle Concentration (CMC)
As discussed in the previous section, CMC is the surfactant concentration at
which micelles start to form. For pure surfactants, monomer concentration increases with
increase in surfactant concentration till CMC, and for further increase in concentration
above CMC, the monomer concentration remains constant while the number of micelles
increases. In line with this, the property vs. surfactant concentration curve for aqueous
solutions shows a sharp break at around CMC, for properties like IFT, conductivity, and
osmotic pressure. This break is not as pronounced for surfactants in apolar solvents since
the micelle aggregation numbers are small, and hence the concept of CMC is not as well
defined or significant for these systems.
IFT decreases sharply with increase in surfactant concentration till CMC, after
which it stays relatively constant for pure surfactants. For mixed surfactant systems, IFT
curve shows a minimum at the concentration at which micelle formation starts, before it
reaches a constant value at higher surfactant concentrations. For these systems, the
different surfactant monomers partition to different extents between the micelle and the
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solution. For a binary mixture at its CMC, micelles have a greater proportion of the
surfactant with the lower CMC value, and the monomer concentration for this surfactant
in the solution reaches a maximum. With increase in concentration beyond CMC, the
total monomer concentration continues to increase, and the proportion of the surfactant
with the higher CMC value increases in both the micelle and in the monomers in the
solution. This behavior of surfactant mixtures causes the observed minima in IFT.
CMC depends on factors like the length and branching of the surfactant lipophile,
the type of the surfactant hydrophile, temperature, electrolyte concentration, and presence
of other additives like alcohol. Increase in the lipophile length, and addition of electrolyte
decreases CMC, while addition of polar groups and double bonds in the lipophile,
increase CMC. Ionic surfactants have higher CMC values than their non-ionic
counterparts. As a general rule, dependence of CMC on the head group follows the order,
ammonium salts > carboxylates > sulfonates > sulfates, and is dictated by the proximity
of the charge to the α-carbon of the lipophile, which influences the electrostatic
contribution to the free energy of micellization. The effect of temperature on CMC is
more complex. For ionic surfactants, the contribution to free energy of micellization from
the hydrophobic effect, which promotes micellization reaches a maximum around 300 K,
while that from electrostatic repulsion, which opposes micellization increases slightly
with increasing temperature. Therefore for temperatures above 300 K, CMC increases
with increasing temperature for most of these surfactants. An exception to this would be
anionic surfactants with ethoxy (EO) and propoxy (PO) groups, which show a trend
similar to non-ionics. For nonionic surfactants, an increase in temperature decreases the
hydrogen bonding interactions between the hydrophile and water. While this tends to
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decrease the CMC with increase in temperature, it is opposed by the hydrophobic effect,
which tends to increase the CMC for temperatures above 300 K. These competing effects
may result in a minimum in CMC for some non-ionic surfactants.

2.2. Surfactant-brine-oil phase behavior
When oil water and surfactant are mixed together, they can result in one, two or
more phases in thermodynamic equilibrium. These phases can be isotropic
microemulsions, excess oil and excess aqueous phases, or anisotropic phases like liquid
crystalline phases. The resulting IFTs between the various phases are dependent on the
system parameters. For the purpose of low IFT EOR, surfactants are evaluated to
determine the type of phases that form under various conditions, and the conditions at
which ultra-low IFT is obtained.
2.2.1. Classical Winsor phase behavior
Winsor classified microemulsion systems into four types. A Type I system is one
in which an oil-in-water (o/w) microemulsion, with oil solubilized in micelles, exists in
equilibrium with an excess oil phase. A Type II system is one in which a water-in-oil
(w/o) microemulsion, with water solubilized in inverse micelles exists in equilibrium
with an excess brine phase. A Type III system is one in which a bi-continuous oil-water
microemulsion exists in equilibrium with excess oil and brine phases. A Type IV system
is a single-phase microemulsion. In all the systems, the surfactant is primarily
concentrated in the microemulsion phase. Classical Winsor phase behavior is Type I
Type III

Type II transition or vice versa brought about by a change in system

parameters like salinity, temperature, surfactant lipophile length, oil carbon number,
pressure, and additives like alcohol. This illustrated in the schematic in Figure 2.2 for a
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salinity scan of an ionic surfactant. Also included in the figure are representations of
these systems on a ternary phase diagram.

Figure 2.2 Schematic of Classical Winsor phase transitions in a salinity scan
of an ionic surfactant [reproduced from Salager et al. (2005)]
2.2.2. R – ratio
The interfacial region between the oil and water phases consists of surfactant, oil
and water, and the interactions between these can be used to qualitatively predict the
curvature of this interface, and how this curvature would change with changes in the
system parameter. The interfacial region and the various interactions are depicted in
Figure 2.3. AXY is defined as the cohesive energy between the molecules X and Y in the
interface region, per unit area of the interface.

R=

R is defined as shown in equation 2.1.

ACO − AOO − ALL
ACW − AWW − AHH

2.1

where O is the oil phase, W is the water phase, C is the surfactant, H is the
surfactant hydrophile, and L is the surfactant lipophile.
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On the oil side of the interface, ACO promotes miscibility between the surfactant
with the oil, while AOO and ALL oppose it. Similarly on the aqueous side of the interface,
ACW promotes miscibility between the surfactant and the water phase, while AWW and AHH

oppose it. The interaction between the surfactant lipophile, which is usually a
hydrocarbon chain, and the water, ALCW is negligible. Similarly, for most oils the
interaction between the surfactant hydrophile and the oil phase, AHCO is negligible. Thus,
ACO and ACW can be approximated to ALCO and AHCW respectively.

Figure 2.3 Schematic of the interfacial region between the oil and water
phases and the interactions between the various entities
For

R =1, the miscibilities of the surfactant in both the oil and aqueous phases

are equal, and the net curvature of the interface is expected to be zero. While

R is

calculated as an average for the whole system, thermal fluctuations can cause variation of

R with time for a given point on the interface, and from point to point in the interface. If
these thermal fluctuations are large, then a Type III microemulsion with a net interface
curvature of zero is formed. If the thermal fluctuations are small, then a lamellar liquid
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crystalline phase whose curvature is zero will form. For

R >1,

the surfactant-oil

interactions are greater than the surfactant-aqueous interactions, causing the interface to
curve towards the water phase, corresponding to a Type II microemulsion. Conversely,
for R <1 a Type I microemulsion is formed.
2.2.3. Solubilization parameter, IFT and optimal salinity

Figure 2.4 IFT and solubilization parameter as a function of salinity
[data from Healy et al. (1976)]
Solubilization parameters of oil (σo) and water (σw) are defined as the ratios of the
volume of oil (Vo) or aqueous phase (Vw) respectively to the volume of surfactant (Vs) in
the microemulsion phase (equations 2.2 and 2.3). IFT (γ) was found to correlate inversely
with square of the solubilization parameter (Huh 1979), as given in equation 2.4. For a
given set of surfactant, oil, temperature and pressure, the salinity can be varied to achieve
Type 1

Type III

Type II phase transition or vice versa. σo was found to increase
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with change in salinity going from Type I to Type III to Type II (where it is constant at
its maximum). Conversely σw increases with change in salinity going from Type II to
Type III to Type I (where it is constant at its maximum). The salinity in the Type III
region where both the solubilization parameters are equal was found to correspond to the
lowest IFT between the microemulsion and excess phases. This salinity is referred to as
the optimal salinity. This is shown in Figure 2.4.

Vo
Vs
V
σw = w
Vs

σo =

γ=

c

σ2
where, c is a constant.

2.2
2.3
2.4

2.3. Foam in porous media
Foam in porous media as defined by Hiraski (1989) is a dispersion of gas in a
liquid such that the liquid is interconnected and at least some part of the gas phase is
made discontinuous by thin liquid films called lamellae. For two-phase flow, the wetting
phase occupies the smaller pores and is present along the pore wall and corners of larger
pores, while the non-wetting phase occupies the pore body of larger pores. Foam can
exist only in water-wet media, as the lamellae that stretch across the pore will detach and
collapse if water is not the wetting phase.
Foams are classified as continuous foams or weak foams and discontinuous
foams or strong foams. If there exists at least one path for gas flow through the pore
network that is not blocked by lamellae, then the foam is called continuous foam, and the
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gas flows through these paths of least resistance. If all gas flow paths are blocked by
lamellae, then the foam is referred to as discontinuous foam, and gas flow can occur only
by mobilization of lamellae. Gas that that is made discontinuous by lamellae, but is not
moving, is called trapped gas. These different scenarios are depicted in Figure 2.5. In
both cases, the gas mobility is reduced to a modest extent as a result of reduced relative
permeability of gas due to trapped gas. Additionally the gas mobility in discontinuous
foams is reduced to a further by a much larger extent due to increased resistance to the
flow of gas offered by lamellae. For discontinuous foams, the lamellae blocking the flow
path have a yield stress. They require a certain pressure drop across them to be mobilized.
This gives rise to a minimum pressure gradient across the porous medium, below which
gas flow is blocked. The reduction in gas mobility by foam is dependent on the foam
texture. Fine textured foam reduces gas mobility to a greater extent as a greater number
of lamellae resist the flow.

Figure 2.5 Schematic of flowing continuous and discontinuous foam, and
trapped gas that is not flowing. [reproduced from Radke & Gillis (1990)]
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2.3.1. Lamella creation
The three main mechanisms of lamella creation in porous media are capillary
snap-off, leave behind and lamella division.

Figure 2.6 Schematic of lamella creation by snap-off.
[reproduced from Kovscek & Radke (1994)]
Capillary snap off is a mechanical process that occurs during multiphase flow in
porous media. When the capillary pressure exceeds the entry pressure (Pe) at the pore
throat of a liquid filled pore, gas enters the pore. This displaces the interface out of the
pore throat into the pore body. As more gas enters the pore, the interface expands while
its curvature reduces. This decreases the capillary pressure at the leading edge of the
bubble. This translates to a pressure gradient in the liquid phase, which causes the liquid
to flow towards the pore throat and accumulate there eventually causing the bubble to
snap-off from the pore throat. This process occurs only during drainage of a liquid filled
pore. For snap off to occur in a pore that has a substantial gas saturation, the capillary
pressure should first increase to Pe and then drop to a value below Psn, much lower than
Pe. The ratio of Psn to Pe, below which snap off occurs depends on the pore throat
geometry. It is 0.5 for a circular pore throat. Figure 2.6 illustrates lamella creation by
snap-off.

35
Leave behind occurs when gas independently enters two adjacent liquid filled
pore bodies and leaves behind a lamella in the pore throat between the pore bodies. This
occurs only during the drainage, when gas is invading a liquid filled porous media. The
lamellae generated are generally oriented parallel to the local flow direction. This results
in a continuous foam or weak foam. This mechanism is illustrated in Figure 2.7.

Figure 2.7 Schematic of lamella creation by leave behind.
[reproduced from Kovscek & Radke (1994)]

Figure 2.8 Schematic of lamella creation by lamella division.
[reproduced from Kovscek & Radke (1994)]

Lamella division occurs when a lamella encounters a branch in its flow path, and
divides into two lamellae. For this to occur, the bubble size must be greater than the pore
body and the pressure gradient must be sufficiently high to mobilize the lamellae in both
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the flow paths. If the bubble size is smaller than the pore size, the bubble will flow only
through one of the two paths. If the lamellae in one of the flow paths are stationary at the
applied pressure gradient, then the bubble moves into the other flow path and no lamella
division occurs. Lamella creation by this mechanism is illustrated in Figure 2.8. This is
the main mechanism by which lamella creation occurs after the drainage step.
2.3.2. Lamella destruction
Lamella destruction occurs by capillary suction coalescence and by gas diffusion.
The former plays a more important role in porous media. The forces acting on a foam
film are Van Der Waals attractive forces (negative) that tend to thin and destabilize the
film, and repulsive forces from electrostatic and steric repulsion (positive) between the
surfactant head groups that tend to oppose film thinning and stabilize the film. Disjoining
pressure is the net sum of these forces per unit surface area of the film. Disjoining
pressure as a function of film thickness for three scenarios (1) stable, (2) metastable, and
(3) unstable, are shown in Figure 2.9.

Figure 2.9 Disjoining pressure as a function of film thickness for,
(1) stable, (2) metastable, and (3) unstable films.
[reproduced from Farajzadeh et al. (2012)]
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Another force acting on the foam film is that from capillary pressure, and this
force tends to thin and destabilize the foam film. If the capillary pressure is greater than
the disjoining pressure, then it will thin the film till the disjoining pressure at the new
thickness matches the capillary pressure. However, for metastable films the disjoining
pressure can increase only to a certain maximum corresponding to critical film thickness
hcr, after which it decreases. If the capillary pressure exceeds this maximum disjoining
pressure or the film thickness falls below hcr, the film ruptures. Mechanical shocks can
cause a film thicker than hcr to break, and the tolerance to these shocks decreases as the
film thickness approaches hcr.
When a lamella moves through porous media, its cross sectional area
(perpendicular to flow direction) expands and contracts as it passes through pore bodies
and pore throats as shown in Figure 2.10. Accordingly, the foam film thickness decreases
(in the pore body) and increases (in the pore throat), in order to conserve mass. The film
thickness thus oscillates about a mean film thickness corresponding to the capillary
pressure. During this oscillation, if the film thickness drops below the hcr, the film will
rupture.

Figure 2.10 Film thickness of lamella as it moves through pore body and thins
(t1,t3), and through pore throat and thickens(t2). Rupture at time (t3).
[reproduced from Kovscek & Radke (1994)]
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For a curved foam film between two gas bubbles, the pressure of the gas on the
concave side will be higher than that on the convex side based on the Young Laplace
equation. This gives rise to a gradient in chemical potential between the two sides, and
gas diffuses from the concave side (with higher potential) to the convex side (with lower
potential). As this happens the film will move towards the pore throat and its curvature
will decrease. Under no flow conditions, the foam film will eventually occupy the pore
throat where the curvature is zero. Two films approaching the pore throat from different
directions would collapse into one.
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Chapter 3
Surfactant selection for low temperature,
low salinity carbonate reservoir

This chapter describes the experiments that were performed to select a surfactant
formulation to be employed in a constant salinity flood in a carbonate reservoir at low
temperature (25 °C – 30 °C) and low salinity (~ 11,000 ppm TDS; ~ 1,700 ppm TH)
conditions, to improve oil recovery by reducing Interfacial Tension (IFT) between the
aqueous and oil phases.
About 60% of the world’s reservoirs are carbonates, many of which are naturally
fractured and with wettability in the range of oil-wet to mixed wet. Fractured oil-wet
carbonate reservoirs tend to have a high percentage of Original Oil In Place (OOIP) after
water flooding because, the injected fluids flow predominantly in the high permeability
fractures, while most of the oil remains trapped in the low permeability matrix by
capillary forces. Surfactants can reduce these capillary forces and displace the oil out of
the matrix by either reducing the brine-oil IFT to ultra-low values (< 10-3 mN/m) and/or
by altering the wettability of the rock to being preferentially water-wet. However, to
achieve this, a surfactant or surfactant blend has to be tailored to the specific reservoir
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conditions: temperature, salinity (Total Dissolved Solids (TDS), Total Hardness (TH)),
and crude oil. Enhanced Oil Recovery (EOR) in carbonate reservoirs with the use of
surfactants has previously been demonstrated in both laboratory (Standnes & Austad
2003; Hirasaki & Zhang 2004; Lu et al. 2012) and field studies (Chen et al. 2001; Rilian
et al. 2010).
Some of the desirable characteristics of a surfactant flood in a fractured carbonate
reservoir are: ultra-low brine-oil IFT, wettability alteration of the rock material from oilwet to water-wet state, stable solutions of the surfactant in injection and reservoir brine,
tolerance to divalent ions, thermal stability, absence of generation of viscous phases or
emulsions, low surfactant retention by adsorption and phase trapping, mobility control for
improved distribution of injected fluids in the fracture network, and easy separation of oil
from the produced emulsion. Surfactant selection in this study was done to satisfy many
of these criteria with a primary focus on IFT reduction. Wettability alteration, mobility
control and emulsion separation were not addressed in this study.
For a given set of conditions (temperature, oil type, etc), surfactants may achieve
ultra-low IFT only in a range of salinity around optimal salinity, which is the salinity at
which IFT is the lowest. Surfactant screening process thus involves finding a surfactant
or surfactant blend whose optimal salinity is close to the reservoir salinity at the specified
conditions. Anionic, cationic and nonionic surfactants have all been used in the past for
IFT reduction. Non-ionics by themselves do not perform as well as anionic surfactants do
in reducing IFT (Green & Willhite). However, they have good salinity tolerance and have
been used as co-surfactants to anionics. Anionic surfactants have been used extensively
in EOR, and are available in a wide range. They have been studied the most since EOR
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research in the early days was targeted mainly for sandstone reservoirs, and anionics have
low adsorption on sandstone. Adsorption of anionics on carbonates can be high, but the
use of sodium carbonate can reduce adsorption (Seethepalli et al. 2004; Hirasaki & Zhang
2004). Cationic surfactants are better suited for carbonates in terms of lower adsorption
but are usually expensive. This study was restricted to evaluating anionic surfactants.
Among anionics, petroleum sulfates/sulfonates and alkyl/aryl sulfates/sulfonates
exhibit low optimal salinities at room temperature. But these surfactants have very poor
divalent ion tolerance both in terms of low solubility as well a strong dependence of
optimal salinity on surfactant concentration for divalent ion containing brines (Glover et
al. 1979; Hirasaki 1982). Availability of Internal Olefin Sulfonate (IOS) with a long
hydrocarbon chain (more lipophilic) that will be required for low salinity low temperature
conditions is limited, and moreover, IOSs by themselves have very poor divalent ion
tolerance (Liu et al. 2008). Alpha Olefin Sulfonates (AOS) are similar to IOSs and have
similar disadvantages. Addition of Propylene Oxide (PO) and Ethylene Oxide (EO)
groups to surfactants has shown to improve the divalent ion tolerance of surfactants. They
also have shown to improve oil solubilization (which is an indicator of low IFT) because
their intermediately polar nature is argued to enable a more gradual transition from oil to
water phase at the surfactant interface (Witthayapanyanon et al. 2010). Alkyl Propoxy
Sulfate (APS) and Alkyl Ethoxy Sulfate (AES) fall in this category of surfactants. APSs
have shown to exhibit improved performance in terms of aqueous solubility and avoiding
liquid crystal, gel or viscous phases when they are blended with IOSs (Aoudia et al.
1995; Liu et al. 2008; Levitt et al. 2009; Barnes et al. 2010). However, the optimal
salinities or temperatures reported for the surfactants in these studies are higher than
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those of this work. Some of these studies have also included alcohol to reduce formation
of viscous phases and decrease equilibration time. Alcohol can have a detrimental effect
on oil solubilization parameter (Salter 1977), and may partition between the different
phases leading to chromatographic separation and dependence of optimal salinity on
surfactant concentration. Moreover, since alcohol has been shown to have an adverse
effect on foam stability, and inclusion of a foamer at a later stage of this project for
improving the mobility control of the surfactant flood was being considered, an alcohol
free formulation was sought after in the current study.

Successful development of

alcohol-free surfactant formulations for low IFT EOR process has been demonstrated
before (Maerker & Gale 1992; Liu et al. 2008). In the current study, viscosity
measurement of the equilibrium phases was made to confirm the absence of viscous
phases in the interested range of conditions.
In a vast majority of studies of surfactant systems evaluated with crude oil, dead
oil is used instead of live oil due to ease of handling dead oil. However, since surfactant
optimal salinity is sensitive to the type of hydrocarbon phase, it is important to know the
effect of solution gas in altering the optimal salinity of dead oil. A few studies have
reported the effect of pressure and solution gas, mainly methane, on surfactant phase
behavior. The effect of pressure alone has been shown to slightly increase the optimal
salinity (Skauge & Fotland 1990; Austad & Strand 1996; Roshanfekr et al. 2012), while
addition of methane has been shown to decrease the optimal salinity (Nelson 1983;
Puerto & Reed 1983; Roshanfekr et al. 2012; Southwick et al. 2012; Jang et al. 2014). In
this study, the effect of methane, ethane, carbon dioxide, and a mixture of hydrocarbon
gases on surfactant optimal salinity has been evaluated.
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This chapter discusses the selection of a surfactant formulation based on
surfactant phase behavior evaluations made with dead crude oil at 25 °C. For the selected
formulation, viscosity of phases was measured to ensure absence of undesirable high
viscosity phases, and adsorption on limestone as well as reservoir core material was
evaluated to ensure that it was in an acceptable range. Finally, the effect of solution gas
on the surfactant phase behavior was evaluated to quantify the deviation from the phase
behavior with dead crude oil. These were carried out at 30 °C which was more
representative of the reservoir temperature, because of which the surfactant formulation
selected previously at 25 °C was modified slightly to have an optimal salinity closer to
reservoir salinity. Some of the data presented in this chapter has been published in Sagi et
al. (2013)

3.1. Experimental Procedure
3.1.1. Materials
The list of surfactants used in this work is shown in Table 3.1. Surfactant
concentration is expressed throughout the chapter in wt% defined as the weight (in gm)
of active surfactant material present per 100 ml of the aqueous phase. The composition of
reservoir brine, Brine 1 (BR-1), is given in Table 3.2. When this brine was prepared in
the laboratory, a precipitate was formed. In order to avoid precipitation, the bicarbonate
was replaced with equal moles of chloride, and this brine was called Brine 2 (BR-2).
Either BR-2 or sodium chloride brine was used in the study.
The dead crude oil was centrifuged for 40 minutes at 5,000 rpm. A minute amount
of brown colored phase, suspected to be emulsified oil, separated from the oil. The dead
crude oil had a density of 28.2 ºAPI and viscosity of 22.5 cP at 25 °C. IFT of the dead
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crude oil measured against DI water was 25 mN/m, and against 2 % NaCl was 18 mN/m.
Total Acid Number of the crude oil was 0.80 ± 0.01 mg KOH/g oil.
Surfactant name
Formula
S1
C 16–17 7PO sulfate
S2
C 15–18 internal olefin sulfonate
S3
C 20–24 internal olefin sulfonate
a
TDA –13PO
C 13 13PO sulfate
TDA –13POb
Table 3.1 List of surfactants

Ions (ppm)
Brine 1 (BR-1)
Sodium
3,026
Calcium
271
Magnesium
241
Chloride
4,099
Bicarbonate
2,901
Sulfate
87
Total Dissolved Solids (TDS)
10,625
Table 3.2 Brine composition

Brine 2 (BR-2)
3,026
271
241
5787
0
87
9,412

3.1.2. Phase behavior procedure for dead oil
Aqueous phase (surfactant, brine, DI water) and oil taken in a Water Oil Ratio
(WOR) of ~ 1 were added to a sealed bottom 2 ml or 5 ml glass pipette, and the open end
was then sealed using an oxyacetylene flame torch. The samples were mixed at the test
temperature in a rotating mixer for approximately 24 hours, and were then allowed to
stand to let the phases separate under the action of gravity over a period of one to two
weeks.
3.1.3. Phase behavior procedure for live oil
Live oil phase behavior samples were made in a high-pressure sight cell pressure tested
up to 1,000 psi. For the samples with pure gas, the cell was purged with the gas before a
known volume of dead crude (~ 4 ± 0.5 ml) was added to the cell at 25 ºC. For samples
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Figure 3.1 Experimental setup for live oil-surfactant-brine phase behavior
made with synthetic separator gas the headspace above the dead crude oil that was loaded
in the cell was purged by pressurizing it with the gas to 600 psi, and then releasing the
pressure to atmospheric pressure. The test gas was then introduced into the headspace at
the test pressure, and the cell was rocked to allow the gas to dissolve in the oil. This was
repeated till the pressure remained constant (at the desired pressure) after mixing, at
which point the oil was assumed to be saturated with the gas. The change in the oil
volume was noted. Known volume of surfactant solution (~ 4 ± 0.5 ml) was then
introduced slowly into the cell from the bottom, while bleeding off the excess pressure
from the top. The cell was placed at 30 °C for a day, to allow the contents of the cell to
reach this test temperature. It was then rocked by hand to allow the contents to mix. If the
pressure fell short or exceeded the test pressure (in almost all cases the difference was
within 10 % of the desired pressure), more gas was added or excess gas was purged. The
sample was mixed by rocking the cell multiple times over a period of two to three days,
till the resulting equilibrated phases did not change in volume and appearance. Final
observation of the phases was made after about a week of equilibration. A schematic of
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the procedure is shown in Figure 3.1. Separator gas composition listed in Table 3.3 was
based on reservoir fluid analysis data. All the gases used in these experiments were
obtained from Matheson.
Component
Content (%)
Methane
65.8
Carbon dioxide
10.0
Ethane
8.9
Propane
6.3
Butane
3.9
Iso-butane
2.6
Nitrogen
2.5
Table 3.3 Seperator gas composition
3.1.4. Measurement of viscosity of phases
The viscosity of the equilibrated phases for the surfactant-brine-dead oil phase
behavior samples was measured using a falling sphere viscometer developed by LopezSalinas et al. (2009). A gold-coated stainless steel sphere, 0.774 mm in diameter, was
included in the phase behavior sample pipette before it was sealed. Figure 3.2 shows a
schematic of the viscometer set-up. To measure the viscosity of the phases, the sphere
was picked up to the top of the pipette using a magnet, and then released by removing the
magnet. As the sphere traversed the height of the sample, four magnetic sensors
surrounding the pipette placed at different heights recorded the time at which the sphere
passed through them. Based on the transit time of the sphere through each section
between a pair of sensors, the average viscosity of the phase(s) in that section was
computed. The height of each section was ~ 4.5 cm.
The viscometer software computes the viscosity as described below. Based on the
height of the section and the time taken for the sphere to travel that section, the terminal
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velocity of the sphere through that fluid was calculated. With this terminal velocity,
density of the fluids and the sphere, and the diameter of the sphere, the drag coefficient
for a sphere falling through a Newtonian fluid was computed. Using the Turton
Levenspiel correlation, which correlates the drag coefficient to the Reynolds number
(NRe) valid up to a NRe of 800, NRe was calculated. The viscosity of the fluid was then
calculated from the definition of NRe. The equations for these and discussion on transient
times before reaching terminal velocity are given in detail in Lopez-Salinas et al. (2009).

Figure 3.2 Schematic of the falling sphere viscometer
[modified from Lopez-Salinas et al. (2009)]
3.1.5. Dynamic adsorption tests
Dynamic adsorption measurements were performed in a limestone sandpack and
in reservoir dolomite cores. The sandpack was prepared by dry sieving limestone sand,
washing the 20 - 40 mesh fraction with water to remove the fines, and drying it in the
oven before packing it compactly into a glass column. The reservoir dolomite cores were
cleaned with toluene, tetrahydrofuran and chloroform, and then dried. These cores were
placed in a rubber sleeve in a coreholder, and an overburden pressure of ~ 1,000 psi was
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applied with water. Air was vacuumed out of the core under a vacuum of ~ 28 - 29 in.
Hg. Pore volume was measured by saturating the core/sandpack with brine under
vacuum. Surfactant solution containing non-adsorbing bromide tracer (chlroide in the
brine replaced by an equimolar amount of bromide) was passed through the
core/sandpack at a fixed injection rate for several pore volumes. Bromide concentration
in the effluent was measured using a bromide electrode and the effluent surfactant
concentration was measured by Epton two-phase titration against Hyamine with
methylene blue indicator. The pressure drop across the core/sandpack was monitored
using a pressure transducer. In one of the experiments with the reservoir core a 2 µm
inline filter was used to filter the solution being injected into the core.

3.2. Criteria for determination of optimal salinity
The classical Winsor type phase behavior of anionic surfactants involves
transition from an oil in water (o/w) microemulsion in equilibrium with an excess oil
phase at low salinities, called Type I system, to an oil-water bi-continuous microemulsion
in equilibrium with excess brine and oil phases at intermediate salinities, called Type III
system, to a water in oil (w/o) microemulsion in equilibrium with an excess brine phase,
called a Type II system. The ratio of the amount of oil and water in the microemulsion
phase to the amount of surfactant in that phase is referred to as the solubilization
parameter, σo, σw respectively. The amount of oil and water in the microemulsion phase is
calculated based on the change in the height of the interface between the various phases
after sample equilibration compared to their initial heights, and assuming that the excess
oil and brine phases do not contain any water or oil respectively. In calculating the
solubilization parameters, all the surfactant is assumed to be in the microemulsion phase.
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σo increases with increasing salinity in Type I and Type III region, and reaches its
maximum value in Type II region. σw is maximum in Type I region, and decreases with
increasing salinity in the Type III and Type II region.
For a surfactant system showing the classical Winsor type phase transitions with
changing salinity, the optimal salinity is determined as the salinity at which solubilization
parameters σo, σw are equal, as this corresponds to a minimum in the IFT (Healy et al.
1976). This occurs in the Type III region. In almost all the surfactant phase behavior
scans with crude oil reported in this study, non-classical phase behavior was observed in
that a Type III system was not observed, and in some cases the oil solubilization
parameter in the Type I region initially increased and then decreased with increasing
salinity. This is discussed further in Chapter 3. For such a non-classical system the
optimal salinity was defined based on the following criteria:
1. In salinity scans of ~ 0.1 BR-2 or 0.2 % NaCl salinity intervals, optimal salinity
was selected as the salinity of the last Type I sample before inversion to Type II.
For salinity intervals coarser than 0.1 BR-2 or 0.2 % NaCl, optimal salinity was
selected as the mid-point salinity of the interval at which transition from Type I to
Type II was observed.
2. If σo in Type I region first increases and then decreases with increasing salinity
before reaching a clear inversion to Type II, then the optimal salinity is taken as the
salinity where the maximum value of σo, was measured. For salinities beyond this
maximum, surfactant may partition into the oil (discussed further in Chapter 3).
Solublization parameter greater than 10 corresponds to ultra-low IFT based on
Huh’s correlation (Huh 1979). In this study solubilization parameter was used as an
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indicator of IFT reduction, and no IFT measurements were made for any of the surfactant
systems discussed. The effectiveness of the surfactant formulation selected on this basis
in improving oil recovery was confirmed by imbibition tests performed at our
collaborators’ lab (discussed in Sagi et al. 2013).
It is desirable to not be in the Type II region when the surfactant is injected in the
reservoir since the surfactant partitions into the oil phase, all of which may not be
displaced (residual oil saturation) resulting in retardation of the surfactant front.

3.3. Evaluation of surfactant phase behavior with dead oil
Previously, NI blend (S1/S2 80:20) (Liu, 2008) showed good divalent ion
tolerance and IFT reduction with a West Texas crude oil similar to the one used in this
study, and for low temperature conditions. However, this was designed for an Alkali
Surfactant Process (ASP), where the alkali extracts the soap from the crude oil. The soap
has a lower optimal salinity than the surfactant blend and decreases the optimal salinity of
the system depending on the soap to surfactant ratio. The optimal salinity of the NI blend
in the absence of soap was ~ 5 % NaCl + 1 % Na2CO3, which was much higher than the
desired salinity of this study. Due to the presence of CO2 at 600 psi from CO2 injection in
the reservoir of interest, Na2CO3 could not be used as an alkali in the current formulation,
since it would get converted to NaHCO3, which was found not to be as effective in
generating soap. Moreover, both Na2CO3 and NaHCO3 will precipitate in the presence of
calcium.
Since the reservoir salinity is so far from the optimal salinity of the NI blend, and
the IFT cannot be reduced to the ultra low values under such a condition, S2 was replaced
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by a more lipophilic IOS, S3, to reduce the optimal salinity of the blend. The NaCl
salinity scan of S1/S3 4:1 blend at 1 wt% concentration is shown in the picture in Figure
3.3. The optimal salinity of the blend was determined to be between 4 – 4.5 % NaCl. To
reduce the optimal salinity further, the content of S3 in the blend was increased. A 1:1
blend of S1/S3 at 2 wt% concentration had an optimal salinity between 3.5 – 4 % NaCl.
The optimal salinity of S1 – S3 blend as a function of the blend ratio is shown in Figure
3.3, and it decreases with increasing fraction of S3. The optimal salinity of this blend in
all ratios was still higher than the reservoir salinity.

Figure 3.3 Phase behavior of 1 wt% S1/S3 4:1 (left) and optimal salinity of
S1/S3 blend as a function of S3 content (right)
An IOS with a hydrophobe size bigger than S3 was not available to work with S1.
So, TDA-13PO, a surfactant that is more lipophilic than S1 was selected. Two versions of
this surfactant TDA-13POa and TDA-13POb, which were made from different feedstock,
were evaluated. TDA-13POb had an optimal salinity between 1 - 2 % NaCl as was

52
determined by a coarse salinity scan (1 % salinity increments). Based on this, a salinity
scan with simulated reservoir brine, BR-2 was carried out with smaller salinity
increments. This scan is shown in Figure 3.4. A Type I microemulsion exists up to 1 BR2, but the oil/microemulsion interface drops after 0.8 BR-2. In accordance with the
criteria given in Section 0, optimal salinity is taken as 0.8 BR-2. Salinity scans of TDA
13-POa are shown in Figure 3.5 and Figure 3.6. In Figure 3.5 salinity scans at different
surfactant concentrations of 0.25 wt%, 0.5 wt% and 4 wt% are shown. The optimal
salinity was 1.4 BR-2 at 4 wt% surfactant concentration and was reduced to 1.2 BR-2 and
1.3 BR-2 at 0.5 wt% and 0.25 wt%.

Figure 3.4 Phase behavior of 2 wt% TDA- 13 POb
The oil solubilization parameter σo at BR-2 salinity which corresponds to the
reservoir salinity was measured to be greater than 8. This should correspond to an IFT
value of ~ 5×10-3 mN/m, calculated using Huh’s correlation, with 0.3 as the constant
(Huh 1979). Based on this, this surfactant was selected for evaluation of its performance
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in imbibition tests. These tests were conducted at a collaborators’ lab, and showed that
this surfactant was able to recover > 75 % residual oil left behind after brine imbibition
(Sagi et al. 2013) at surfactant concentrations of 0.5 wt% and 1 wt%.

(a)
4wt%

(b)
0.5wt%

(c)
0.25wt%

1

1.1 1.2 1.3 1.4 1.5 1.6 1.7 1.8
Salinity (multiples of Br2)

Figure 3.5 Phase behavior of TDA- 13 POa (credit: Maura Puerto)
Figure 3.6 shows another set of salinity scans of TDA-13POa. The salinity scan
for 1 wt% TDA-13POa after one week of equilibration was determined to be at ~ 1.1 BR2, at salinities after which the level of the o/microemulsion interface drops, and at ~ 0.84
BR-2 (or below – out of range of the scan shown) for 0.5 wt% surfactant concentration.
The drop in interface level with increasing salinity in the salinity range of 1.05 – 1.25
BR-2 is apparent in the current scan at 0.5 wt% surfactant concentration but not in the
earlier scan (Figure 3.5) at the same concentration discussed previously. The reason for
this could be that, because of the smaller sample volume in the previous scan (2 ml

54
instead of 5 ml as in the current scan), the variation in interface level was harder to
discern in the previous scan. The reasons for this behavior are discussed in detail in
Chapter 4.

Figure 3.6 Phase behavior of TDA- 13 POa

3.4. Viscosity of phases for TDA-13PO
The viscosity of the phases of 0.5 wt% TDA-13POa salinity scan (Figure 3.6) was
measured using a falling sphere viscometer. The upper phase (excess oil or w/o
microemulsion), lower phase (excess brine or o/w microemulsion), and middle section
(upper phase + lower phase + macroemulsion/third phase at interface if present) were
measured, and the viscosity as a function of salinity is shown in Figure 3.7.
The upper phase viscosity remained close to that of crude oil viscosity over the
range of salinity measured. The viscosity of o/w microemulsion was between 2 cP and 3
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cP for salinities between 0.84 BR-2 and 1.15 BR-2. For 1.36 BR-2 and 1.47 BR-2, the
lower phase looked like clear brine, and the viscosity was expected to be close to that of
brine, ~ 1 cP, but the measured value was higher. This could be because emulsion (from
the middle section) was observed to be sticking to the sphere as it dropped through the
brine phase. Of importance is the average viscosity of the middle section, which
increased with salinity. The high average viscosities (100 - 300 cP) for 1.36 BR-2 and
1.47 BR-2 were a result of the macroemulsion phase present at the oil/water interface of
these samples. The actual viscosities of these macroemulsion phases would be much
higher than the average viscosity of the middle section when the thicknesses of these
phases are taken into account. Generation of these viscous macroemulsions away from
optimum makes it undesirable to operate in this region when designing a surfactant flood.
At reservoir salinity (1 BR-2), no viscous phases were observed.

Figure 3.7 Viscosity of phases TDA- 13 POa (16d = 16 days equilibraiton)
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3.5. Dynamic adsorption measurement
Three dynamic adsorption experiments were performed to estimate the adsorption
of TDA-13POa on carbonate material at 25 °C. The adsorption data was fit to the
analytical solution (Equation 3.1) of a one-dimensional flow, linear adsorption isotherm
model for dynamic adsorption.

C = erfc (η )

3.1

tD
1+ β
η=
tD
2
Pe (1+ β )

3.2

1−

Pe =

Lv
;
Kl

β=

Cs (1− φ )
=
ρ Skads ;
Cl
φ

tD = pore volume throughput

where, L is the length of the core, v is the interstitial velocity, Kl is the diffusion
coefficient, φ is the porosity, ρ is the density of the solid, S is the surface area, kads is
the slope of the adsorption isotherm, Cs is the surfactant concentration on the solid, Cl is
the surfactant concentration in the liquid.

Pe was determined by fitting the bromide tracer data using β = 0 since the tracer
is non-adsorbing. Using this Pe the value of β for which the best fit of the model to the
surfactant effluent data was determined. kads was then calculated from this β , and in turn
the adsorption for the given inlet concentration.
Table 3.4 summarizes the experimental parameters and calculated adsorption for
the three dynamic adsorption experiments that were carried out. The first experiment was
in a limestone sandpack, while the latter two were in reservoir cores. Figure 3.8 - Figure
3.10. show the normalized effluent concentration (normalized by the inlet concentration)
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of the bromide tracer and surfactant plotted as a function of the pore volumes produced.
The adsorption on limestone sand computed by fitting the experimental data of Figure 3.8
to the model was found to be 0.29 mg/g sand. By assuming that the adsorption of the
surfactant per unit surface area on the limestone and reservoir core material are equal,
and by using the measured BET surface areas of the sand (~ 0.36 m2/g) and reservoir
rock (~ 0.16 m2/g), the equivalent adsorption on reservoir rock was estimated to be 0.13
mg/g. This is much lower than the static adsorption value of ~ 0.34 mg/g rock (measured
by Yu Bian, reported in (Sagi et al. 2013)), possibly because the flow rate was too fast to
achieve equilibrium adsorption. The residence time was ~ 6 hr, which is one-fourth the
equilibration time for the static adsorption experiment, ~ 24 hr. For the same reason a
drop in effluent surfactant concentration at ~ 1.7 PV in the dynamic adsorption
experiment in the 6 mD reservoir core (Figure 3.9) was observed when the experiment
was shut in for a day. For this experiment, model fits were made for the data before and

Parameters
Diameter (cm)
Length (cm)
Pore volume (ml)
Porosity (%)
Permeability (mD)
Injection solution

Sandpack
3.8
28.0
72
22.5
1.02×105
0.5 wt%
TDS-13POa
+ 1000ppm Br12
0.83
6
0.36
0.19±0.005

Core 1
Core 2
3.8
3.8
10.0
14.9
12
30
10.5
17.7
6
15
0.5 wt%
0.5 wt%
TDS-13POa
TDS-13POa
+ 1000ppm Br- + 1000ppm BrFlow rate (ml/h)
2
1
Superficial velocity (ft/D)
0.14
0.07
Residence time (hr)
6
30
Surface area (m2/g)
0.16
0.16
β
0.31±0.03;
0.7±0.1
1.3±0.05
Adsorption (mg/g
0.127±0.003
0.063±0.006
0.260±0.037
reservoir rock)
0.263±0.010
Table 3.4 Summary of dynamic adsorption experiments
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after the shut-in, although the latter fit was only made as an approximation and the model
is not truly applicable for that case. The two values of adsorption are, ~ 0.06 mg/g rock
and ~ 0.26 mg/g rock.

Figure 3.8 Dynamic adsorption experiment for TDA-13PO in 102 D limestone
sandpack

Figure 3.9 Dynamic adsorption experiment for TDA-13PO in 6 mD reservoir
dolomite core
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Figure 3.10 Dynamic adsorption experiment for TDA-13PO in 15 mD
reservoir dolomite
Figure 3.10 shows the normalized effluent concentrations for dynamic adsorption
in the 15 mD reservoir core, carried out at a much lower flow rate than the previous two
experiments, such that the residence time was ~ 30 hr, to allow for equilibrium adsorption
of the surfactant. The computed value of adsorption for this experiment was ~ 0.26 mg/g
rock. This value is comparable to the static adsorption value of ~ 0.34 mg/g rock.
Note that for the experiments in reservoir cores the effluent surfactant
concentration reached a plateau at ~ 0.8 normalized concentration, and did not reach the
injected concentration. Also, the pressure drop across the core, at a constant flow rate,
increased with increasing pore volumes injected into the core, for both cores. The
pressure history for the 15 mD core is shown in Figure 3.10. The injection solution for
this experiment first passed through a 2 µm filter, and the pressure drop across the filter
remained fairly constant over the time of the experiment. Similarly, the pressure drop for
the 6 mD core increased at least four fold by the end of the experiment. In contrast, the
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pressure drop across the sandpack showed no such increase with pore volumes
throughput. This could be because the permeability of the sandpack is five orders of
magnitude higher than the cores, and any change in permeability that might have
occurred over the short span of the experiment might not have been perceivable. The
increase in the pressure drop across the cores, and the plateauing of surfactant
concentration at 80 % of injected concentration, is an indication of surfactant either
precipitating in the core or getting filtered out there. It is worth mentioning that although
the injection solution was a single phase, it had a mild blue tint (scattering light) which
could indicate presence of large surfactant aggregates, and that these solutions upon
standing for over a period of 6 months to a year separated into two phases.

3.6. Effect of solution gas on surfactant phase behavior
The effect of solution gas on surfactant phase behavior was evaluated at 30 ºC
which was more representative of the reservoir temperature than was room temperature.
Since the optimal salinity of TDA-13PO decreased with an increase in temperature from
25 ºC to 30 ºC, it was blended with a more hydrophilic surfactant S2 to increase the
optimal salinity to close to 1 BR-2. 1 wt% TDA-13PO/S2 90:10 (henceforth referred to
as TS blend) was found to have an optimal salinity of ~ 0.9 BR-2 with dead crude oil
(Figure 3.11). This blend was tested for the effect of solution gas on surfactant-crude oil
phase behavior. The surfactant blend was evaluated with methane, ethane, carbon
dioxide, and separator gas (Table 3.3).
Figure 3.12 - Figure 3.16 show images of samples from surfactant salinity scans
for these gases at different pressures and the phase maps of the equilibrated systems. Two
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pressure cells with different dead volumes and slightly different cross sectional areas
were used for the live oil experiments. These two factors combined with the variation in
the total volume of the phases (~ 8 ± 1 ml) were responsible for the different heights of
the samples in the pressure cells seen in the images referred to above.

Figure 3.11 Phase behavior of TS blend with dead oil
3.6.1. Effect of individual gases
Figure 3.12 shows the surfactant salinity scan for live oil at 600 psi methane. For
the samples at 0.9 BR-2 and 1.1 BR-2, a macroemulsion and excess brine were in
equilibrium with a phase which seemed to be mostly oil, making these Type II systems,
while 0.5 BR-2 and 0.7 BR-2 were classified as Type I systems. The optimal salinity for
this system was determined to be ~ 0.8 ± 0.1 BR-2, the average of the salinity range over
which the transition from Type I to Type II occurred, as the salinity increment was coarse
(Section 3.2).
Figure 3.13 and Figure 3.14 show surfactant salinity scans for live oil at 50 psi
ethane and 95 psi ethane respectively. For the scan at 50 psi, 0.5 BR-2 – 0.7 BR-2 were
Type I systems, while 0.8 BR-2 was a Type II system. The oil solubilization parameter σo

62
at 0.7 BR-2 was calculated to be ~ 13, and this was chosen to be the optimum due to the
high σo. This was the only sample where the change in the level of the oil/microemulsion
interface after equilibration was substantial enough to make a determination of
solubilization parameter. The increased solubilization parameter for the live oil compared
to the dead oil is consistent with similar observations made in the literature (Jang et al.
2014). For the scan at 95 psi ethane, 0.3 BR-2 - 0.5 BR-2 were Type I systems, while 0.6
BR-2 was a Type II system with a w/o microemulsion in equilibrium with a
macroemulsion and excess brine phase. The middle phase in the sample at 0.6 BR-2
could be misinterpreted as a Type III microemulsion, but after careful observation, it was
concluded to be a macroemulsion instead. The optimal salinity for this system was
determined to be ~ 0.5 BR-2.

Figure 3.12 Phase behavior of TS blend with live oil (methane @ 600 psi)
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Figure 3.13 Phase behavior of TS blend with live oil (ethane @ 50 psi)

Figure 3.14 Phase behavior of TS blend with live oil (ethane @ 95 psi)
Figure 3.15 and Figure 3.16 show surfactant salinity scans with live oil at 60 psi
and 600 psi carbon dioxide respectively. For the scan at 60 psi CO2, 0.7 BR-2 and 0.8
BR-2 were Type I systems, while 1 BR-2 was a Type II system. 0.9 BR-2 could be
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Figure 3.15 Phase behavior of TS blend with live oil (CO2 @ 60 psi)
interpreted as a Type I system based on the color of the aqueous phase, but could be
interpreted as a Type II system because the oil/water (o/w) interface seemed to have
moved lower than the initial o/w interface; the optimal salinity would accordingly be 0.9
BR-2 or 0.8 BR-2 respectively. Due to this ambiguity, the optimal salinity was
determined as the average of the two interpretations to be 0.85 ± 0.05 BR2. For the scan
at 600 psi carbon dioxide, 0.2 BR-2 and 0.3 BR-2 were Type I systems while 0.5 BR-2
was a Type II system, with a large macroemulsion layer. Similar to the ambiguity in
interpreting the 0.9 BR-2 sample in the scan 60 psi CO2, classification of 0.4 BR-2
sample in the scan at 600 psi CO2 as a Type I or Type II system was ambiguous; while
the aqueous phase seemed colored making it a Type I, the high intensity of light
transmitted through the aqueous phase at 0.4 BR-2 when observed in a dark room with a
light source from behind the sight cell, made the aqueous phase look like it had much less
oil solubilized (similar to the aqueous phases observed at 1.3 BR-2 and 1.4 BR-2 in the
salinity scan of 0.5wt% TDA-13POb in Figure 3.5). The optimal salinity would
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accordingly be 0.4 BR-2 or 0.3 BR-2 respectively. Due to this ambiguity, the optimal
salinity was taken as calculated as the average of the interpretations to be ~ 0.35 ± 0.05
BR-2.

Figure 3.16 Phase behavior of TS blend with live oil (CO2 @ 600 psi)
SUPERTRAPP was used to calculate the solubility of the gases in the crude oil.
The crude oil was modeled as a petroleum fraction whose boiling point and API gravity
were specified to be the same as that of the crude oil (431 F, 28 °API). The crude oil
composition was known, and the boiling point was calculated as the mole fraction
average of the different components. This solubility data was used to plot optimal salinity
as a function of gas mole fraction in the live crude oil. This and the optimal salinity as a
function of gas pressure are shown in Figure 3.17. It can be seen that for the same mole
fraction of gas in the live oil, ethane had a much larger effect on reducing the optimal
salinity of the dead oil compared to methane by roughly a factor of 4. The difference
would be less if the effect of pressure was taken into account in that for the same mole
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Figure 3.17 Effect of solution gas on TS blend optimal salinity
fraction of the two gases in the crude oil, methane was at a much higher pressure than
was ethane, and the increase in pressure would increase the optimal salinity as discussed
in the introduction of this chapter. However, the increase in optimal salinity for a pressure
of 600 psi can be expected to be very minimal (Roshanfekr et al. 2012; Jang et al. 2014),
and will not account for the difference between the two gases. Roshanfekr and coworkers, with the same surfactant system (blend ratio not specified) found that with
increase in pressure from atmospheric pressure to 1,000 psi, the dead oil optimal salinity
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increased from 2.25 % TDS to 2.29 % TDS. Jang and co-wokers noted only a 1%
increase in the optimal salinity for a 1,000 psi increase in the system pressure. To
eliminate the pressure dependence in comparing the gases, the ethane phase behavior
sample will have to be pressurized to the same pressure as that of methane using a gas
that has very low solubility in the crude oil. By comparing methane and carbon dioxide,
both of which have measurements made at 600 psi, it can be seen that the latter reduces
the optimal salinity to a greater extent than the former; by a factor of ~ 1.6 on a mole
fraction basis.
3.6.2. Effect of separator gas (mixture of gases)

Figure 3.18 Phase behavior of TS blend with live oil (seperator gas @ 600 psi)
Figure 3.18 shows the surfactant salinity scan for live oil at 600 psi separator gas
(composition provided in Table 3.3). The sample at 0.3 BR-2 was prepared by diluting
the sample at 0.35 BR-2 with 1 wt% surfactant in DI water. The 0.5 BR-2 sample was a
Type II system with a w/o microemulsion in equilibrium with a macroemulsion. Samples
at 0.2 BR-2 – 0.35 BR-2 appeared to be Type I systems; although, with increasing
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salinity, the intensity of color of the lower phase microemulsion decreased from 0.25 BR2 to 0.35 BR-2, which could indicate a decreasing amount of oil solubilized. Optimal
salinity would be ~ 0.425 ± 0.075 BR-2 based on the transition from Type I to Type II, or
~ 0.25 BR-2 based on decreasing intensity of color in the lower phase. Accordingly, the
optimal salinity of the live oil is 50 % - 70 % less than the optimal salinity of the dead oil.
This result indicates that at the same pressure, separator gas decreased the optimal
salinity to a greater extent than methane. This will be discussed further in the following
paragraphs.
The live oil composition for the separator gas experiment was determined using
SUPERTRAPP, by doing a flash calculation based on the volume of the pressure cell, gas
composition, amount of gas and oil added to the cell, to have a system at a final pressure
of 600 psi. The mole fraction of the different gases dissolved in the crude oil determined
by this method is shown in Figure 3.19. The total mole fraction of the gases dissolved in
the live oil was estimated to be 0.27. The optimal salinity with separator gas as a function
of gas pressure and gas mole fraction is shown in Figure 3.17 in comparison to the other
gases that have been evaluated. Based on the slope of the optimal salinity vs. mole
fraction of dissolved gas plot, it can be concluded that the separator gas reduces the
optimal salinity to a greater extent than does methane on a mole fraction basis. This
implies that the gases other than methane in the separator gas decreased the optimal
salinity to a greater extent than methane. This is in agreement with the observation made
in the previous section that both ethane and carbon dioxide decreased optimal salinity to a
greater extent than methane on a mole fraction basis.
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Figure 3.19 compares the live oil of the separator gas experiment to the desired
composition of the reconstituted live oil. It can be seen that the former had a greater
amount of C2 – C4 components. This enrichment was a result of the method employed in
the preparation of live oil in the experiment. This implies that the decrease in optimal
salinity for the desired reconstituted live oil would not be as much as was observed in the
separator gas experiment. The correct method to prepare reconstituted live oil would be
to take the separator gas and dead crude oil in a certain ratio (which depends on the
solution gas oil ratio) and pressurize it to 600 psi to dissolve all the gas in the oil.
However, this was not done, as the solution gas oil ratio for the separator gas was not
available. Note that the method of live oil preparation does not affect the live oil
experiments with pure gases.

Figure 3.19 Comparison of the live oil composition in the experiment to the
actual composition of reconstituted oil that was required.
To estimate what the optimal salinity of the reconstituted crude oil would have
been, a calculation was done making certain assumptions. These calculations are
summarized in Table 3.5. The assumptions behind the calculation are: (1) The optimal
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salinity of the live oil is a linear function of the mole fraction of gas dissolved in it as
shown in Figure 3.17 (only within the range of mole fractions that have been tested in the
experiments); (2) The effect of the different gases on the optimal salinity is not changed
by the presence of other gases in the crude oil; (3) The decrease in optimal salinity caused
by each gas is additive as shown in equation 3.3.
n

SLO = SDO − ∑ xi ∆Si

3.3

i=1

where, SLO is the optimal salinity of the live oil, SDO is the optimal salinity of the
dead oil, xi is the mole fraction of the i-th gas component in the live oil, ∆Si is the
magnitude of the decrease in the optimal salinity from that of the dead oil caused per
mole fraction of the gas component, and n is the total number of gas components
dissolved in the live oil.
Component

∆Si
(BR-2/mol frac.)

Methane
-0.749
Ethane
-2.969
Propane +
Butane
-2.5/-4.0
Carbon dioxide
-1.208
Total

Live oil used in exp.
Mol frac
xi ∆Si
xi
(BR-2)
0.096
-0.072
0.037
-0.110
-0.261/
0.104
-0.416
0.033
-0.040
-0.48/
0.271
-0.64
0.42/0.26 BR-2

Live oil as desired
Mol frac
xi ∆Si
xi
(BR-2)
0.107
-0.080
0.016
-0.048
-0.125/
0.050
-0.2
0.017
-0.020
-0.27/
0.190
-0.35
0.63/0.55 BR-2

Optimal salinity SLO
Table 3.5 Estimation of optimal salinity of reconstituted live oil of desired
composition (two alternate assumptions for effect of propane + butane)

The effect of propane and butane was not known, as these were not measured
experimentally. For the purpose of this calculation, these gases were considered together
as one, and the decrease in optimal salinity per mole fraction of dissolved gas was
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assumed to be 2.5 BR2/mole frac. or 4 BR-2/mole frac., so that the optimal salinity
calculated using equation 3, matched the optimal salinity for the separator gas live oil
determined experimentally, ~ 0.425 BR-2 or ~ 0.25 BR-2 (two alternative interpretations
of the optimal salinity were made as discussed earlier). The optimal salinity of the
reconstituted oil of the desired composition calculated using equation 3 was ~ 0.63 BR-2
or ~ 0.55 BR-2. This implies that the optimal salinity of the live oil could be 30 - 39 %
lower than the optimal salinity of the dead oil.

Figure 3.20 Optimal salinity as a function of EACN of live crude oil
for 0.1 mole fraction of dissolved gas
The Equivalent Alkane Carbon Number (EACN) of an oil is calculated as the
mole fraction average of the ACN of the various components of the oil. Accordingly, the
EACN of the live oil with dissolved methane (ACN = 1) is lower than that with dissolved
ethane (ACN = 2), which in turn is lower than that with dissolved propane (ACN = 3)
and butane (ACN = 4), for the same mole fraction of gas dissolved in the oil. Based on
the experimental observations (for methane and ethane), and inferred data (for propane
and butane) in the current study, optimal salinity of the oil initially decreases with
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decreasing EACN and then increases with further decrease in EACN, assuming the same
mole fraction of dissolved gas. An illustration of this for the case of 0.1 mole fraction of
dissolved gas is shown in Figure 3.20, where x is the EACN of the dead oil. Since two
interpretations of the effect of propane and butane in decreasing optimal salinity were
made as discussed previously, these are accordingly reflected in the figure. This is
qualitatively similar to the trend reported for the homologous series of n-alkanes by
Puerto & Reed (1983) who observed that the optimal salinity decreased with decreasing
ACN till about pentane/hexane (ACN = 5/6), and then increased with further decrease in
ACN.

3.7. Summary and conclusions
An alcohol free surfactant formulation was identified for application in a low-IFT
oil recovery in carbonates at low salinity (~11,000 ppm TDS) and low temperature
condition (25 °C). For these conditions, a very lipophilic surfactant, TDA-13PO, tridecyl
alcohol 13 propoxy sulfate was required. This surfactant had an oil solubilization
parameter of about 8 at reservoir salinity (1 BR-2), which was indicative of IFT of about
5×10-3 mN/m, calculated using Huh’s correlation (Huh 1979). The effectiveness of this
formulation was substantiated by an oil recovery of greater than 75 % in imbibition tests
reported else where (in Sagi et al. 2013). The adsorption of this surfactant on reservoir
rock measured by dynamic adsorption experiment at a rate slow enough to ensure
equilibrium adsorption was about 0.26 mg/g rock, which was comparable to the static
adsorption value of about 0.34 mg/g rock reported elsewhere for the same system (Sagi et
al. 2013). However, the injectivity of the surfactant solution in low permeability media (6
– 15 mD) was decreased after a few pore volumes of injection, indicating plugging.
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The effect on solution gas on surfactant phase behavior was evaluated. These tests
were carried out at 30 °C which was more representative of the reservoir temperature.
However, at this temperature TDA-13PO had to be blended with S2 in a 90:10 ratio (TS
blend) to have an optimal salinity closer to reservoir salinity. The optimal salinity of the
TS blend with live oil was estimated to be 30 – 39 % less than the optimal salinity with
dead oil. The implication of this to the use these surfactants in a constant salinity flood is
that the ratio of S2, which is the more hydrophilic surfactant in the blend should be
increased in order to increase the optimal salinity of the surfactant formulation closer to
the reservoir salinity and have a Type I or Type III system at this salinity.
The effect of different gases on live oil phase behavior was evaluated and
reported here for the first time. It was found that for the same mole fraction of gas in the
crude oil, ethane had a much larger effect on reducing the optimal salinity compared to
methane by a factor of about 4, which would be less if effect of pressure was taken into
account, although the effect or pressure at 600 psi was expected to be very minimal.
Carbon dioxide as well was more effective than methane in reducing optimal salinity by a
factor of about 1.6. The same observation was validated in the surfactant salinity scan
with separator gas, in which the decrease in optimal salinity was about 1.76 – 2.41 BR2/mole fraction compared to about 0.75 BR-2/mole fraction for the methane only
experiment at the same pressure. Live oil prepared by pressurizing dead crude oil with
only methane to reservoir pressure as has been used in previous studies may not be
sufficient to represent reservoir live crude oil because of two reasons: (1) the mole
fraction of gases in the reservoir crude oil will be greater than the mole fraction of
methane dissolved in the crude oil when only methane is used to make live oil at
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reservoir pressure, (2) gases other than methane in the live crude oil have a greater effect
in reducing optimal salinity than methane; so even though these may be present in a
lower quantity than methane, their contribution to decreasing the optimal salinity cannot
be neglected.
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Chapter 4
Non-classical phase behavior and
“apparent” surfactant partitioning

The objective of this chapter was to investigate the reason for the non-classical
phase behavior exhibited by the Tridecyl alcohol 13 Propoxy Sulfate (TDA-13PO) crude
oil system described in Chapter 3.
Classical Winsor type phase behavior comprises of a transition from an oil-inwater (o/w) microemulsion in equilibrium with an excess oil phase, to a middle phase
bicontinuous microemulsion in equilibrium with excess brine and oil phases, to a waterin-oil (w/o) microemulsion in equilibrium with excess brine phase, referred to as Type I,
Type III and Type II systems respectively. These transitions are brought about by a
change in a particular system parameter like salinity, temperature, oil Alkane Carbon
Number (ACN), or any other parameter that alters the hydrophilicity/lipophilicity of the
system. The volume of oil/water to the volume of surfactant in the microemulsion phase
is called the solubilization parameter (σo/σw). σo increases in the Type I region into the
Type III region, and reaches its maximum and stays constant in the Type II region.
Conversely, σw is maximum and constant in the Type I region, decreases in the Type III
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region and into the Type II region. The point in the Type III region where σo and σw are
equal corresponds to a minima in the Interfacial Tension (IFT) between the
microemulsion and excess phases (Healy et al. 1976), and higher the σ lower the IFT
(Huh 1979). It is due to this reason that the identification of the conditions at which a
Type III exists and measuring σ are of interest when a surfactant-brine-oil system is being
studied for designing a low IFT surfactant flood.
Almost in all phase behavior scans discussed in Chapter 3 and the ones reported
elsewhere (Barnes et al. 2010), a Type III system was not observed. Moreover, in some
of these cases described in Chapter 3, σo appeared to reach a peak in the Type I region
and reduce after that with a further increase in salinity, before transitioning into the Type
II region. This behavior is contrary to the classical Winsor phase behavior, and has been
reported previously as well (Maerker & Gale 1992). In some other cases, where pictures
of the surfactant phase behavior with crude oil have been provided in the literature, the
interpretation of a third phase between the oil and water phases as a Type III appears to
be questionable, and these systems too appear to show a Type I

Type II transition.

When a Type III system is not observed in a salinity scan (or any other parameter
scan) at equilibrium, some of the possible reasons could be: (1) the salinity range of the
Type III region could be narrow compared to the salinity (or parameter) increments of the
scan, (2) the surfactant concentration could be too low for a sizeable middle phase
microemulsion to form, or (3) a liquid crystalline phase could be present instead of a
microemulsion phase. Generally speaking, the width of the Type III region depends on
the system. For conventional anionic surfactants like alkylbenzene sulfonates, alpha
olefin sulfonates, and others, the width of the Type III region increased and solubilization
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parameter decreased, with increasing ACN. However, exceptions to this trend have been
reported for alcohol ethoxy (EO) sulfonates (Abe et al. 1986) for which the width of the
Type III region stayed constant with increasing ACN while the solubilization parameter
decreased, and for an alcohol Propoxy (PO) sulfate (Witthayapanyanon et al. 2010) for
which the solubilization parameter stayed constant with increasing ACN. Presence of
liquid crystalline phases along with or in the place of a Type III microemulsion has been
previously reported (Hackett & Miller 1988; Kegel & Lekkerkerker 1993).
Some studies with triglycerides have reported the absence of a seperated Type III
microemulsion phase due to the presence of stable macroemulsions or liquid crystalline
phases in that region with alochol PO sulfates (Do et al. 2008), and triblock nonionic
ethoxy – propoxy surfactants (Huang et al. 2004). This was found to be the case
particularly at lower temperatures and lower alcohol content in the system. Also, increase
in required time for equilibration with increasing PO chain length has been reported
(Witthayapanyanon et al. 2010).
To explain the observed decrease in σo with increasing salinity in the Type I
region after reaching a maxima, the following hypothesis was developed: (1) in this
region, the surfactant was probably partitioning between the aqueous and oil phases,
resulting in less solubilized oil in the lower phase microemulsion, which leads to a
decrease in the calculated σo, since it is calculated assuming that all the surfactant is in
the microemulsion phase (in this case, Type I microemulsion phase), and (2) the reason
for the surfactant partitioning is that the more lipophilic species of the polydisperse
commercial surfactant (wide distribution of PO chain lengths) are partitioning
preferentially into the oil phase. Partitioning of nonionics with a distribution of EO chain
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lengths has been previously reported (Graciaa et al. 1983; Márquez et al. 2003), with the
low EO species (more lipophilic) partitioning preferentially into the oil phase compared
to the high EO species. However, it was not observed for anionic surfactants (Wade et al.
1978; Koukounis et al. 1983), except for when the surfactant was a mixture
monosulfonates and disulfonates.
Towards testing the above-mentioned hypothesis, the lower phases of the TDA13PO phase behavior scan with crude oil were analyzed by potentiometric titration and
High Performance Liquid Chromatography (HPLC) to determine the surfactant content
and the species distribution. The observed “apparent” partitioning has been discussed in
the context of equilibration time, emulsion phase behavior, and emulsion stability. Phase
behavior of TDA-xPO (where x = 7, 9, 13) with n-alkanes (octane, decane and dodecane)
was investigated, and the absence of Type III system in some has been discussed in the
context of relative magnitude of surfactant lipophile-lipophile interactions with respect to
the lipophile-oil interactions as a function of lipophile chain length (PO number) and oil
ACN.

4.1. Experimental Procedure
Surfactant–brine–oil phase behavior samples were prepared as described in
Chapter 3. All scans were made at 25 °C. Tridecyl alcohol propoxy sulfate surfactants,
TDA-xPO (x = 7, 9, 13) were used. The brines used were sodium chloride brine and BR2 brine (composition given in Chapter 3). A West-Texas crude oil, octane, decane and
dodecane were the oils used.
The aqueous and oil phases of the phase behavior samples were analyzed for
surfactant by the various methods described in this section. These include Epton two-

79
phase titration, potentiometric titration using a surfactant Ion Selective Electrode (ISE),
and High Performance Liquid Chromatography (HPLC).
4.1.1. Epton two-phase titration
In this method, the anionic surfactant was titrated against Hyamine (cationic
surfactant) with methylene blue indicator, in the presence of aqueous and chloroform
phases. At the start of the titration, the indicator forms an ion pair with the analyte
surfactant, and goes into the chloroform phase making it appear blue in color. Upon
addition of Hyamine, it too makes an ion pair with the analyte surfactant, which goes into
the chloroform phase. Towards the end point, since Hyamine makes a stronger ion pair
with the analyte surfactant than does the methylene blue, the indicator bound to the
surfactant gets released and goes into the aqueous phase and turns it blue in color. The
end point is marked by the same intensity of color in both the phases.
This method has been used for analysis of samples made with colorless
hydrocarbons, but not for those made with crude oil. Crude oil when present even in very
minute amounts caused the chloroform phase in the presence of methylene blue to appear
green in color, instead of blue. As a result of this, determination of the end point was not
possible. This method was used to measure the surfactant concentration in both aqueous
and oil phases for samples made with colorless hydrocarbons.
4.1.2. Potentiometric titration using surfactant ISE
This method was used to measure the concentration of surfactant in the aqueous
phase, even in the presence of a small amount of solubilized oil (including crude oil). A
measured amount of sample (< 1 ml) was diluted with DI water to ~ 60 ml. This was
titrated against Hyamine in an automatic titrator, and the potential of the solution was
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measured as a function of titrant volume using a surfactant ISE procured from Analytical
Sensors and Instruments (12 Series). The point of inflection in the potential curve was
taken as the end point of the titration.
4.1.3. HPLC – gradient elution method
This method of analysis was used for determining the distribution of species of a
polydisperse surfactant. An ACN/DI water gradient elution method in a C18 reversed
phase column (Acclaim 120, #059149) was used to achieve separation of the various
species of the surfactant. An Evaporative Light Scattering Detector (ELSD) was used to
analyze the effluents.
For TDA-13PO, the gradient starting at 40 % ACN was increased linearly to
reach 60 % and 80 % ACN by the end of 60 min and 80 min respectively. The HPLC
system parameters were: 25 °C column temperature, 1 ml/min flow rate, 50 µl sample
injection volume (for surfactant concentration up to 2 wt%), 60 °C ELSD temperature,
3.5 bar ELSD pressure (Nitrogen).
For analyzing surfactant solutions containing divalent ions by this method,
complexing agents like citrate and EDTA were added to the sample. Further details are
discussed in Section 4.1.4 and Section 4.2.
4.1.4. HPLC – gradient elution method with citrate flush
This was an alternate method developed to analyze the samples containing
divalent ions. Details of the method development are discussed in Section 4.2. It includes
two additional steps prior to employing the same solvent gradient as in the gradient
elution method (Section 4.1.3). These two steps are: (1) a Citrate-ACN flush right after
sample injection to remove the divalent ions followed by, (2) a DI water-ACN flush to
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remove the citrate from the column to allow the ELSD signal to reduced to the baseline
signal, which in the presence of citrate increases to very high values.

Figure 4.1 Gradient elution method with citrate flsuh
For TDA-13 PO up to BR-2 salinity (not tested for beyond this salinity), the preflush steps are:
1. Citrate-ACN flush: 1.5 min of [10mM Citrate]/[80 % ACN] 75/25 (equivalent to
20/80 [9.4mM citrate]/ACN). The reason for using 80 % ACN instead of 100 % ACN
as the organic solvent stream was to avoid any transient precipitation that may occur
when the aqueous and organic streams mix in the HPLC, especially if the citrate
solubility close to 100 % ACN is poor (Schellinger & Carr 2004)
2. DI water-ACN flush: DI/ACN 80/20 for 15 min, followed by a linear increase to
DI/ACN 60/40 by the end of 20min.
Figure 4.1 summarizes the aqueous-ACN gradients applied during the HPLC
analysis. The start of the DI-ACN gradient elution step at 40 % ACN is defined as time
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zero. The gradient elution method starts at time zero, while the gradient elution method
with citrate flush includes the pre-flush step shown before time zero.

4.2. HPLC method development
4.2.1. Surfactant analysis in the presence of divalent ions
Figure 4.2 shows the chromatogram of 1 wt% TDA-13PO in DI water and at
different salinities. The chromatogram at 2.5 % NaCl salinity, whose ionic strength was
about twice that of BR-2, matches that with DI water, while that at BR-2 salinity shifted
to the right to a longer elution time. This was attributed to the formation of surfactant
dimers in the presence of divalent ions in a non-aqueous medium (40 % ACN) as shown
in equation 4.1. Dimers being more lipophilic due to their increased molecular size elute
out later than the monomers.
2 ⇌

4.1

Figure 4.2 Effect of divalent ions on the chromatogram of TDA-13PO.
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The binding constant (

) of the surfactant with the divalent ions can be defined

as shown in equation 4.2, where the concentration of the species are as experienced at the
head of the HPLC column after the sample has diluted with the mobile phase. As the
extent of dilution is not known, we can define an apparent binding constant,

(equation

4.3) where the species concentrations are expressed as their equivalent undiluted
concentrations.

is related to

by

which accounts for the dilution (equation 4.4).

Both constants are for the non-aqueous medium in which the sample is in the HPLC
(40% ACN initially). The apparent binding constant of the surfactant to the divalent ions
was measured to be about 6.3 × 105 (mol/l)-2. Details of the calculations are given in the
Appendix.
=

4.2

=

4.3

=

4.4

where,

,

, S , are the molar concentrations of the surfactant dimer,

divalent ions, and surfactant respectively. The subscripts c and ec refer to the
concentrations of the species after dilution in the column and their equivalent undiluted
concentrations respectively.
In order to eliminate the effect of divalent ions on the surfactant chromatogram,
the use of divalent ion complexing agent was considered. To this end, the effectiveness of
Ethylenediaminetetraacetic acid (EDTA), and citrate in complexing the divalent ions was
evaluated. Both EDTA as well as citrate form complexes with Ca2+ and Mg2+ in a 1:1
stoichiometry. At aqueous pH > 7, EDTA has a higher formation constant than citrate (by
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about 2 - 3 orders of magnitude at pH = 7 and even greater at a higher pH), and is thus a
stronger complexing agent than citrate in that pH range. At pH < 5, their complexing
abilities are comparable (refer to the Appendix).

Figure 4.3 Effectivesness of Na2EDTA as a divalent ion complexing agent, in
recovering the chromatogram of TDA-13PO at BR-2 salinity.
n = moles/l of (Ca+Mg) in BR-2.
Di-sodium EDTA (Na2EDTA) and tri-sodium citrate (Na3Citrate) salts were used
to make 160 mM aqueous stock solutions with no added buffer or pH adjustments. Figure
4.3 and Figure 4.4 show the chromatograms of TDA-13PO at BR-2 salinity in the
presence of different concentrations of Na2EDTA and Na3Citrate. EDTA recovered only
~ 50 % of the chromatogram at an EDTA concentration of 4n (n = moles/l of Ca+Mg in
BR-2), while citrate recovered ~ 96 % of the peaks at the same concentration. The reason
for this could loosely be argued on the basis that the aqueous pH of the samples made
with EDTA was ~ 3 – 4, while that of the samples made with citrate was ~ 8 – 9, and
under these conditions citrate has a higher binding constant than EDTA; although the pH
and binding constants in non-aqueous medium (40 % ACN) would be different than in
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aqueous medium. The apparent binding constant of EDTA and citrate with the divalent
ions in non-aqueous media (40 % ACN) was estimated to be about 2 × 103 (mol/l)-1 and
1.1 × 105 (mol/l)-1 respectively (refer to the Appendix).
For a 1:1 molar ratio of EDTA:divalent ions to be effective in complexing greater
than 99.5 % of the divalent ions, the sample should be buffered to an aqueous pH of
about 7 – 8 at which the conditional formation constants of the [Ca(EDTA)]2-, and
[Mg(EDTA)]2- complexes in aqueous media are in the range of 107 - 108 (mol/l)-1 and 105
- 106 (mol/l)-1 respectively (an order of ~ 107 times more than that at aqueous pH of about
3). Note that this argument is based on the pH, and conditional formation constants in an
aqueous medium, but is applicable qualitatively for the non-aqueous medium of 40 %
ACN that would be present in the HPLC.

Figure 4.4 Effectivesness of Na3Citrate as a divalent ion complexing agent, in
recovering the chromatogram of TDA-13PO at BR-2 salinity.
n = moles/l of (Ca+Mg) in BR-2.
While the effectiveness of citrate in recovering the peaks increased from 91 % to
96 %, with an increase in the citrate concentration from 2n to 4n (Figure 4.4), any further
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increase in the effectiveness would have required a disproportionately larger amount of
citrate, e.g to recover 97 % and 98 % of the peaks, the amount of citrate required will be
4n and 7n respectively; this is because, the function representing the amount of unbound
surfactant vs. the amount of citrate becomes an asymptote (refer to the Appendix).

Figure 4.5 Reduced effectivesness of Na3Citrate in recovering the
chromatogram of TDA-13PO, at lower surfactant concentrations.
n = moles/l of (Ca+Mg) in BR-2.
The effectiveness of 4n citrate in recovering the surfactant chromatogram at BR-2
salinity decreased at lower surfactant concentrations. This is evident from Figure 4.5, in
which the number of peaks that were not recovered increased with decreasing surfactant
concentration; the peaks with an average elution time beyond ~ 50 min, ~ 53.5 min and ~
58 min were not recovered at 0.25 wt%, 0.5 wt% and 1 wt% concentration of TDA-13PO
respectively. This was contrary to what was expected based on the calculations (refer to
the Appendix), where for a given concentration of divalent ions, and fixed binding
constants of divalent ions with the surfactant and citrate, the percentage of surfactant
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bound to the divalent ions was expected to decrease with decreasing surfactant
concentration.

Figure 4.6 Effectivesness of Citrate – flush, in recovering the chromatogram
of TDA-13PO at BR-2 salinity. n = moles/l of (Ca+Mg) in BR-2.
To be able to use citrate as an effective complexing agent, the citrate flush with
gradient elution method was developed. During the Citrate-ACN flush step, the citrate in
the solvent binds the remaining divalent ions that are retained on the column in the form
of surfactant dimers. As the product of the complexation reaction, i.e the citrate-divalent
ion complex, doesn’t retain on the column and is removed from the column as soon as it
forms, more and more divalent ions get removed by complexation with citrate as more
and more fresh solvent with citrate is injected into the column. As citrate is not volatile at
the ELSD temperature of 60 °C, it causes a response in the ELSD signal. At the
concentration of citrate used in the solvent, the ELSD signal reached its maximum of ~
1100 mV. For this reason, the solvent was changed back to DI water-ACN. During the
DI-ACN flush, citrate is flushed out of the column and the ELSD signal comes back
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down. As it took ~ 20min for the signal to stabilize at a constant baseline value, this was
decided to be the length of the DI water–ACN flush step.

Figure 4.7 Chromatograms of TDA-13PO at BR-2 salinity, at different
surfactant concentrations; Citrate – flush with gradient elution method
The chromatogram of the TDA-13PO in BR-2 obtained by the citrate flush with
gradient elution method is shown in Figure 4.6; it matches well with that in DI water (the
elution time for the method with citrate flush was shifted back by 20 min to enable
comparison between the two methods). A chromatogram of the surfactant at BR-2
salinity with citrate added to the sample, analyzed by the gradient elution method without
the citrate flush step is also included for comparison. Figure 4.7 shows the
chromatograms of the surfactant at BR-2 salinity at different surfactant concentrations,
obtained by the gradient elution method with citrate-flush. Notice that, even at low
concentrations all the peaks are recovered; as opposed to the method without citrate flush
(Figure 4.5) which had lower effectiveness at lower surfactant concentrations.
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The citrate flush method can be adapted to the case when no complexing agent is
added to the sample, by changing the duration of the citrate flush. This will be useful in
scenarios where sample dilution is not desired, or when addition of complexing agents
and buffers may adversely affect sample solubility, etc.
4.2.2. Correlation between surfactant concentration, peak area, and species
distribution
Figure 4.8 shows the correlation between surfactant concentration and total peak
area of the chromatogram for TDA-13PO. The data points include analysis done at the
different salinities – DI water, 2.5 % NaCl and BR-2. The correlation as can be seen in
the figure, was found to be independent of the salinity. The ELSD had a non-linear
response, which could be fit by a power law function, or alternatively as two linear
functions (in the ranges 0 – 0.5 wt% and 0.5 – 1 wt% surfactant concentration). These
correlations are given in the figure.
To look for the preferential partitioning of the more lipophilic surfactant species
in to the oil phase it is required to determine the distribution of all the species (of varying
PO chain lengths) in the surfactant solution equilibrated with oil and compare it with that
of the aqueous surfactant solutions without contact with the oil. One way of doing this
would be to normalize the individual peak areas (corresponding to a single species) to the
total peak area of the chromatogram. This method will work while comparing surfactant
solutions having similar concentrations. However, it is not very accurate to compare the
species distribution across different surfactant concentrations, since the species
distribution determined by this method for even the aqueous surfactant solutions (not
contacted with oil) at different surfactant concentrations differs sufficiently to make
observation of preferential partitioning difficult, as shown in Figure 4.9.
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Another way to look for altered species distribution due to preferential
partitioning would be to calculate the total surfactant concentration that would
correspond to each individual peak area, based on the total surfactant concentration vs.
individual peak area calibration curves for each individual peak, and then compare to see
if all the peaks correspond to the same total surfactant concentration (which they should
if there was no preferential partitioning). This was the method that was employed in this
study.

Figure 4.8 Correlation between surfactant concentration and total peak area
for TDA-13PO.

Figure 4.9 TDA-13PO species distribution at different surfactant
concentrations in (a) 2.5% NaCl, (b) BR-2.
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4.3. TDA-13PO crude oil system
Salinity scans of TDA-13PO with sodium chloride brine and BR-2 brine showed
non-classical phase behavior as was described in the introduction of the chapter. The
decrease in the solubilization of the oil in the lower phase microemulsion was
hypothesized to occur as a result of greater partitioning of the lipophilic species of the
surfactant into the oil phase around the Type I Type II transition region. To test this
hypothesis, the lower (aqueous) phases of the equilibrated samples were analyzed for
surfactant concentration by HPLC and potentiometric titration. Both methods agreed
within ~ 10% of each other. The oil phase could not be analyzed by the methods used in
this study, and the amount of surfactant in the oil phase reported in this section was
obtained from mass balance of the surfactant in the oil and aqueous phases.
Interpretation of phase behavior with crude oil can be difficult. It is hard to
distinguish between an excess crude oil phase and a w/o microemulsion phase, as the
both appear similar in terms of color or transparency (they appear opaque). So in these
systems, more emphasis was placed on the appearance of the lower phase and middle
phase (if any occur), and on the change in the interface levels before and after sample
equilibration, to determine the phase behavior ‘Type’ of a sample. Middle phases were
not present in the systems discussed in this section. For the systems discussed in this
section, the appearance of the lower phase was transparent at very low salinities, clear
brine at very high salinities, and translucent to opaque at intermediate salinities around
the transition from Type I to Type II. If the lower phase at intermediate salinities looked
homogenous, if its volume had increased compared to that before mixing, and if it did not
change in appearance over the period of observation, then it was classified as a Type I
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system. If the lower phase looked inhomogeneous and the oil phase volume increased
after equilibration compared to before, then it was classified as Type II system. At the
point of transition, there usually occurred some samples that were difficult to classify as
will be shown below.
4.3.1. Phase behavior with BR-2 brine (contains divalent ions)
Figure 4.10 shows the salinity scan of 2 wt% TDA-13PO with BR-2 brine after ~
2 weeks of equilibration. It should be noted that this is the only experiment in this chapter
that was done with a different (older) batch of surfactant. However, the salinity over
which the transition from Type I to Type II system occurred was more or less similar to
that of the new surfactant batch used through the rest of the chapter.

Figure 4.10 TDA-13PO (2 wt%), crude oil, BR-2 brine salinity scan.
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Figure 4.11 TDA-13PO (2wt %), crude oil, BR-2 brine salinity scan:
HPLC analysis of lower phases (left), surfactant conent in lower phase and
partition coefficient between oil and aqueous phase (right)

Based on the appearance of the lower phase and the swelling of the aqueous
phase, samples at 0.2 – 0.6 BR-2 were classified as Type I. 0.9 BR-2 and 1 BR-2 samples
were classified as Type II due to the presence of an excess brine phase, and swelling of
the oil phase. Note that the middle phase observed in these samples was not a Type III
microemulsion, and instead was a macroemulsion. The classification of the sample at 0.8
BR-2 was ambiguous. Based on the appearance of homogeneity in the lower phase,
which was similar to the sample at 0.6 BR-2, and its oil content this was classified as a
Type I system. Although, it was the oil phase and not the aqueous phase that was swollen
(which is contradictory to what is expected for a Type I system). It was hypothesized that
this could be a Type I system with a reduced surfactant content in the lower phase as a
result of the more lipophilic surfactant species partitioning into the oil phase. The volume
of the lower phase increased with increasing salinity from 0.2 BR–2 to 0.6 BR-2, and
then dropped for 0.8 BR-2. The interpretation of the phase behavior is depicted in the
phase map included in the figure.
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The lower phases of samples in the salinity range of 0.2 – 0.8 BR-2 were analyzed
by HPLC gradient elution method. They were diluted in half using 8n Na3Cit solution
(where n = molarity of divalent ions in BR-2) for the analysis in order to eliminate the
effect of divalent ions on the chromatogram as was discussed in Section 4.2. Figure 4.11
shows these chromatograms. Also included is a plot of the normalized surfactant content
in the lower phase (amount of surfactant in the lower phase to the total amount of
surfactant in the sample), and the partition coefficient (mM in oil /mM in aq.) between
‘excess oil phase’ and lower phase, as a function of salinity. The surfactant concentration
and surfactant content in the lower phase decreased with increasing salinity within the
Type I region. The surfactant content in the lower phase was 75 % and 25 % at 0.6 BR-2
and 0.8 BR-2 respectively. Thus, the surfactant was found to be partitioning between the
oil and aqueous phases.

Figure 4.12 TDA-13PO (1 wt%), crude oil, BR-2 brine salinity scan.
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Figure 4.12 shows another salinity scan of TDA-13PO with BR-2 brine, but with
the new batch of surfactant and at 1 wt% surfactant concentration, after ~ 3 – 4 weeks of
equilibration. Based on the appearance of the lower phase, the transition from Type I to
Type II was interpreted to be between 0.9 BR-2 and 1 BR-2. Similar to the previous
salinity scan, the lower phase volume was found to increase with increase in salinity till
0.6 BR-2 and then drop after that. The lower phase volume of the 0.9 BR-2 sample was in
fact a little lower than its pre-equilibration volume.

Figure 4.13 TDA-13PO (1wt %), crude oil, BR-2 brine salinity scan:
HPLC analysis of lower phases (left), surfactant content in lower phase and
partition coefficient between oil and aqueous phase (right)
The lower phase of these samples were analyzed by HPLC using the gradient
elution method with citrate flush step. The samples were diluted by 20 % with 10n Na3Cit
solution. Figure 4.13 shows the normalized surfactant content in the lower phase, and the
partition coefficient between the oil and the aqueous phases, as a function of salinity. The
lower phase surfactant content for the samples at 0 – 0.4 BR-2 salinity could be lower in
part due to the emulsions that can be seen in the oil phase (Figure 4.12). The samples at
0.6 BR-2 and 0.8 BR-2 did not seem to contain any such emulsions in their oil phase.
While the lower phase surfactant content at 0.6 BR-2 was about 90 %, that at 0.8 BR-2
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was only 50 %. Hence, like in the previous salinity scan, surfactant partitioning between
the oil and aqueous phase was observed in this scan as well.
Figure 4.13 also shows another plot where the HPLC data was plotted as the total
surfactant concentration corresponding to each peak number of the chromatogram, which
was obtained by using the total surfactant concentration vs. individual peak area
calibration for each individual peak. This is shown for samples at 0.4 – 0.8 BR-2, and the
line was found to be relatively flat indicating that the species distribution of the
polydisperse TDA-13PO in the lower phase was the same as that of its aqueous solution
(without contact with oil). This showed that all surfactant species partitioned to the same
extent between the aqueous and oil phases with no preferential partitioning of the more
lipophilic species into the oil phase.
4.3.2. Phase behavior with NaCl brine
Figure 4.14 shows the salinity scan of TDA-13PO with sodium chloride brine
after ~ 2 – 3 weeks of equilibration. Based on appearance and swelling of the lower
phase, samples at salinities in the range of 1 – 1.6 % NaCl were classified as Type I
systems. Samples at salinities of 2 % NaCl and higher, contained excess brine phase with
the absence of a middle phase microemulsion, and were hence classified as Type II
systems. The sample at 1.8 % NaCl was difficult to classify; based on the appearance of
the lower phase it could be a Type I, but based on the swelling of the oil phase it could be
a Type II.
The lower phases of these samples were analyzed by HPLC gradient elution
method. It was observed that the surfactant content in the lower phase went from ~ 90 %
at 1.6 % NaCl to ~ 10 % at 1.8 % NaCl (Figure 4.15). Since it was not very apparent
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based on this whether partitioning was occurring or not (as both values were within 10 %
of all the surfactant being in either one of the phases), a finer salinity scan was made in
the salinity range of 1.6 – 1.8 % NaCl, and equilibrated for the same amount of time.
When the lower phases of this scan were analyzed by HPLC gradient elution method,
surfactant was found to be partitioning between the oil and aqueous phases (Figure 4.15).
Also shown in the figure is a plot of the total surfactant concentration (corresponding to
individual peak area) as a function of peak number. The relatively flat line of all samples
shown in the range of 1.6 – 1.75 % NaCl, implied that all surfactant species were
partitioning to the same extent between the oil and aqueous phases, as was shown in the
salinity scan with BR-2 brine as well.

Figure 4.14 TDA-13PO (1 wt%), crude oil, NaCl brine salinity scan.
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Figure 4.15 TDA-13PO (1 wt%), crude oil, NaCl brine salinity scan:
HPLC analysis of lower phases (left), surfactant content in lower phase and
partition coefficient between oil and aqueous phase (right)

4.3.3. Non-equilibrium effects: reason for “apparent” surfactant partitioning
During the fine salinity increment (~ 500 ppm) scan performed in the salinity
range of 1.6 – 1.8 % NaCl described in Section 4.3.2, certain observations made on the
appearance of the lower phases brought into question the equilibration time of the system.
All other scans prior to this were made with a coarser salinity increment (~ 2000 ppm). In
the following paragraphs, the basis on which the ~ 3 week equilibration time was chosen
based on a coarse salinity increment scan, along with why this interpretation proved to be
misplaced based on the observations made during a fine salinity increment scan will be
discussed. The coarse salinity increments are comparable to those used in other studies
reported in the literature.
Figure 4.16 shows the appearance of phases and the normalized o/w interface
heights for a NaCl salinity scan of TDA-13PO, at different points in time. The salinity
increments in the range of 1.6 – 1.8 % NaCl are fine (~ 500 ppm). The figure also shows
how the same system would appear if this system had coarse instead of fine salinity
increments, by eliminating the samples between 1.65 – 1.75 % NaCl to simulate a coarse
scan.
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Looking at the coarse scan over a time period of 3 weeks, it can be seen that all
the lower phases from 1.2 – 1.6 % NaCl appeared to be homogenous and contain
solubilized oil. During this period, the volume of the lower phase at 1.6 % NaCl stayed
invariant, while that at 1.2 % NaCl and 1.4 % NaCl seemed to grow moderately as a
result of breaking of the emulsion present in the oil phase. These samples were hence
interpreted to be Type I system close to equilibrium by the end of ~ 3 weeks. On the
other hand, the volume of the lower phase at 1.8 % NaCl decreased appreciably (in turn
the oil phase had swollen), and its appearance changed (became more clear) with time.
Based on this, this sample could be interpreted as being a Type II system close to
equilibrium by the end of ~ 3 weeks. Note that this is different from the interpretation of
the 1.8 % NaCl sample as Type I system in Section 4.3.2, where the lower phase
appeared to have more solubilized oil than in the current case, although it was pointed out
that this classification was still a bit ambiguous. Based on these observations, the
equilibration time of ~ 3 weeks was chosen in Section 4.3.2.
When the same salinity scan was observed with finer salinity increments between
1.6 – 1.8 % NaCl over the same period of 3 weeks, it can be seen that the sample at 1.75
% NaCl salinity behaved similar to that at 1.8 % NaCl described above, with swelling of
the oil phase and clearing up of the lower phase as a function of time. On the other hand,
the volume of the lower phase at 1.65 % NaCl and 1.7 % NaCl stayed invariant during
this time. Although, their appearance is homogenous similar to that of 1.6 % NaCl till 2
weeks, by the end of 3 weeks, slight inhomogeneity could be discerned in these samples
(more so at 1.7 % NaCl), where the lower phase appeared to be clearer towards the
bottom of the pipette and opaque towards the top; this is akin to creaming of an emulsion.
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This observation meant that the lower phase at 1.6 % NaCl may similarly cream if given
sufficient time, which if true would imply that the 3 week equilibration time determined
based on the coarse scan could be incorrect. By the end of 4 weeks, in terms of the level
between the aqueous and oil phases, nothing had changed significantly. However, during
this time it can be see that creaming in the lower phase was now more apparent for the
samples at 1.65 % NaCl and 1.7 % NaCl. The lower phase at 1.75 % NaCl had cleared up
a lot more since week 3. Even the sample at 1.6 % NaCl now showed a small amount of
clear brine near the tip of the pipette.
Based on these observations, the surfactant content of the lower phase as a
function of salinity was measured at different equilibration times. This is shown in Figure
4.17. It can be seen that the salinity range over which partitioning of the surfactant
between the oil and aqueous phases was observed shifted towards lower salinities when
the equilibration time increased. The lower phases at 1.6 % NaCl, 1.7 % NaCl and 1.8 %
NaCl, which had greater than 80 % of the surfactant during earlier times, all had lesser
than 15 % of the surfactant at later times. The time taken for this decrease in surfactant
content of the lower phase was found to be longer with decreasing salinity of the sample;
e.g., 1.6 % NaCl required at least 7 weeks, while 1.8 % NaCl required 2 – 3 weeks. Thus
the emulsions in the lower phase were more stable with decreasing salinity.
The surfactant content in the lower phase at 1.2 – 1.6 % NaCl, was higher at 2 – 3
weeks compared that at 1 – 2 weeks; this was because the emulsion in the oil phase that
was present at 1 – 2 weeks separated with time. When surfactant concentration of the
lower phase was measured as a function of height, quite a few samples showed higher
concentration of the surfactant towards the top of the phase. Such a gradient in the
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Figure 4.16 TDA-13PO (1 wt%), crude oil, NaCl brine salinity scan:
coarse vs. fine salinity increments
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surfactant concentration supports the observation of creaming like behavior in the lower
phase made earlier.

Figure 4.17 TDA-13PO (1 wt%), crude oil, NaCl brine salinity scan:
surfactant content in the lower phases at different equilibration times
Similar observations were made in the salinity scans with BR-2 brine (Figure
4.18). Scan 1 and Scan 3 were duplicate scans, while Scan 2 was made separately. Note
that Scan 2 at 3 – 4 weeks and Scan 3 at 6 weeks seem to overlap. The reason for this
could be that the samples of Scan 1 and Scan 3 were mixed for a longer period of time (~
1.5 days) instead of the usual 1 day, resulting in a more emulsified system that would
take longer to separate. Comparing Scan 1 at 1 week and at 2 – 3 weeks, the surfactant
content at 0.75 BR-2 and 0.85 BR-2 appeared to have increased, which must be a result
of clearing up of emulsions in the oil phase, while that at 0.95 BR-2 had decreased, as a
result of clearing up of the lower phase. Upon comparing Scan 1 at 2 – 3 weeks and Scan
3 at 6 weeks, the decrease in surfactant content of the lower phases at salinities > 0.7 BR2 for an increase in equilibration time is apparent. This is similar to the observations
made with the TDA-13PO NaCl system. Note that the 0.6 BR-2 data point in Scan 1 and
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Scan 3 appears to be out of place; while in Scan 2, the emulsion in the oil phase cleared
up within a few weeks, this was not the case in Scan 2 and 3, where the emulsion in the
oil phase seemed to be persistent. Hence, this data point was not included in extrapolating
between salinities.

Figure 4.18 TDA-13PO (1 wt%), crude oil, BR-2 brine salinity scan:
surfactant content in the lower phases at different equilibration times
In conclusion, the “apparent” surfactant partitioning observed was a result of
surfactant being trapped in an emulsion phase in the lower phase, whose stability
increased with decreasing salinity towards the Type I region. This varying stability of the
emulsion as a function of salinity manifested as a gradual partitioning of the surfactant
between the aqueous and oil phases, as a function of salinity and of equilibration time.
These emulsions were probably water continuous emulsions as they dispersed readily in
brine. The equilibration time of these systems appeared to be very high (at least 2
months). In fact for the TDA-13PO salinity scan with BR-2 brine at 2 wt% surfactant
concentration, the lower phase emulsions did not separate even after 2 years of standing.

104
4.3.4. Discussion
The emulsion type that forms is reported to correspond to the microemulsion
phase behavior (Salager et al. 1982; Graciaa et al. 1982; Binks 1993). An o/w emulsion is
expected in the Type I region, and a w/o emulsion in the Type II region. In the Type III
region, the stability of emulsions was found to be minimum. The emulsion morphology
of the TDA-13PO crude oil system doesn’t agree with this general emulsion behavior.
For this system, stable emulsions were observed over the range of salinities where the
transition from Type I to Type II system occurred, and the type of emulsion that formed
did not change in that region.

Figure 4.19 TDA-13PO (1 wt%), crude oil, NaCl brine salinity scan:
samples mixed by hand (left), samples mixed on rotar (right)
For the TDA-13PO NaCl system, the transition from Type I to Type II was
originally interpreted to be between 1.6 – 1.8 % NaCl after 2 - 3 weeks of equilibration
(Section 4.3.2), but this was proven to be misplaced based on observations made in

105
Section 4.3.3. The sample at 1.6 % NaCl which was initially classified as Type I,
eventually was classified to be a Type II after ~ 7 weeks, over which time the surfactant
concentration in the lower phase changed from 90 % to 10 %, accompanied by a clearing
up of the phase. So after 7 weeks of equilibration, the Type I Type II transition was
probably between 1.4 – 1.6 % NaCl. However, considering that the lower phase of 1.4 %
NaCl looked similarly emulsified like at 1.6 % NaCl, and the observation that the time
taken for the lower phase emulsion to clear up decreased with decreasing salinity, it could
not be ascertained that 1.4 % NaCl would remain to be a Type I system if observed over a
long period of time. The lower phase of 1.2 % NaCl appeared isotropic transparent and
stable, and hence was definitely in the Type I region. When the 1.4 % NaCl sample was
prepared by mixing it by hand (10 rotations per day on two consecutive days) instead of
the rotor, it was observed that it was similar to the 1.2 % NaCl, with a isotropic

Figure 4.20 TDA-13PO (1 wt%), crude oil, NaCl brine salinity scan:
pre-equilibrated samples after ~ 7 weeks of equilibration (left), remixed for 1
day (right) and equilibrated for 2 days
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transparent lower phase. This is shown in Figure 4.19, along with a duplicate scan that
was mixed on the rotor for ~24 hours. It could be that, the sample at 1.4 % NaCl required
higher energy (mixing for 24 hours) to emulsify the lower phase, compared to the ones at
higher salinity, which formed emulsified lower phases readily even by hand mixing.
Based on this, 1.4 % NaCl was interpreted to be a Type I microemulsion, and the
transition from Type I to Type II region was interpreted to be between 1.4 % NaCl and
1.6 % NaCl. This means that there was no discontinuity in the type of emulsion that was
observed in the Type I region (1.4 % NaCl) and Type II region (1.6 – 1.8 % NaCl), when
the system was mixed for 24 hours.
The studies on the correspondence of emulsion type with the microemulsion
phase behavior (Salager et al. 1982; Graciaa et al. 1982) were carried out by
mixing/emulsifying samples that were pre-equilibrated, i.e. the samples existed as
microemulsions in equilibrium with their excess phases, as opposed to an aqueous
surfactant solution and oil being brought in contact for the first time. It was shown that
for non-equilibrated system, there is a certain amount of time, called apparent
equilibration time (tAPE), that is required before a non-equilibrated system exhibits the
same emulsion phase behavior as that of the equilibrated system (Salager et al. 2002).
tAPE was found to decrease towards the Type III region, and increased with increasing
surfactant molecular weight. For the sulfonates reported in that study, it was in the range
of 0 – 6 hours. The samples in this study were mixed for ~ 24 hours. To verify that such
an effect was not the reason for the observed atypical emulsion behavior of the TDA13PO system, pre-equilibrated samples (equilibrated for ~ 7 weeks) from one of the NaCl
scans in the salinity range of 1.7 – 2 % NaCl, which by this time had < 10 % surfactant in
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the lower phase (Type II region), were remixed for one day. The o/w emulsions in the
lower phases re-formed like they did originally when they were mixed starting from a
non-equilibrated state. Figure 4.20 shows the pre-equilibrated samples before and after
remixing. This was also verified in another scan (with BR-2) in which the samples were
made with surfactant initially dissolved in aqueous phase for one set, and in oil phase for
the other. Both sets of samples were mixed together for 24 hours and equilibrated for 1
week. These are shown in Figure 4.21. Although the salinity range at which the actual
transition from Type I to Type II occurs was not known with certainty, based on the
decrease in lower phase surfactant concentration (Figure 4.18) with time, it can be
ascertained that at a salinity of 0.75 BR-2 and higher, the system was in the Type II
region. In that range of salinity, it can be seen that o/w emulsions in the lower phase
form even when the surfactant is in the “correct” phase (oil phase) to start with.

Figure 4.21 TDA-13PO (1 wt%), crude oil, BR-2 brine salinity scan:
surfactant initially in the aqueous phase (left) and oil phase (right).
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Figure 4.22 TDA-13PO (1 wt%), crude oil, NaCl salinity scan after ~ 4 weeks
of equilibration, as seen under regular light (left), polarized light (middle),
polarized light with cross-polarizing filter (right).

Currently, a mechanism by which these emulsions are being stabilized to result in
emulsion morphology different from that expected has not been identified. It is
speculated that they there could be a liquid crystal phase present, which has been shown
to enhance stability of emulsions (Friberg et al. 1976). The occurrence of liquid crystal
phase along with or in the place of a Type III microemulsion has been reported for
several systems (Hackett & Miller 1988; Kegel & Lekkerkerker 1993), and a
corresponding increase in the stability of emulsion in this region was observed (Kabir et
al. 2002). Figure 4.22 shows the samples of TDA-13PO NaCl salinity scan as they
appeared under regular light, polarized light, and polarized light with cross polarizer
filter. The lower phases appeared to be weakly birefringent.
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Figure 4.23 TDA-13PO (1 wt%), crude oil, BR-2 brine scan with
5 wt% (left) and 10 wt% (right) SBA
Addition of an appropriate alcohol is expected to reduce the tendency of the
system to form liquid crystalline phases. The phase behavior of 1 wt% TDA-13PO BR-2
system in the presence of 5 wt% and 10 wt% Secondary Butyl Alcohol (SBA) was
studied. Figure 4.23 shows these scans after ~ 2 weeks of equilibration. At 5 wt%
alcohol, the lower phases at 0.2 – 0.4 BR-2 are Type I microemulsions with no lower
phase emulsions present, 0.6 BR-2 appeared to be Type I system as well, with an
emulsified lower phase, 0.8 – 1 BR-2 are out of the Type I region (either Type II or Type
III) with clear brine phase, an emulsified phase and excess oil. At 10 wt% alcohol,
samples at 0.2 – 0.6 BR-2 were Type I systems with translucent o/w microemulsion
phases (no lower phase emulsions), and 0.8 – 1 BR-2 were Type III systems. The volume
of the middle phase microemulsion in these samples was ~ 0.3 – 0.4 ml.
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Considering that for a typical system, alcohol reduces the solubilization
parameter, we can assume that this surfactant system in the absence of alcohol should
produce a middle phase microemulsion whose volume is greater than that observed in the
presence of alcohol. Also, the Type III region in the presence of alcohol was wide enough
to be captured with even coarse salinity increments of 0.2 BR-2. Both the width of Type
III region, and volume of the middle phase microemulsion in the presence of alcohol
suggest that the absence of a middle phase microemulsion in the absence of alcohol is
probably not because the Type III region was too narrow (and hence missed with the
salinity increments of the scan, assuming the width of the region though might decrease
in the absence of alcohol will not do so drastically), or that the volume of the middle
phase was too low at the surfactant concentration used. Instead, the absence of a Type III
microemulsion phase in the absence of alcohol was either because it was emulsified, or
because there was only a liquid crystalline phase instead of a microemulsion phase which
was emulsified as well. The former is in agreement with similar observations reported
(Do et al. 2008; Huang et al. 2004), and the latter with observations reported by Kabir et
al. (2002).

4.4. TDA-xPO n-alkane system
The phase behavior of TDA-xPO, with pure alkanes was investigated, as these
systems would be relatively easier to interpret compared to the crude oil systems. In this
section, the effect of surfactant chain length and ACN on phase behavior is discussed.
4.4.1. TDA-13PO phase behavior
TDA-13PO, like in the crude oil systems discussed in Section 4.3, did not always
show a Type I – Type III – Type II transition with n-alkanes. Type III microemulsions
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were seen with some combinations of oils and brines, but not with others. These systems
are discussed in this section.

Figure 4.24 TDA-13PO (1 wt%), octane, BR-2 brine salinity scan

Figure 4.25 TDA-13PO (1 wt%), octant, BR-2 brine salinity scan: surfactant
content in the upper and lower phase at different equilibration times
With BR-2 brine, octane did not produce a Type III system, but decane did.
Figure 4.24 shows the octane scan after ~ 6 weeks of equilibration. The samples at 0.2 –
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0.5 BR-2 were classified as Type I since the lower phase appeared to have solubilized oil,
while 0.6 – 1 BR-2 samples were classified as Type II systems since the upper phase
appeared to have solubilized water. In the Type I region, 0.2 – 0.3 BR-2 had viscous gel
like upper phases, while the same was observed with the lower phases in the 0.6 – 1 BR-2
samples.
The surfactant content in the upper and lower phases of the octane scan after 6
weeks of equilibration was measured by Epton two-phase titration. Figure 4.25 shows the
normalized surfactant content in the lower and upper phases as a function of salinity. Up
to 0.5 BR-2 (Type I region), most of the surfactant is in the lower (aqueous) phase, and
very little is in the upper (oil) phase. In the Type II region (0.6 – 1 BR-2), though the
surfactant content in the lower phase reduced and that in the upper phase increased, the
lower phase still had ~ 70 % of the surfactant. This is contradictory to what would be
expected for the Type II region, i.e., most of the surfactant should be in the oil phase.
Moreover, the surfactant content in both phases in the Type II region seems to plateau
out. Only after longer equilibration times of ~ 5 months, do some samples at higher
salinities in the Type II region, > 1 BR-2, have a higher surfactant content in the upper
phase than in the lower phase. The partitioning of surfactant between the upper and lower
phases observed in this system was a result of surfactant being trapped in the gel like
emulsions that form in the lower phase just outside of the Type I region. Based on the
time taken for the surfactant trapped in these emulsions to move to the upper phase, it can
be inferred that the stability of these emulsions was increased with decrease in the salinity
towards the Type I region. This observation is similar to the one made for TDA-13PO
crude oil system.
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Figure 4.26 TDA-13PO (1 wt%), decane, BR-2 brine salinity scan
Figure 4.26 shows the salinity scan of TDA-13PO with decane and BR-2 brine
after ~ 6 weeks of equilibration. This system formed a Type III microemulsion in the
salinity range of 1 – 1.2 BR-2, with a Type I and Type II region on either side of it. The
interface of the middle phase with excess brine phase was clear-cut, but that with the oil
phase was not always so. Especially, at 1.3 BR-2 majority of the surfactant in the upper
phase was in the bottom 0.6 ml of the upper phase, as if it were a Type III microemulsion
phase, however this was classified as Type II as an interface between this concentrated
phase and oil was not discernable, though visually it did appear like a surfactant rich
layer was present concentrated towards the bottom of the upper phase. Similarly, for 0.9
BR-2 (Type I region) and 1.4 BR-2 (Type II region), the concentration of the top half of
the lower phase, and bottom half of the upper phase respectively, was higher than the rest
of the phase; although the difference in concentration was not as stark as it was in the 1.3
BR-2 sample.
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Figure 4.27 shows the normalized surfactant content in the lower, middle, and
upper phases, as a function of salinity, measured by Epton two-phase titration, after 6
weeks of equilibration. In this case, the majority of the surfactant was in the
microemulsion phase in the Type I and Type III region. In the Type II region, a higher
proportion of the surfactant was in the upper phase, while a good portion of it was still in
the lower phase (possibly trapped in the gel like emulsion in the lower phase observed in
this region).

Figure 4.27 TDA-13PO (1 wt%), decane, BR-2 brine salinity scan
TDA-13PO phase behavior with sodium chloride brine, did not show Type III
region with neither octane (Figure 4.28) nor decane (Figure 4.29), but did so with
dodecane (Figure 4.30). The appearance of the octane scan (Figure 4.28) after ~2 weeks
of equilibration, was very similar to the one with BR-2 brine (Figure 4.24). The samples
in the range 0.8 – 1.4 % NaCl were classified as Type I, while that in the range 1.6 – 2.2
% NaCl were classified as Type II. The lower phase in the Type II region had viscous gel
like consistency. The surfactant content in the upper and lower phases was measured by
Epton two-phase titration after ~ 2 weeks of equilibration. Similar to the system with BR-
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2, almost all of the surfactant was in the lower phase in the Type I region, while in the
Type II region the surfactant content in the upper phase increased with increasing
salinity, albeit with the lower phase still containing a majority of the surfactant (trapped
in the gel like lower phase). The surfactant content in the upper phase increased to > 70
% after a longer equilibration time of ~ 2 months (the data point at 2.5 % NaCl appears to
be anomalous).

Figure 4.28 TDA-13 PO (1 wt%), octane, NaCl brine salininty scan

Figure 4.29 shows the decane scan after ~ 2 weeks of equilibration. The sample at
2 % NaCl was a Type I system, while those at 2.3 - 2.5 % NaCl were Type II systems.
The classification of the samples at 2.1 – 2.2 % NaCl was ambiguous; the upper phases
were clearer towards the top, and the lower phase of the 2.2 % NaCl sample showed
inhomogeneity as well. This system when observed under polarized light with a cross
polarized filter, showed strong birefringence, indicating the presence of liquid crystalline
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material. Except for the sample at 2 % NaCl, the birefringence was observed in both the
upper and lower phases, implying a liquid crystalline phase dispersed in both phases.

Figure 4.29 TDA-13 PO (1 wt%), decane, NaCl brine salininty scan as seen
under regular light (left), and polarized light with cross-polarizing filter (right)

Figure 4.30 TDA-13 PO (1 wt%), dodecane, NaCl brine salininty scan as seen
under regular light (left), polarized light (middle) and polarized light with
cross-polarizing filter (right)
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The salinity scan with dodecane after ~ 2 weeks of equilibration (Figure 4.30)
exhibited a Type III microemulsion phase in equilibrium with excess brine and oil at 2.75
– 3 % NaCl. The appearance of the middle phase was milky, probably as result of very
high solubilization parameter (30 – 40). When observed under polarized light with crosspolarizing filter, the system showed strong birefringence.
4.4.2. TDA-7PO, TDA-9PO phase behavior with NaCl brine
The effect of surfactant chain length on the phase behavior of octane and decane
was studied. Salinity scans of these with TDA-7PO and TDA-9PO and sodium chloride
brine after ~ 2 – 3 weeks of equilibration are shown in Figure 4.31, and Figure 4.32. Type
III systems were observed in all these scans, albeit in many cases with the coexistence of
another fourth phase in the middle layer. Strong birefringence was observed in these
systems when looked at under polarized light with cross polarizing filter.
The optimal salinity, solubilization parameter, and width of the Type III region
for the TDA-xPO surfactants (x = 7, 9, 13) with the three n-alkanes are summarized in
Table 4.1. The optimal salinity increased with increasing ACN for a given surfactant, and
decreased with increasing PO chain length of surfactant for a given oil, which is in
agreement with the general phase behavior rules. The width of the Type III region
decreased with increasing PO chain length, but the solubilization parameter did not
change appreciably (within range of experimental error). The solubilization parameter for
the TDA-7PO and TDA-9PO with octane and decane was in the range of 20 – 30, and
that for TDA-13PO with dodecane system was higher at ~ 30 – 40.
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Figure 4.31 TDA-7PO (1 wt%) NaCl salinity scan with octane, decane: as seen
under normal light (left), polarized light (centre), and polarized light with
cross polarizing filter (right). Solubilization parameter vs. salinity (plot)
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Figure 4.32 TDA-9PO (1 wt%) NaCl salinity scan with octane, decane: as seen
under normal light (left), polarized light (centre) and polarized light with
cross polarizing filter (right). Solubilization parameter vs. salinity (plot)
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Table 4.1 TDA-xPO phase behavior with NaCl brine and n-alkanes.
(NE – non-existen, NC- could not be calculated , NA- not available)

4.4.3. Discussion
The absence of a Type III system for TDA-13PO with octane and decane (with
NaCl brine), but its occurrence when the oil was changed to dodecane (higher ACN), or
with a reduction in the surfactant chain length (to 9PO and 7PO) can be discussed in the
light of the surfactant lipophile-lipophile (

), oil-lipophile (

), and oil-oil (

)

interactions (Bourrel & Schechter 2010). The R-ratio as discussed in Chapter 2 is defined
as the ratio of interactions on the oil side of the interface to that on the water side of the
interface, and is given by equation 4.5. The lipophilic interactions on the oil side of the
interface for a given surfactant with different oils (different ACN) can be approximated
by equation 4.6, where
interaction,

is cohesive energy of surfactant lipophile-lipophile

is the carbon chain length, and

and

are constants.
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The variation of the individual interaction terms, and the net interaction, as a
function of

is shown in Figure 4.33. The individual terms, represented by the

dashed lines, vary as follows:

increases linearly with ACN,

increases

121
quadratically with ACN, and

remains constant (for a given surfactant). The net

interaction, represented by the bold line, shows that it initially increases with increasing
ACN, peaks and then decreases. When the net interaction is greater than zero, the
surfactant lipophile - oil interaction is greater than the lipophile-lipophile and oil-oil
interactions; this promotes miscibility between the surfactant lipophile and the oil
resulting in the formation of a microemulsion phase. When the net interaction is lesser
than zero, poor miscibility between the surfactant lipophile and oil results in, liquid
crystalline, gel-like , or condensed phases. Note that this poor miscibility can arise either
from very strong lipophile – lipophile interactions (in the low ACN range) or very strong
oil – oil interactions (at very high ACN). The former is probably why the TDA-13PO
system forms gel like phases with octane and decane, but is able to form a Type III
microemulsion phase with dodecane. An example of the latter case would be that of gel
like phases observed for alcohol propoxy sulfates with triglycerides (Do et al. 2008),

Figure 4.33 Lipophilic interactions at surfactant oil interface. (reproduced
from (Bourrel & Schechter 2010)
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which occur due to strong oil-oil interactions.
A similar argument can be made for increasing surfactant lipophile chain length
instead of increasing ACN, where for a given ACN,
at low lipophilie chain lengths, and

can be very strong compared to

very dominant at very high lipophile chain

lengths, resulting in gel like phases, while at intermediate chain lengths, strong

will

result in formation of a microemulsion phase. For octane and decane with NaCl brine,
this appears to be the case, since they were able to form Type III system with TDA-7PO
and TDA-9PO, but not with TDA-13PO. The tendency to form liquid crystalline phases
as observed by the strong birefringence exhibited by many of these systems indicates that
the surfactant lipophile-lipophile interactions are probably strong.

4.5. Conclusions
Non-classical phase behavior observed in the TDA-13PO crude oil system, in
terms of lack of a Type III region, and a drop in the oil solubilization parameter with
increasing salinity in the Type I region after reaching a maximum has been explained. As
hypothesized, the surfactant was observed to be partitioning between the aqueous and the
oil phase in the salinity range at which transition from a Type I to Type II system
occurred. However, contradictory to what was initially hypothesized, no preferential
partitioning of the more lipophilic surfactant species of the polydisperse surfactant into
the oil phase was detected, and hence was not the reason for the observed surfactant
partitioning. Instead, it was because of the presence of stable o/w emulsions in the
aqueous phase that formed in the region around the Type I

Type II transition. The

stability of these emulsions increased with decreasing salinity towards the Type I region.
This varying stability of the emulsion as a function of salinity manifested as a gradual
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partitioning of the surfactant between the aqueous and oil phases, as a function of salinity
and of equilibration time. These observations were in contradiction to the typical
emulsion phase behavior that is supposed to correlate with the microemulsion phase
behavior, i.e., o/w emulsions in the Type I region, w/o emulsions in the Type II region,
and have minimum emulsion stability in the Type III region. The equilibration time of the
TDA-13PO system with crude oil appears to be greater than 2 months, and even higher
for the octane and decane systems, greater than 6 months.
The TDA-13PO crude oil system appeared to have weakly birefringent aqueous
phases, and those with n-alkanes showed strong birefringence. The addition of alcohol
(SBA) to the TDA-13PO crude oil system resulted in the formation of Type III
microemulsion at high alcohol concentration (10 wt%), but not at a lower alcohol
concentration (5 wt%). The use of an appropriate alcohol is known to reduce the
formation of liquid crystalline phases, and reduce equilibration time of the system. Based
on the observation that the width of the Type III region and the volume of the middle
phase microemulsion in the presence of alcohol was substantial enough to be easily
observed, it was inferred that the absence of a Type III region in the system without
alcohol was probably not because of a narrow Type III region, or low surfactant
concentration (resulting in low Type III microemulsion volume), and instead was a result
of the formation of stable emulsions in this region possibly stabilized by liquid crystalline
phases. Similar observations of absence of a Type III microemulsion phase with propoxy
sulfate surfactants due to the presence of stable emulsions and very long equilibration
times in this region have been reported elsewhere (Do et al. 2008; Huang et al. 2004).
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Increased emulsion stability in the Type III region due to the presence of liquid
crystalline phases has also been reported previously (Kabir et al. 2002).
A Type III microemulsion phase was not present in the NaCl salinity scan of
TDA-13PO with octane or decane, but did form when the surfactant PO chain length was
decreased to 9PO and 7PO, or when the oil was changed to dodecane (higher ACN). This
was explained on the basis of the lipophile – lipophile interactions being stronger than oil
– lipophile interactions for TDA-13PO with octane and decane, leading to poor
miscibility between the surfactant lipophile and oil. A decrease in surfactant PO number
decreases the lipophile – lipophile interactions, and an increase in ACN promotes the
surfactant – oil interaction, explaining why Type III systems were observed with octane
and decane for TDA-7PO and TDA-9PO, or with dodecane for TDA-13PO.
The observed continuity in the emulsion type going from Type I to Type II, and
the high stability of these emulsions near the point of transition, have serious implications
for phase behavior studies that are done for surfactant selection towards application in
low-IFT floods. In many such phase behavior studies, especially with crude oils and in
the absence of alcohol, a sample would be interpreted as a Type I system even though the
aqueous phase may contain a o/w emulsion based on the assumption that the previously
discussed “typical” correlation between emulsion and microemulsion phase behavior
holds good. Even though the Type I microemulsion phase may be emulsified, as long as
it has low viscosity and ultra-low IFT, it is applicable for the EOR process. However, the
observations made in this chapter indicate that due to non-classical emulsion phase
behavior, interpretation of emulsified aqueous phases as Type I system can lead to
misinterpretation of the transition from Type I to Type II. If the system’s phase behavior
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is interpreted at short equilibrium times without taking into account the non—classical
emulsion phase behavior, it could result in overestimating the optimal salinity, which will
end up in the Type II region. Although typically, it is not desired to operate in the Type II
region since the surfactant will partition into the oil phase leading to retardation of the
surfactant front, it is not clear how this rule would translate to the current system
especially at salinities in the Type II region that are very close to the transition point,
since most of the surfactant at these salinities was found to be initially in the aqueous
phase and partition into the oil phase only after a long time of remaining undisturbed, but
would readily come back into the aqueous phase when mixed (for 24 hours).
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Chapter 5
Evaluation of AOS Foam:
Nitrogen, and Miscible Hydrocarbon Gas

The objective of this work was to select and study the foam characteristics of a
foaming agent capable of forming strong foam, with miscible hydrocarbon gas, in the
presence of miscible gas flood residual oil saturation, at reservoir conditions of
temperature pressure, and salinity. This selected foamer is to be applied to an enriched
hydrocarbon gas Miscible Water Alternating Gas (MWAG) flood in a sandstone
reservoir, to provide mobility control.
Miscible gas flooding is an Enhanced Oil Recovery (EOR) technique in which oil
recovery is increased as a result of miscibility between the injected fluid, the gas, and the
displaced fluid, the crude oil. At reservoir conditions, the injected gas is either completely
miscible with the crude oil (first contact miscible), or is partially miscible with the oil in
which case a mixing zone develops, whose composition changes as it passes through the
reservoir to eventually attain miscibility with the crude oil (multi contact miscible).
While the pore scale recovery efficiency for these floods can be very high, the reservoir
scale recovery efficiency can be low due to viscous fingering resulting from unfavorable
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mobility ratio, gravity segregation due to density difference between the gas and crude
oil, and channeling through high permeability zones arising from reservoir heterogeneity.
This results in a low overall recovery efficiency, which is a product of the pore scale and
reservoir scale efficiencies.
The reservoir scale gas mobility issues of a gas flood are mitigated to a modest
extent by injecting alternating slugs of water and gas, referred to as the Water Alternating
Gas (WAG) technique. However, the effectiveness of this technique can be substantially
improved when a suitable surfactant, capable of stabilizing films of liquid between gas
bubbles (foam), is added to the aqueous slug. This process is called Surfactant
Alternating Gas (SAG). Foam reduces gas mobility by gas trapping, and increased
effective gas viscosity resulting from the resistance offered by the surfactant stabilized
liquid lamellae to the flow of gas.
In the reservoir of interest enriched hydrocarbon gas Miscible Water Alternating
Gas (MWAG) process has been successfully implemented for over 20 years. However, a
majority of the recovered oil has been from the high permeability zone of the reservoir, a
good portion of which has been swept to residual oil saturation, leaving behind a
substantial amount of oil in the lower permeability zone. Also gas production has
increased, leading to increased cost of gas handling and re-injection. Implementation of a
foam flood for this reservoir will address both these issues. Foam can increase the
resistance to flow in the high permeability zone and divert the gas to the low permeability
zone (Li et al. 2010; Bertin et al. 1999; Kovscek & Bertin 2003). This will also reduce the
amount of gas bypassing to the production well. Snorre field is an example of a
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successful implementation of a hydrocarbon gas foam MWAG process (Blaker et al.
2002).
The desirable characteristics of a foaming agent to be used in a reservoir are: good
foaming ability at reservoir conditions, solubility in reservoir brine, good thermal
stability at reservoir temperature, and low adsorption on reservoir rock. Alpha Olefin
Sulfonates (AOS) have been shown to have good solubility at high salinities (Baviere et
al. 1988), low adsorption on sandstone (Novosad et al. 1986; Mannhardt et al. 1993),
good thermal stability (Maini & Ma 1985), and good foaming ability (Andrianov et al.
2012; Simjoo et al. 2012; Mannhardt & Svorstøl 2001). Based on these properties, AOS
14-16 was chosen to be evaluated in this study.
AOS 14-16 has also been shown to make strong foam in the presence of oil
(Simjoo et al. 2012; Vikingstad & Aarra 2009; Mannhardt & Svorstøl 1999), although in
some cases the propagation of foam was observed to be delayed in the presence of oil.
The effect of oil on foam depends on the surfactant type, oil type and oil saturation.
Lighter oils tend to destabilize foam to a greater extent than heavier oils (Schramm &
Novosad 1992; Andrianov et al. 2012).
While foam for mobility control is an extensively researched topic, most studies
are with nitrogen, carbon-dioxide or steam foam. Relatively few of them are with
hydrocarbon gas. Methane foam was found to be weaker, as strong as, or stronger than
nitrogen foam depending on the surfactant type and the system pressure (Mannhardt et al.
1996). Mannhardt & Svorstøl (1999) had observed that Snorre gas (a hydrocarbon gas
mixture) foam had a higher apparent viscosity compared to methane in the absence of oil
but both gases as well as nitrogen, had comparable apparent viscosity in the presence of
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oil. Other studies (Liu & Besserer 1988; Suffridge et al. 1989) reported enriched
hydrocarbon gas foam to be weaker than nitrogen foam. The type of gas can affect foam
stability because of differing permeability of the surfactant film to different gases
(Farajzadeh et al. 2011).
This chapter describes experiments that were done to evaluate if AOS 14-16 could
generate strong foam using reservoir gas/Miscible Injectant (MI) at reservoir conditions
of temperature (68 °C), pressure (3,300 psi) and salinity (~24,000 ppm Total Dissolved
Solids, TDS), at MI flood residual oil saturation. Due to the limited supply of MI and
limited access to specialized equipment required for using hydrocarbon gas in foam
floods at high pressure and temperature, the initial foam tests to characterize AOS 14-16
foam at reservoir conditions were carried out with nitrogen (N2). AOS – N2 foam tests in
the absence of oil were carried out at different foam qualities (injected gas volume
fraction), Γ, including a gas transient flood at Γ = 100 %. This data is needed to
determine the model parameters of foam models used to describe foam flow in porous
media: fractional flow theory or the STARS foam model (Cheng et al. 2000; Ma et al.
2013). With these model parameters, foam flow for a SAG process at a reservoir scale
can be simulated (Spirov et al. 2012). Since AOS proved to generate strong foam with
nitrogen, AOS – MI foam was evaluated at 70 % foam quality in the absence and
presence of MI flood residual oil. These experiments are detailed in the following
sections.
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5.1. Experimental Procedure
5.1.1. Materials
Alpha Olefin Sulfonate (AOS) with an average carbon chain length of 14 – 16
carbon atoms, henceforth referred to as AOS 14-16 or AOS, was procured from Stepan
under the name Petrostep – C1.
Synthetic connate and injection brine compositions are shown in Table 5.1; the bicarbonate in both brines was replaced with an equimolar amount of chloride to avoid
precipitation and have a stable brine. A mix of both the brines was used in surfactant
aqueous stability tests. Since the compositions of both brines are very similar, only
injection brine salinity was used for the core floods.
Berea cores were purchased from Kocurek industries, although different types
were used in the two labs; Buff Berea (Core flood setup - 1), and Gray Berea (Core flood
setup - 2).
(ppm)
Injection Connate
Cations
Na
9,573
9,035
K
66
20
Ca
60
70
Mg
58
11
Total
9,758
9,136
Anions
Cl
15,050
14,100
SO4
56
1
Total
15,107
14,101
TDS
24,864
23,237
Table 5.1 Synthetic brine composition
Industrial grade Nitrogen from Matheson was used for the nitrogen foam floods.
The composition of the Miscible Injectant (MI) is given in Table 5.2. It was prepared by
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recombining Mixed Gas (MG) containing C1 – iC4, with nC4 and the Mixed Liquid (ML)
containing C5 – C10, to a final pressure of ~ 3,300 psi at a temperature of ~ 68 °C.
Component
Content %
Component
Content %
Methane
69.04
Hexane
1.55
Ethane
7.54
Heptane
1.35
Propane
6.05
Octane
0.47
Butane
2.36
Nonane
0.27
i-Butane
6.65
Decane
0.17
Petane
1.76
Dodecane
0.02
i-Pentane
2.10
Carbon-dioxide
0.67
Table 5.2 Miscible Injectant composition
5.1.2. Aqueous solubility test
Surfactant solutions at desired concentration and salinity were added to sealed
bottom 2ml pipettes after which the open end of the pipette was sealed using an
oxyacetylene flame torch. The sealed pipettes were immersed in a vial filled with silicone
oil. The vials were then placed in a temperature controlled air bath and covered with an
insulating box to minimize heat loss and temperature fluctuations.
5.1.3. Core flood setups
The core flood apparatus consists primarily of a core holder, liquid/gas delivery
pumps to inject fluids into the core, Back Pressure Regulator (BPR) to maintain the
system at a desired operating pressure, and pressure transducers to record the pressure
drop in the core. Two different core flood apparatuses were used, details of which are
described below.
Core flood setup-1 is shown in Figure 5.1. The core holder module is situated
inside the oven. The gas was delivered using a dual ISCO pump (E260, from Teledyne
ISCO Inc.), and the liquid was delivered using a HPLC pump (Lab Alliance Series III).
Both fluids were delivered by the pumps at room temperature. The fluids then passed
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though lines (of sufficient length) inside the oven to heat the fluids to test temperature
before they entered the core. The pressure drop across the core, and the absolute pressure
at the outlet of the core were measured using pressure transducers as shown in the figure.
A sight cell downstream of the core holder enabled visualization of the foam. A series of
two spring loaded pressure relief valves were used as the BPR.

Figure 5.1 Core flood setup-1 (Cui 2014)
Figure 5.2 shows a simplified schematic of the Core flood setup-2. The core
holder was kept heated using a heating element. The gas was delivered from a gas
accumulator, which was at room temperature when nitrogen was used, and was kept
heated at test temperature using a heating jacket when MI was used. The gas injection
rate was adjusted to account for the temperature difference between the accumulator and
the test temperature. The liquid was delivered using a Quizix pump. Both fluids were

brought together upstream of the core, and entered the core through a fluid inlet line, a
section of which was immersed in the heated overburden fluid chamber, thereby heating
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the injected fluid to the test temperature. The absolute pressure was measured at the inlet,
outlet and middle of the core, using pressure transducers. A dome-type BPR was used to
maintain the system pressure.

Figure 5.2 Core flood setup-2
5.1.4. Core preparation and foam flood procedure
Each new core was vacuum saturated with brine, and its brine permeability was
measured. In the case of a reused core, the core was flushed with IPA/brine (50/50 v/v) at
the end of the previous core flood to kill the foam, depressurized in steps to atmospheric
pressure (only for cores not containing oil), flushed with multiple Pore Volumes (PV) of
brine, and then repressurized to the test pressure. For evaluation of foam in the presence
of residual oil after MI flood, cores were prepared as follows: the brine saturated core
was flooded with crude oil to residual brine saturation, followed by brine flood to
residual oil saturation at ~ 200 psi back pressure under gravity stable conditions. The
relative permeability to brine at residual oil saturation was measured. After this, the core
was flooded with ~ 2 – 3 PV of MI to simulate the conditions of residual oil saturation
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after MI flood. In one flood, the core was flushed with brine after this step to measure the
brine permeability before the foam flood.
The new/cleaned/oil saturated core was then pre-flushed with ~ 2 PV of surfactant
solution to satisfy adsorption. For the foam flood, gas and surfactant solution were
injected together at a certain foam quality, Γ (injected gas volume fraction) and flow rate.
All core floods were performed at ~ 3,300 psi back pressure, and the foam quality and
flow rate reported throughout this chapter is with respect to this outlet pressure. Based on
the pressure drop across the core/section the apparent viscosity, (
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of the foam is

calculated using Darcy’s law as shown in equation 5.1
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is the absolute permeability, 467 is the brine relative permeability,

is the cross-sectional area of the core, ∆8 is the pressure drop across the core, 9 is the
volumetric flow rate, and : is the length of the core. For foam floods in the absence of oil,
467 = 1. For foam floods in the presence of oil, (
and with 467 = 467 & < '; where

<

))

was calculated both with 467 = 1,

is the oil saturation during the foam flood.

5.2. Aqueous stability test
The stability of AOS 14-16 in brine was measured at surfactant concentrations of
0.1 wt%, 0.5 wt% and 1 wt%, at salinities ranging from connate to injection brine
composition, and at temperatures of 25 °C, 60 °C, 70 °C, and 80 °C. The samples were
observed over a period of 3 - 4 days at each temperature going from the lowest to the
highest. The solutions remained clear at all tested temperatures. After the test, the
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samples were left at 70 °C for ~ 3 months, and they continued to stay clear. Figure 5.3
shows a representative sample of 1 wt% AOS kept at 70 °C for a week.

Figure 5.3 Aqueous solubility of 1 wt% AOS 14-16 in mixture of injection and
connate brines at 70 °C

5.3. Nitrogen foam tests in the absence of oil
A summary of nitrogen foam core floods is given in Table 5.3. Core floods CFR1
- CFR3 were done in the Core flood setup-1, in Buff Berea cores, and with AOS 14-16
(#7313268). CFC1 was done in the Core flood setup-2, in Gray Berea cores and with
AOS 14-16 (#7557466). The different parameters for each flood are listed in the table
and include core properties, initial condition of the core, temperature of the experiment,
surfactant concentration, foam quality, superficial velocity and direction of flow. The
initial condition of the core corresponds to one of the three: new core, cleaned core (IPAbrine flush and depressurization), and no cleaning (core with foam from previous
experiment was used as is).
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Core properties
d,l
k
PV
(in) (mD) (ml)

Core flood
A

1.5,
8

110

45

CFR1

B
A
B
C
D

1.5,
8

147

40

CFR2

E
F
G
H
A
B
C

1.5,
4

137

20

CFR3

D
E
F

1.5,
6

155

30

CFC1

A
B
C
D
E
F
G

Initial
state of
core
New
No
cleaning
New
No
cleaning
Cleaned
No
cleaning
Cleaned
No
cleaning
No
cleaning
Cleaned
New
No
cleaning
No
cleaning
No
cleaning
No
cleaning
No
cleaning
New
Cleaned
Cleaned
Cleaned
Cleaned
Cleaned
Cleaned

H Cleaned
I
No
cleaning

T
(°C)
25
25

Experimental conditions
Cs
Γ
vs (ft/D)
(wt%) (%)
1
50
0.42;
0.17
1
75
0.17

Flow
Up
Up

68
68

1
1

50
60

4.1; 0.4
4.1; 0.4

Up
Up

68
68

1
1

60
70

4.1
4.1; 0.4

Up
Up

68
68

1
1

100
90

4.1
4.1

Up
Up

68

1

80

4.1; 0.4

Up

68
68
68

0.5
0.5
0.5

50
50
70

4.1
4.1
4.1

Up
Up
Up

68

0.5

90

4.1

Up

68

1

90

4.1

Up

68

1

70

4.1

Up

68

1

50

4.1

Up

68
68
68
68
68
68
68

0.5
0.5
0.5
0.5
0.5
0.5
0.5

25
50
100
50
70
90
70

Down
Down
Down
Horiz
Horiz
Horiz
Down

68
68

0.5
0.5

70
70

2.1
2.1
2.1
2.1
2.1
2.1
0.2; 0.4;
1; 4.1
2.1; 4.1
4.1

Down
Up

Table 5.3 Summary of Nitrogen Foam tests
5.3.1. Apparent viscosity as a function of foam quality
Figure 5.4 shows the foam apparent viscosity as a function of pore volumes
injected for different foam qualities and flow direction at a superficial velocity of 2.1
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ft/D. The graphs on the left-hand side are in terms of Total Pore Volume (TPV) injected
and over a longer duration of the test to show foam development over time, and time
taken to reach steady state. The graphs on the right-hand side are in terms of Gas Pore
Volume (GPV) injected to show the occurrence of gas breakthrough from the first section
to the second section, and foam development as the gas passes through the core. Though
the gas breakthrough at the effluent collector was noted, it was not used since the large
dead volume of outlet lines from the core introduced considerable error in the
measurement.
Foam built up first in the upstream section and then propagated to the downstream
section. Strong foam with apparent viscosity in the range of 200 – 300 cP developed by
the end of 1 GPV at all the foam qualities tested except for at Γ = 90 %, for which it was
~ 60 cP. The foam increased in strength with more pore volumes throughput, and took
between 9 – 12 TPV to reach steady state. Steady state apparent viscosities were in the
range of 300 – 600 cP. The foam was stronger in the downstream section than in the
upstream section by a factor of 1.5 – 2. This is consistent with similar observations
reported by others (Vikingstad & Aarra 2009; Simjoo et al. 2012). The gas breakthrough
from the first to the second section occurred before 0.5 GPV in all cases.
Figure 5.5 shows apparent viscosity as a function of foam quality. The apparent
viscosity increases with increasing foam quality for Γ = 0 % - 50 % (low quality regime),
and decreases with increasing foam quality for Γ = 50 % - 100 % (high quality regime).
These regimes have been described in the literature (Osterloh & Jante Jr 1992; Rossen &
Wang 1999; Khatib et al. 1988). In the low quality regime, pressure drop was reported to
be relatively independent of the liquid flow rate and dictated by bubble trapping and
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Figure 5.4 Apparent viscosity as a function of pore volume injected at different
foam qualities (Γ) and flow directions, at a superficial velocity of 2.1ft/D and
surfactant concentration of 0.5 wt% (CFC1)
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mobilization, with fairly constant bubble size. In the high quality regime pressure drop
was found to be relatively independent of the gas flow rate and determined by bubble
coalescence at limiting capillary pressure, and bubble size varied as needed to maintain
foam at the limiting capillary pressure. The transition from the low quality to the high
quality for the AOS-N2 foam in this study occurred at a foam quality of Γ = 50 %. This
transition foam quality was shown to be a function of core permeability, surfactant type,
surfactant concentration and total flow rates (Alvarez et al. 2001). The apparent viscosity
at the transitional foam quality can be used to determine the model parameters fmmob
and fmdry, and the fit to the steady state apparent viscosity vs foam quality data can be
used to determine epdry (non-unique), all of which are parameters in the STARS foam
model (Ma et al. 2013).

Figure 5.5 Apparent viscosity as a function of foam quality (CFC1)
As shown in Figure 5.5, foam was found to be stronger in the downward flow
direction when compared to horizontal flow direction, but the difference between the two
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was not substantial. Similar observations were made by Simjoo et al. (2012) who
compared foam strength for upward and downward flow.
5.3.2. Gas transient flood
Figure 5.6 shows the foam apparent viscosity as a function of pore volume of gas
injected into a core pre-flushed with surfactant solution. The pressure response showed
two peaks in both sections. The first peak occurred first in the upstream section at 0.22
PV and then in the downstream section at 0.62 PV, and that of the overall apparent
viscosity occurred at 0.62 PV. This corresponds to the initial flow of gas through the
surfactant saturated region; as the gas flows through the section the pressure increases
initially due to gas trapping and foam formation, peaks, and then decreases as the foam
dries out (limiting capillary pressure). The second peak occurred after gas breakthrough
at the core outlet, and appeared first in the downstream section at 1.42 PV and then in the
upstream section at 1.63 PV, with the overall apparent viscosity peak at 1.5 PV. This
peak was much higher than the first peak. Since the second peak appeared to propagate
from the downstream to the upstream section, it could possibly be due to foam generation

Figure 5.6 Gas transient flood at 2.1 ft/D (CFC1-C)
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at the outlet end as a result of capillary end effects, i.e, foam generation by snap off
resulting from a sudden drop in the capillary pressure at the outlet end. Beyond this
second peak, the foam viscosity decreases with further gas injection. The gas apparent
viscosity after 5 PV was ~ 25 cP.
Gas transient flood was shown to be useful in narrowing down the range of the
epdry parameter value to be used in the STARS foam model (Ma et al. 2013).
5.3.3. Minimum pressure gradient and shear thinning behavior of foam
Studies (Dicksen et al. 2002; Gauglitz et al. 2002; Ransohoff & Radke 1988) have
reported that a minimum pressure gradient or velocity is required for the generation of
strong foam. This has been attributed to gas entering small pores where foam generation
can occur by snap off, and to mobilization of lamella resulting in foam generation by
lamella division or by snap off at the vacated pore throat. Thus it is important to
determine if the pressure gradients/velocities in the reservoir are higher than the
minimum pressure gradient/velocity. The minimum pressure gradient was shown to be
proportional to the surface tension between the gas and the liquid, and inversely
proportional to the permeability of the medium. It can be determined by carrying out
experiments in increasing order of either constant pressure gradient or constant injection
rate.
To determine the minimum pressure gradient/velocity for the current AOS-N2
system, an experiment was conducted at Γ = 70 %, starting with a superficial velocity as
low as 0.2 ft/D. The flow rate was increased in steps up to 4.1 ft/D, after steady state was
reached at each of the flow rates. Strong foam generation was observed even at the lowest
flow rate tested, and no minimum pressure gradient/velocity could be established. The
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minimum velocity for foam generation is less than 0.2 ft/D. As shown in Figure 5.7, the
foam shows shear thinning behavior, i.e., the apparent viscosity decreases with increasing
superficial velocity with an exponent of - 0.336.

Figure 5.7 Apparent viscosity as a function of superficial velocity (CFC1)
5.3.4. Effect of surfactant concentration
In core flood CFR3, foam apparent viscosity was determined for different foam
qualities at surfactant concentrations of 0.5 wt% and 1 wt% AOS. The tests were done
first at the lower surfactant concentration. The results are shown in Figure 5.8. It can be
seen that the influence of surfactant concentration is minimal in the tested range of
concentration. This is in agreement with the observation that at concentrations which are
at least two orders of magnitude higher than cmc, the effect of surfactant concentration
on apparent viscosity in the absence of oil is minimal (Mannhardt & Svorstøl 2001). The
cmc of AOS 14-16 reported in literature is ~ 4 ×10-3 wt% for ambient conditions and
0.5M NaCl (Simjoo et al. 2012), as well as at seawater salinity (~35,000 ppm TDS) and
90°C. It is ~ 6 ×10-4 wt% at seawater salinity and ambient conditions (Mannhardt &
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Svorstøl 2001). The cmc of AOS decreases with increasing salinity and decreasing
temperature. At the test conditions of 68°C and ~24,000 ppm TDS, the surfactant
concentrations of 0.5 wt % and 1 wt% are at least two orders of magnitude higher than
the cmc for AOS 14-16.

Figure 5.8 Effect of surfactant concentration on foam apparent viscosity
(CFR3)
5.3.5. Effect of core length
Foam apparent viscosity can depend on core length due to entrance effects, end
effects or propagation effects. Entrance effects as discussed before result from the fact
that a certain length of core is required for foam to form (Ashoori et al. 2011). If only this
effect is in play, then foam apparent viscosity should increase with increasing length of
core. Capillary end effect results when foam generation occurs at the core outlet by snap
off resulting from the reduction in the capillary pressure, as well as retention of the water
by capillarity (in the case of very high foam quality). If the resulting foam from this
effect is very strong in comparison to the foam propagating from the inlet, and this
secondary front propagates a certain distance into the core from the outlet (Simjoo et al.
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2012), assuming that this distance is not dependent on core length, then the overall
apparent viscosity could be expected to decrease with increasing core length. If foam
from the inlet propagates poorly (Vassenden et al. 1999), then the apparent viscosity will
decrease with increasing core length.

Figure 5.9 Effect of core length on foam apparent viscosity
Figure 5.9 shows foam apparent viscosity as a function of foam quality for
different core lengths. Since CFR2 (8 in) and CFR3 (4 in) were done at superficial
velocities of 4.1 ft/D, and CFC1 (6 in) was done at 2.1 ft/D, the apparent viscosities of
the latter were extrapolated to those at 4.1 ft/D, using the apparent viscosity vs.
superficial velocity relationship given in Figure 5.7. The permeabilities of all three cores
are comparable (137 – 155 mD). Comparing CFR2 with CFR3 and CFC1 the foam
apparent viscosity appears to increase when the core length is decreased from 8 in to 4 in
and 6 in respectively. However, comparing CFR3 with CFC1 shows the opposite trend.
The apparent viscosity values of CFC1 are more in line with values reported in the
literature for AOS 14-16 foam for comparable conditions, while that of CFR2 (~ 100 cP
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and lesser) appear to be on the lower side (Vikingstad & Aarra 2009; Mannhardt &
Svorstøl 2001). It is not clear why CFR2 apparent values are low. Multiple pressure taps
were not present for this test (Core flood setup-1), and it cannot be ascertained if capillary
end effects or poor propagation as discussed above were in play. Increase in foam
apparent viscosity with increasing core length from 4 in to 6 in are in line with
observations made by Simjoo et al. (2013), who showed using multiple pressure taps that
the sectional apparent viscosity increased till a certain distance (~10 cm for their system)
from the core inlet after which it remained fairly constant.
5.3.6. Effect of temperature
Figure 5.10 shows the effect of temperature on foam apparent viscosity. The foam
floods at room temperature, CFR1, were carried out at very low superficial velocity of
0.17 ft/D since the pressure drops at higher flow rates were beyond the limit of the
transducers (Core flood setup-1). The core floods CFC1 and CFR2 at a higher
temperature (68 °C) were performed at higher superficial velocities of 2.1 ft/D and 4.1
ft/D respectively. To be able to compare the effect of temperature based on these floods,
apparent viscosity data from CFC1 and CFR2 were extrapolated to 0.17 ft/D using the
apparent viscosity vs. superficial velocity relationship given in Figure 5.7.
It can be seen that increase in temperature from 25 °C to 68 °C decreased foam
apparent viscosity by a factor of 3 when CFR1 and CFC1 were compared; the decrease
would be even less if we take into account that the apparent viscosity would increase with
increasing core length (6” in CFC1 vs 8” in CFR1). Comparing CFR1 with CFR2 the
decrease in apparent viscosity was much larger, by a factor of ~ 10; however it should be
noted that CFR2 data could be anomalous as was discussed earlier in Section 5.3.5.
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Figure 5.10 Effect of temperature on foam apparent viscosity

According to the theories proposed by Hirasaki & Lawson (1985) and Falls et al.
(1989), the apparent viscosity of foam in porous media can be calculated as the sum of
four contributions arising from the viscosity of liquid slugs between the gas bubbles,
resistance to deformation of the bubble interface, resistance arising from surface tension
gradient at the bubble interface and resistance to flow from pore constrictions. Each of
these are defined to be functions of liquid viscosity, surface tension, the radius of
curvature of the gas liquid interface, number of lamellae per unit length (nL), velocity of
the gas bubble, dimensionless surface tension gradient, pore geometry, effective capillary
radius of the pore, and number of constrictions. The effect of temperature on foam
apparent viscosity is thus a net result of the effect of temperature on these individual
parameters. Some of the parameters that may be altered by temperature are liquid
viscosity, surface tension and nL. nL is dictated by the net of foam generation and foam
destruction. Foam destruction occurs by capillary suction coalescence and by gas
diffusion. Capillary colaescence of foam films stabilized by ionic surfactants occurs when
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the sum of forces arising from capillary pressure and Van Der Waals attraction is greater
than the eletrostatic repulsive force between the ionic surfactant heads. Van Der Waals
force is relatively independent of temperature (except for Keesom forces), while
electrostatic forces are temperature dependent. Gas diffusion increases with temperature
as the surfactant film permeability increases resulting from a higher energy of gas
molecules and higher collision frequency of the gas molecules with the surfactant film at
the higher temperature. As multiple paramters determining foam stability are affected to
different extents by temperature, experimental determination of the effect of temperature
on foam apparent viscosity was done.

5.4. Miscible Injectant Foam tests in the absence of oil
A summary of the MI foam tests conducted in the absence of oil is given in Table
5.4. All floods were done with Core flood setup-2, in Gray Berea cores, with AOS 14-16
(#7557466) at 0.5 wt% concentration, 70 % foam quality, at 68 °C, and in a downward
flow direction. CFC1-J to CFC1-L were repeat experiments conducted in the same core
as the nitrogen floods CFC1-A to CFC1-I, at a superficial velocity of 2.1 ft/D. CFC2 was
conducted in a new core at a lower superficial velocity of 0.42 ft/D
Core properties
d,l
k
PV
(in) (mD) (ml)
1.5,
6
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30

100

29

Core
flood

CFC1
CFC2

J
K
L

Intial
state of
core
Cleaned
Cleaned
Cleaned
New core

T
(°C)
68
68
68
68

Experimental conditions
Cs
Γ
vs
(wt%) (%)
(ft/D)
0.5
70
2.1
0.5
70
2.1
0.5
70
2.1
0.5
70
0.42

Table 5.4 Summary of MI foam floods

Flow
Down
Down
Down
Down
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5.4.1. Gas Hydrate formation and modification of experimental setup
Figure 5.11 shows the pressure measured at the inlet and outlet of the core, during
MI foam floods CFC1-J and CFC1-K. For CFC1-J it can be seen that after ~ 5 hr, the
core outlet pressure started to increase slowly, and at ~ 8.5 hr it rose sharply to ~ 4,400
psi. The core inlet pressure soon reached the same value. As the BPR was set to ~ 3,300
psi, an increase in the core outlet pressure implied plugging of the outlet line between the
core and the BPR. Similarly in CFC1-K, at ~ 4 hr, the core inlet pressure started to
decrease, while simultaneously the aqueous pump pressure continued to increase. This
implied that the inlet line to the core was getting plugged, resulting in reduced flow rate
to the core, and in turn reduced core inlet pressure. The pressure drop across the inlet line

Figure 5.11 Plugging of inlet and outlet lines during MI foam flood
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increased to > 1,200 psi at which point the pumps were stopped.

Figure 5.12 Plugging Gas hydrate formation pressure at room temperature
(figure reproduced from Katz, D., 1944)
The plugging of the lines can be explained on the basis of formation of gas
hydrates. Katz (1945) determined the gas hydrate formation pressure as a function of
temperature for pure methane, and a mixture of gases with different gas gravities, as
shown in Figure 5.12. Gas gravity, calculated as the molecular weight of the gas to the
molecular weight of air, was calculated to be 0.98 for the MI. For pure methane at room
temperature (25 °C, 77 °F), the hydrate formation pressure is > 5,500 psi. As the gas
gravity increases, the hydrate formation pressure decreases. For MI with a gas gravity of
0.98, the hydrate formation pressure at room temperature is > 2,500 psi. As shown in
Figure 5.2, the inlet and outlet lines, as well as the BPR, which contained both MI and
surfactant solution, were at room temperature and pressure > 3,500 psi, which is well
above the hydrate formation pressure for the MI at that temperature. To avoid hydrate
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formation, the lines containing both MI and aqueous phase at high pressures, must be
maintained at an elevated temperature. To this end, the setup was modified such that the
inlet lines containing gas and liquid were placed inside the hood (warmer than room
temperature), and the outlet lines coming out from the hood and the BPR, were kept
heated with heat tape. Once these modifications were implemented, no plugging of inlet
or outlet lines was observed.
5.4.2. MI foam apparent viscosity
After the setup modification was done as discussed in the previous section, two
more MI foam floods were carried out. The results of these tests are shown in Figure
5.13. Similar to the nitrogen foam tests, strong foam formed first in the upstream section
and then propagated to the downstream section. In both floods, strong foam (> 200 cP)
was formed by 1 TPV, and the apparent viscosity continued to increase after that. While
steady state was reached in 9 – 12 TPV for nitrogen foam tests under similar conditions,
MI foam tests seemed to take longer to reach steady state. None of the tests were run long
enough to observe a steady state.
In CFC1-L, at ~ 9 TPV, the core inlet pressure became equal to the overburden
fluid pressure, and the resulting lack of overburden pressure near the inlet, caused the
fluids to bypass this section of the core, by flowing around it. This was seen as a decrease
in the apparent viscosity in the upstream section between 9 – 12 TPV. The apparent
viscosity in the downstream section continued to increase till ~ 12 TPV, at which point
the fluids started to bypass the downstream section as well. To avoid this issue with
overburden pressure and obtain a steady state apparent viscosity for MI foam, CFC3 was
carried out at a lower flow rate of 2.5 ft/D. In CFC3 at ~ 12 TPV, there was a loss of back
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pressure, and after the back pressure recovered, the foam was much stronger than before,
especially in the downstream section. Due to this, only data till 12 PV was considered,
and no steady state could be established in this test as well.

Figure 5.13 MI foam apparent viscosity as a function of pore volume for
CFC1-L (2.1 ft/D; 155 mD) and CFC2 (0.42 ft/D; 100mD)
Figure 5.14 compares the overall apparent viscosity obtained in the different MI
foam and N2 foam tests at 70 % foam quality in the absence of oil. CF1-J and CF1-L are
repeat experiments with MI foam that were done in the same core (CF1-J had gas hydrate
formation in the outlet line as discussed before). Note that the foam viscosity is

152
substantially stronger in the latter foam flood. The brine permeability of the core
measured after the tests CF1-J and CF1-K matched with that at the start of those tests.
The brine permeability data at the end of CF1-L and CFC-2 is not available. Based on
this and the fact that aqueous stability tests at the test salinity and temperature (not in the
presence of pressurized MI) showed no precipitation, it is unlikely that plugging of the
core could be the reason for the observed increase in apparent viscosity between the two
tests. It is unclear with the available data as to what could be causing this behavior.
Mannhardt & Svorstøl (1999a) had observed a similar effect, which they referred to as
“ageing”. They speculated that it could be a result of the mixed-wet state of the reservoir
rock used in their tests, which needed to be altered to a water-wet state in order to be able
to generate strong foam.

Figure 5.14 MI foam apparent viscosity
Comparing MI foam apparent viscosity from tests CFC1-J and CFC2 (both of
which were the first MI foam tests in their respective cores) with N2 foam apparent
viscosity from CFC1-H (data was extrapolated to 0.42 ft/D to compare with CFC2), it
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was found that by the end of ~ 6 TPV, MI foam is only half as strong as N2 foam.
However, by ~ 12 TPV, MI foam in CFC2 reached the same strength as N2 foam (CFC1J data is available only till 6 TPV). On the other hand, MI foam in CFC1-L was stronger
than N2 foam right from ~ 1 TPV, twice as strong by ~ 8 TPV, and foam strength
continued to increase up to at least 12 TPV (based on downstream data available for
CFC1-L between 9-12 TPV; Figure 5.13).
Based on these tests, under similar test conditions, MI foam in some cases (where
the core was not previously exposed to MI) was found to take longer time to reach similar
foam strength as N2 foam, and the steady state apparent viscosity of MI foam (steady
state was not reached in any of the MI foam tests) would eventually be as strong or
stronger than that of N2 foam.

5.5. Miscible Injectant Foam tests in the presence of oil
Oil can have a detrimental effect on foam, depending on the type of oil and
surfactant. For AOS 14-16, Mannhardt & Svorstøl (1999) showed that the apparent
viscosity of foam (with methane, nitrogen and hydrocarbon gas mixture) decreased
substantially at about 13 – 15 % oil saturation. Simjoo et al. (2012) reported generation of
stable AOS 14-16 nitrogen foam at water flood residual oil saturation of sufficiently high
apparent viscosity to increase oil recovery due to favorable mobility ratio of the gas
flood. Farajzadeh et al. (2010) reported weak AOS 14-16 nitrogen foam in the presence
of oil. In the study by Vassenden et al. (1999) propagation of AOS 14-16 foam (with
hydrocarbon gas mixture) was found to be poor. In the light of these various results, the
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effect of MI flood residual oil saturation on AOS 14-16 foam with MI was evaluated in
this section.
Table 5.5 summarizes the core properties, core preparation, and pre-foam flood
steps for each core. All cores were 1.5” in diameter and 6” long. The permeabilities
ranged from 88 – 167 mD. Cores were saturated with oil as described in Section 5.1.4.
The residual oil saturation to brine flood was in the range of 0.25 – 0.39 PV, and was
reduced to 0.05 – 0.19 PV after MI flood. Additional oil was produced during the brine
flood or surfactant pre-flush steps. The final residual oil saturations before the start of
foam tests,

<6=

, were in the range of 0.05 – 0.16 PV. All MI floods were carried out at

Γ = 70 %, and at a superficial velocity of 2.1 ft/D. CFO-2 had a foam quality of 30 % up
to 1.35 TPV (0.41 GPV) at the same superficial velocity due to an error in the injection
rates set on the pumps; it was changed to Γ = 70 % at 1.35 TPV.
Core flood name

CFO-1

CFO-2

CFO-3

1.5, 6
29.7
135

1.5, 6
28.2
88

1.5, 6
29.3
167

0.78
0.308
8

0.85
0.387
12

2.66
.049
0
2
0.049

2
0.189
18
0.155
15
2
0.155

Core properties
Core diameter, length (in)
Pore volume (ml)
Brine permeability (mD)

Core preparation
Initial oil saturation after oil flood, Soi (PV)
?
Residual oil saturation to water flood, Sorw (PV)
0.249
Brine end point permeability at Sorw (mD)
13
Pre – foam flood steps
MI flood Pore Volumes
2
Residual oil saturation to MI flood, Sorm (PV)
0.097
Brine flood, Pore Volumes
0
Residual oil saturation to brine flood, Sormb (PV)
Brine permeability (mD)
Surfactant pre-flush, Pore Volumes
2
Residual oil saturation to surfactant flood, Sorms
0.077
(PV)

Table 5.5 Summary of MI foam floods in presence of oil
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Figure 4.16 and Figure 5.16 show the apparent viscosity of MI foam in the two
sections of the core, and over the entire core, calculated in two different ways; assuming
467 = 1 in the former, and assuming 467 = 467 & < ', in the latter. Foam generation and
propagation characteristics were similar to what was observed in tests in the absence of
oil. Foam formed first in the upstream section, and then propagated to the downstream
section. Gas breakthrough form first to second section occurred before 0.5 GPV.
In Figure 4.16, overall apparent viscosities (calculated for 467 = 1) by the end of
1 GPV were in the range of 100 – 400 cP, and continued to increase to 700 – 3000 cP by
5 – 6 GPV. The apparent viscosity was higher in the downstream section than in the
upstream section by a factor > 2, except for CFO-3, for which it was the same in both the
sections. Upon comparing CFO-1, CFO-3 and CFC1-L, all of which had comparable
absolute permeability (135 – 167 mD), the difference in apparent viscosity at different oil
saturations was largest in the upstream section, and was minimal in the downstream
section. Based on the overall and upstream section, the apparent viscosity appeared to
increase with increasing oil saturation, which is contrary to the expected trend that a
greater amount of oil would destabilize foam to a larger extent. Based on the downstream
section, the apparent viscosity appeared to not depend on the oil saturation, although the
time taken to approach steady state seemed to differ slightly in each case (note that CFO1 had 30 % foam initially instead of 70% as mentioned before). CFO-2, which had the
lowest oil saturation of 4.9 %, had a lower apparent viscosity by the end of the flood at
5.5 GPV compared to the rest of the floods, although it showed an increasing trend, and if
continued for a longer duration could eventually have an apparent viscosity comparable
to the other floods. This is contrary to what would be expected, where lower oil
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saturation should have a lesser impact on foam destabilization. One reason for this could
be that the core permeability is lower than the others by a factor of ~ 2.
In the previous discussion, foam apparent viscosity was calculated on an absolute
permeability basis, 467 = 1. Alternatively, foam apparent viscosity can be calculated on
the basis of brine relative permeability (467 ) at the oil saturation ( < ) of the core during
the foam flood, 467 = 467 & < '. The relative permeability to brine decreases with
increasing oil saturation. To calculate apparent viscosity on this basis, the 467 as a
function

<

is required, and the oil saturation of the core should be known. 467 at the

residual oil saturation to brine flood (
of 0.1 for

<67

<67 )

was measured (Table 5.5), and is in the order

= 0.25 – 0.4 PV. Based on this, the system can be interpreted to be

strongly water wet. Since a substantial amount of oil was produced during the MI flood
step and the subsequent brine flood and surfactant pre-flush step, and the oil saturation
(

<6=

) is reduced further to 0.05 – 0.16 PV, we cannot use the 467 values that were

measured at

<67 .

To get 467 at oil saturations during the foam flood (

<6=

), the relative

permeability data for Berea cores reported in Oak et al. (1990) was used. The data of 467
at

<67

measured in this study matches well with their data (refer Appendix). The oil

saturation was assumed to be constant during the foam flood since no visible amount of
oil was produced during the foam flood, and the oil saturation measured by Dean Stark
extraction at the end of CFO-2 and CFO-3 was similar to that at the start of the foam
flood. For CFO-3 the oil saturation was measured separately for the upstream and
downstream section, and it was found that all the oil was in the upstream section. While
higher oil saturation in the upstream section compared to the downstream section is
expected after an MI flood, the difference as observed in this particular case appears to be
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stark. During the MI flood, there is expected to be a region near the core inlet in which
the MI interacts with the oil to make a miscible front that displaces the oil that is present
further downstream of this entrance region of the core. This results in a higher amount of
oil being left behind in this entrance region than in the downstream section. That the
downstream section had very little or no oil could explain the observation that the
apparent viscosity measured in this section was comparable for all the core floods (with
comparable core permeability) at the different overall oil saturations. Based on these
observations, the apparent viscosity was calculated considering two scenarios: assuming
all the oil was in the upstream section, and assuming equal distribution of oil in both the
sections.
For the case of all the oil being in the upstream section, the apparent viscosity was
recalculated for this section for 467 = 467 &2

<6=

', while that of the downstream

section would be the same as that shown in Figure 4.16 since 467 = 1 for this section.
The overall apparent viscosity calculated as the average of the apparent viscosities in the
two sections is comparable both in the presence and absence of oil for cores with similar
absolute permeability. The apparent viscosity of the upstream section was comparable for
all floods in the presence of oil, and was lower than the apparent viscosity in the absence
of oil, by a factor > 2. At 1 GPV, the apparent viscosity in this section was only ~ 30 cP
in the presence of oil compared to ~ 200 cP in the absence of oil. The implication of this
destabilization effect of oil on foam for a gas flood is that, the foam will be stronger in
the swept zones (low residual oil saturation) and weaker in the unswept zones (higher oil
saturation), leading to diversion of injected fluids into the latter. This will increase the
reservoir sweep efficiency.
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For the case of oil being equally distributed in both sections of the core, 467 =
467 &

<6=

' for both sections, and the recalculated overall apparent viscosity is shown in

Figure 5.16. Comparing cores with similar absolute permeability, the overall apparent
viscosity doesn’t seem to be affected by the presence of oil.
Thus based on the different ways in which foam apparent viscosity was calculated
making different assumptions, oil had no detrimental effect on foam in the best case
scenario, and decreased foam apparent viscosity by a factor of about 2 in the worst case
scenario.

Figure 5.15 MI foam apparent viscosity for foam floods in the presence of oil

Figure 5.16 Miscible foam apparent viscosity calculated at based on water relative permeability at residual oil satutration.
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5.6. Conclusions
AOS 14-16 foam behavior in porous media (Berea outcrop core) has been
evaluated using Nitrogen (N2) and Miscible Injectant (MI) gas at reservoir conditions of
temperature (68 °C), pressure (3,300 psi) and salinity (~24,000 ppm TDS). AOS-N2
foam tests were carried out in the absence of oil. Based on these tests the dependence of
foam apparent viscosity on temperature, foam quality, superficial velocity, and surfactant
concentration was assessed. AOS-MI foam tests were carried out both in the presence and
absence of oil, at a constant foam quality of Γ= 70%. The following are the conclusions
based on these tests
1. AOS generated strong foam with N2 in the absence of oil, over a wide range of
foam qualities at reservoir conditions. The apparent viscosity ranged from 300 –
700 cP at a superficial velocity of ~ 2.1 ft/D, for foam qualities in the range of 25 –
90 %. The transition from low quality to high quality regime occurred at Γ = 50 %.
This data along with the data from the gas transient (Γ = 100 %), can be used to
determine the parameters of the STARS foam model to describe AOS foam.
2. The foam front propagated at a rate comparable to that of the injected fluids. It
formed first in the upstream section and then propagated to the downstream section.
The apparent viscosity in the downstream section at steady state greater than that in
the upstream section by a factor of 1.5 – 2.
3. No minimum velocity or pressure gradient could be established for AOS-N2 foam
at Γ = 70 %, in the range of superficial velocity tested, the lowest being 0.2 ft/D.
4. AOS-N2 foam at Γ = 70 % showed a shear thinning behavior, with a power law
exponent of - 0.336 for apparent viscosity vs. superficial velocity.

162
5. The effect of concentration on AOS-N2 foam was negligible in the concentration
range of 0.5 – 1 wt% AOS.
6. AOS-N2 foam strength increased with increasing length of core. This was
explained on the basis that the proportion of the entrance region where the foam is
still developing and hasn’t reached maximum foam strength, decreases with
increasing length of core.
7. The apparent viscosity of AOS-N2 foam decreased with increasing temperature. It
decreased at least by a factor of 3 going from 25 °C to 68 °C.
8. For foam tests with hydrocarbon gas it should be ensured that all lines containing
gas and surfactant solution at high pressures are maintained at a temperature higher
than the hydrate formation temperature corresponding to that pressure, in order to
avoid plugging of the lines.
9. AOS generated strong foam with MI in the absence of oil. In the MI foam tests in
which core was previously not exposed to MI, foam was initially weaker than N2
foam by a factor of ½ by the end of 6 TPV, but became as strong as N2 foam by 12
TPV. In the MI foam test in which core was previously exposed to MI, foam
strength was greater than N2 foam from earlier on in the test (~ 1 TPV).
10. Based on the different ways in which foam apparent viscosity was calculated in the
presence of oil, oil at MI flood residual saturation (0.05 – 0.155 PV) had no
detrimental effect on foam in the best case scenario, and decreased foam apparent
viscosity by a factor of ~ 2 in the worst case scenario.
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Chapter 6
Conclusions and Future work

In this thesis, the use of surfactants for Enhanced Oil Recovery (EOR) has been
evaluated for two field applications: (1) low Interfacial Tension (IFT) constant salinity
flood, and (2) for foam based mobility control in gas floods. These have been discussed
in detail in the previous chapters. The main conclusions with suggestions for future work
are summarized in this chapter.

6.1. Surfactant selection for low temperature low salinity carbonate
reservoir
This chapter discussed the selection of a surfactant for application in a low IFT
flood for low salinity (~ 11,000 ppm TDS) and low temperature (25 – 30 °C) conditions.
An alcohol free surfactant formulation of tridecyl alcohol 13 propoxy sulfate (TDA13PO), was found to have good aqueous stability, oil solubilization parameter (> 8),
absence of viscous phases, and moderate absorption (~ 0.26 mg/g rock), at reservoir
salinity and 25 °C. Corresponding to the solubilization parameter of 8, the calculated IFT
(using Huh’s correlation) was ultra low: 5×10-3 mN/m, which meant that the surfactant
would be effective in recovering oil trapped by capillarity. This was verified in imbibition
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tested in which the surfactant was able to recover greater than 75 % of the oil after brine
imbibition (not reported in this thesis; discussed in (Sagi et al. 2013)). One drawback was
that although the aqueous solutions of these surfactant were stable during the time of the
experiment, these were unstable over longer periods of time (separated into two phases
over 6 months) and showed poor injectivity in low permeability media (6 – 15 mD).
Although not verified, this is suspected to be caused by the presence of larger surfactant
aggregates that form but remain dispersed in the aqueous solution at low surfactant
concentrations.
The effect of live oil phase behavior was evaluated. As these tests were performed
at 30 °C which was more representative of the reservoir temperature, TDA-13PO, whose
optimal salinity was reduced with this increase in temperature, was blended with S2
(C15-18 internal olefin sulfonate) in a 90:10 ratio (TS blend) to have an optimal salinity
closer to reservoir salinity. The optimal salinity of the TS blend with the reconstituted
live oil was estimated to be ~ 30 – 39 % lower than that with dead oil. To account for this
decrease in the optimal salinity, and increase the optimal salinity to the reservoir salinity,
the amount of S2 (which is the more hydrophilic surfactant) in the blend should be
increased.
While previous studies have reported the effect on methane, in this study the
effect of ethane, carbon dioxide and separator gas has been reported for the first time.
The optimal salinity of live oil made with methane was lesser than that with dead oil. For
the same mole fraction of gas in the crude oil, both ethane was ~ 4 times more effective,
and carbon dioxide ~ 1.7 times more effective than methane in reducing the live oil
optimal salinity from that of the dead oil. The same observation was made for the
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separator gas, which was ~ 2.4 times more effective than methane. The implication of
these results for surfactant selection made by using live oil prepared by pressurizing dead
crude oil with only methane to reservoir pressure as has been done in previous studies is
that: (1) the mole fraction of gas dissolved in the crude oil will be much lesser than that
of the mole fraction of dissolved gas in the reservoir live oil, as methane has a much
lower solubility than the other hydrocarbon gases, and (2) as gases other than methane in
the live crude oil have a much greater effect in reducing optimal salinity than methane,
even though these may be present in a lower quantity than methane, their contribution to
decreasing the optimal salinity should not be neglected. Both of these together could
result in the actual optimal salinity with recombined live oil to be much lesser than that of
live oil made with methane only.

6.2. Non-classical

phase

behavior

and

“apparent”

surfactant

partitioning
TDA-13PO salinity scan with crude oil at 25 °C showed non-classical phase
behavior in that: (1) the phase behavior transitioned from Type I to Type II system with
an increase in salinity without going through the Type III region, and (2) the calculated
oil solubilization parameter decreased with increasing salinity in the Type I region after
reaching a maximum. Upon analysis of the aqueous phases by potentiometric titration
and HPLC, surfactant was found to be partitioning between the oil and aqueous phases in
the region of transitions from Type I to Type system., although no preferential
partitioning of the more lipophilic species of the polydisperse surfactant into the oil, as
was initially hypothesized was observed.
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Stable o/w emulsions in the lower phase of samples around the point of Type I
Type II transition, whose stability increased with decreasing salinity towards the Type I
region were observed. This was contradictory to the “typical” emulsion phase behavior,
which is expected to correspond to the microemulsion phase behavior, i.e., a o/w
emulsion in Type I region, w/o emulsion in Type II region, and unstable emulsions in the
Type III region. This atypical emulsion behavior of the TDA-13PO crude oil system
resulted in the non-equilibrium surfactant partitioning between the oil and aqueous
phases. The reason for the increased emulsion stability in the Type I

Type II transition

region was speculated to be caused by the presence of a liquid crystalline phase. The
salinity range over which this “apparent” surfactant portioning was observed decreased
with increasing equilibration time. The equilibration time of this system was greater than
2 months. A Type III system was formed when 10 wt% Secondary Butyl Alcohol (SBA)
was added to the system.
TDA-xPO (x=7, 9, 13) phase behavior with octane decane and dodecane was
investigated. In a sodium chloride salinity scan of TDA-13PO, a Type III system was not
observed with octane and decane, but was observed with dodecane. However, in sodium
chloride salinity scans with TDA-7PO and TDA-9PO, both octane and decane formed
Type III systems. This was explained on the basis that the surfactant lipophile-lipophile
interactions for TDA-13PO were very strong compared to the lipophile-oil interactions
for octane and decane. As the latter increases with increasing ACN, for dodecane, the
lipophile-oil interactions were sufficiently strong to overcome the lipophile-lipophile
interactions and promote miscibility of the surfactant lipophile and the oil, thus resulting
in a microemulsion phase. Similarly, the lipophile-lipophile interactions decrease with a
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reduction in the lipophile chain length. So for TDA-7PO and TDA-9PO, the lipophilelipophile interactions were probably reduced sufficiently from that for TDA-13PO, so
that the lipophile-oil interaction could be stronger than the lipophile-lipophile interaction.
Strong birefringence was observed in most of the TDA-xPO n-alkane systems
investigated.

6.3. Evaluation of AOS foam: nitrogen, and miscible hydrocarbon gas
The foam behavior of Alpha Olefin Sulfonate (AOS) with carbon chain length has
been evaluated in porous media (Berea outcrop core) using Nitrogen (N2) and Miscible
Injectant (MI) gas at reservoir conditions of temperature (68 °C), pressure (3300psi) and
salinity of ~ 24,000 ppm TDS. AOS. AOS was found to generate strong foam (300 – 700
cP) with nitrogen over a wide range of foam qualities (Γ= 25 – 90 %) at a superficial
velocity of ~ 2.1 ft/D. Foam generated readily as the gas entered and moved through the
core, and the foam front propagated at a rate comparable to the injected fluids. No
minimum velocity or pressure gradient was observed for AOS-N2 foam at Γ= 70 % in the
range of flow rates tested, starting at the lowest superficial velocity of 0.2 ft/D. The foam
(at Γ= 70 %) showed shear thinning behavior, with a power law exponent of -0.34 for
apparent viscosity vs. superficial velocity. The apparent viscosity of the foam decreased
by at least a factor of 3 with an increase in temperature from 25 °C to 68 °C.
To carry out foam tests with enriched hydrocarbon gas (MI), it should be ensured
that all lines containing gas and surfactant solution at high pressures are maintained at a
temperature higher than the hydrate formation temperature corresponding to that
pressure, in order to avoid plugging of the flow lines. In tests in which core was not
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previously exposed to MI, AOS-MI foam appeared to be weaker than AOS-N2 foam
during earlier on in the tests, but developed to the same strength by a later time (~12 PV).
In the test in which the core was previously exposed to MI, MI foam was stronger than
nitrogen foam from the start, and by ~ 8 PV was twice as strong. The overall apparent
viscosity of AOS-MI foam in the presence of MI flood residual oil (4.9 – 15.5 %) was
comparable to that in the absence of oil. However, if the relative permeability of the brine
is taken into account while computing the foam apparent viscosity, and the residual oil to
MI flood is assumed to be concentrated in the upstream section (this appeared to be the
case for the one core which was sectioned into two before Dean Stark extraction), the
foam in the upstream section was weaker by a factor of about 2 in the presence of oil
when compared to the foam strength in this section in the absence of oil.

6.4. Future work
The data on the effect of solution gas on surfactant phase behavior available in the
literature is very minimal, and almost all of it with methane. In the light of the results
discussed in this thesis, showing the greater influence that ethane, propane, butane and
carbon dioxide have on optimal salinity than methane, a systematic study of the effect of
various reservoir gases on surfactant phase behavior with different combinations of
surfactants, oils and other parameters is needed.
For low salinity low temperature conditions a very lipophilic surfactant was
required, TDA-13PO. Although this surfactant was successful in recovering oil in
imbibition tests conducted in reservoir core material, it had injectivity issues in flow tests.
The reason for this should be explored. This surfactant formed stable low viscosity o/w
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emulsions in the Type I

Type II transition in the crude oil salinity scan. It was

speculated that the presence of a liquid crystalline phase was the reason behind the high
stability of these emulsions. This hypothesis needs verification. It may be of interest to
measure the IFT of the system in the presence of these emulsions and how this may
change as a function of equilibration time.
A steady state could not be established in the AOS-MI foam tests reported in this
thesis, even after ~ 9 Total Pore Volume (TPV) of injection, while AOS-nitrogen foam in
the same time. The reason behind this should be explored.
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APPENDIX A – Water relative permeability data for Berea
The two-phase relative permeability of brine at MI flood residual oil saturation
could not be measured experimentally in the tests conducted in this study due to the
presence of a third phase (MI). So, the two phase water – oil relative permeability data
from Oak et al. (1990) for Berea was used to determine the brine relative permeability at
MI flood residual oil saturation. The data from Oak et al. (1990) is shown in Figure A.1.

Figure A.1 Water/oil two-phase relative permeability for Berea
from Oak et al. (1990)
Water relative permeability data extracted from Figure A.1 is shown in Figure
A.2. Brine relative permeability (467 ) measured at brine flood residual oil saturation
(

<67 )

is shown to match well with Oak et.al’s data. From their data, 467 values at oil

saturation at the start of the foam flood (

<6=

) were obtained for the two scenarios: (1)
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assuming all the oil is distributed uniformly throughout the core, the overall 467
corresponding to that at

<6=

(2) assuming all the oil is in the upstream sections, 467 for

this section corresponding to that at 2

<6=

. These 467 values are given in Table A.1

Figure A.2 Water/oil two-phase relative permeability for Berea; comparison
of krw values measured at brine flood Sor to data from Oak et al. (1990), and
krw values at MI flood Sor obtained from their data
Core flood name
Residual oil saturation to water flood, Sorw (PV)
Brine relative permeability krw at Sorw
Residual oil saturation during foam flood (after
MI flood, brine flood, and surfactant preflush),
Sorm (PV)
Brine relative permeability krw at Sorm
[assumed from Oak et al. (1990)]
Brine relative permeability krw at 2Sorm
[assumed from Oak et al. (1990)]

CFO-1
0.249
0.096
0.077

CFO-2
0.308
0.091
0.049

CFO-3
0.387
0.072
0.155

0.65

0.77

0.4

0.4

0.6

0.1

Table A.1 Brine relative permeability values at different MI flood residual oil
saturations used in calculating foam apparent viscosity

APPENDIX B – Interaction of divalent ions with surfactant and
complexing agents.
EDTA molecule can be in six different protonated states. The form H6Y2+ is fully
protonated and Y4- is fully deprotonated. Each deprotonation step can be represented as
shown in equation 1.
>? @

? A

⇌ >?

B@

? C

>D

1

The equilibrium constant (in this case acid dissociation constant), 4? , for the
deprotonation step is given by expression in equation 2.
4? =

EFGH I E

2

EF I

where [x] is the molar concentration of species x.
The fraction of EDTA that is in Y4- state,

I JG ,

is expressed as given in equation

3. This was obtained by rearranging equation 2, to express the concentrations of all the
different EDTA species in terms of 4? , > , and @ .
I JG

=

E

∏LFMH *F
O
L
L D∑
OMH&∏FMH *F

Using equation 3,

E LGO '

I JG

3

can be computed as a function of pH, if the acid

dissociation constants for EDTA are known.
Binding of calcium (and similarly magnesium) with EDTA can be represented by
equation 4.
D

@A ⇌

@

4
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The formation constant of calcium (and similarly magnesium) EDTA complex,
with EDTA in its Y4- form, is given by equation 5. A similar constant can be defined for
the complex with EDTA in its HY3- form.
P

=

I

5

I

The concentration of species Y4- can be expressed as a fraction of the
uncomplexed EDTA (Yuc) using equation 3. Then the conditional formation constant of
CaY complex can be defined as given in equation 6. A similar conditional formation
constant can be defined for CaHY complex.
P

=

P

and

I JG P

PRS

=

I
IQ

6

were calculated as a function of pH (Matlab code 1). A similar

exercise was done to calculate the conditional formation constant of citrate with divalent
ions. The acid dissociation constants and the formation constant of the divalent ion –
EDTA/citrate complex is summarized in Table B.1, and the conditional formation
constants as a function of pH is given in Figure B.1.

Figure B.1 Conditional formation constants of the divalent ion complexes
with the complexing agents in Y and HY state, as a function of pH

183

pka1
pka2
pka3
pka4
pka5
pka6
KfCa (Y-complex)
KfCa (HY-complex)
KfMg (Y-complex)
KfMg (HY-complex)

EDTA
0a
1.5a
2a
2.66a
6.16a
10.24b
10.69b
3.51c
8.79b
2.28c

Citrate
2.88d
4.36d
5.84d
NA
NA
NA
3.37e
2.3e
3.73d
1.85d

a : T = 25 °C, µ = 0.1M (Martell & Smith 1976)
b : T = 20 °C, µ = 0.1M (Martell & Smith 1976)
c : T = 20 °C, µ = 0.1M (Harris 2010)
d : T = 25 °C, µ = 0.1M (Tate et al. 1965)
e : T = 25 °C, µ = 0.1M (Muus & Lebe 1936)

Table B.1Acid protonation constants and divalent ion complex formation
constants used for calculation of conditional formation constants
Calcium can combine with surfactant (S) in non-aqueous medium to form dimers
(CaS2) as shown in equation 7. The apparent binding constant of the surfactant with the
dimer,

, is given by equation 8.
2 ⇌
=

7
8

where, the concentration of the species is expressed in molarity and the subscript
ec refers to the equivalent concentration of the undiluted sample, i.e, as the sample
dilution in the HPLC by the mobile phase is not known, the equivalent concentration of
the species assuming no dilution was used to calculate the effect binding constant.
The chromatogram of the surfactant was assumed to be a mass distribution of the
different species (varying PO number) of the surfactant, and the peak with an average
elution time of ~ 37 min was assumed to correspond to PO = 13. The mass fraction of the
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different species was calculated as the fraction of the peak area of that species to the total
peak area. This mass fraction distribution was then converted to a mole fraction
distribution by using the molecular weights of the different species. The cumulative mole
and mass fraction distribution as a function of average elution time of the i-th species is
given in Figure B.2.

Figure B.2 Cumulative fraction as a function of average elution time of the
i-th species
Based on the chromatogram of 1wt% TDA-13PO at BR-2 salinity (Figure B.3) in
the absence of complexing agents, the chromatogram of the species with average elution
time beyond that of ~ 21.8 min did not match that at DI water salinity. Accordingly, the
mole fraction of surfactant corresponding to average elution times greater than 21.8 min
was interpreted to form dimers with divalent ions. Based on the mole fraction distribution
in Figure B.2, the mole fraction of surfactant that is not bound to divalent ions
corresponding to this elution time is about 8 %. Using this and the value of the total
amount of surfactant and divalent ions present, the apparent binding constant to the
divalent ions with the surfactant was calculated to be 6.3 × 105 (mol/l)-2 (Matlab code 2).
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Figure B.3 Chromatograms of 1 wt % TDA-13PO in DI water, and at BR-2
salinity, in the presence and absence of complexing agents.
(n = molarity of divalent ions in BR-2 brine)

Complexing agents (Y) like citrate and EDTA bind with divalent ions in a 1:1
stoichiometry. This is represented in equation 9 for calcium (similarly for magnesium).
The apparent binding constant of calcium (similarly for magnesium) with complexing
agent is given equation 10.
@⇌
I

=

@
T

I

9
10

For 1 wt % TDA-13PO at BR-2 salinity in the presence of EDTA at 2n and 4n
concentrations, chromatograms of species with average elution time beyond ~ 30.5 min
and ~ 37.2 min respectively did not match that at DI water salinity (Figure B.3).
Accordingly, the mole fraction of surfactant that eluted beyond these elution times was
assumed to be bound to divalent ions. The mole fraction of unbound surfactant at 2n and
4n EDTA concentration based on the mole fraction distribution in Figure B.2 was 32 %
and 55 % respectively. Similarly for citrate at 2n and 4n concentration, the amount of
unbound surfactant at 2n and 4n concentration of citrate was 91 % and 96 % respectively,
corresponding to average elution time cut off for unbound surfactant of ~ 53.3 min and ~
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58.4 min respectively. Using these values of unbound surfactant, the total amount of
surfactant, divalent ions, and complexing agent present, and the calculated value of
apparent binding constant of surfactant with divalent ions, equations 8 and 10 were
solved iteratively to get a value of apparent binding constant of divalent ions with the
complexing agent (Matlab code 3). This was calculated to be about 2 × 103 (mol/l)-1 for
EDTA and 1.1 × 105 (mol/l)-1 for citrate. Figure B.4 shows the percentage of surfactant
that is not bound to divalent ions as a function of the amount of complexing agent
present, which was calculated by Matlab code 3 (blue line) and compares it with the
experimental data (red squares).

Figure B.4 Percentage of surfactant that doesn’t bind with divalent ions as a
function of amount of complexing agent present. Red squares represent
experimentally determined values, and blue line represents simulated value
(n = molarity of divalent ions in BR-2 brine)
The percentage of surfactant not bound to divalent ions at BR-2 salinity, as a
function of amount of added citrate was calculated at total surfactant concentrations of 1
wt%, 0.5 wt% and 0.25 wt%. This is shown in Figure B.5. Note that percentage of
unbound surfactant was predicted to decrease with deceasing concentration for the
surfactant, contrary to what was observed in the HPLC analysis.
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Figure B.5 Percentage of surfactant that doesn’t bind with divalent ions as a
function of amount of citrate present, at BR-2 salinity, for different amounts
of total surfactant. (n = molarity of divalent ions in BR-2 brine)
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Matlab code 1: EDTA and citrate conditional formation constants as a function of pH.
function edta_citrate_conditional_constants
clc
% Citrate data
% pka values
k=[10^(-2.88); 10^(-4.36); 10^(-5.84)];
% Formation constants for metal Y 3- complexes at 25C ionic strength of 0.1M
kfCa=[10^3.37;10^2.3;0;0];
kfMg=[10^3.73;10^1.85;0;0];
% EDTA data
% pka values
k=[1; 10^(-1.5); 10^(-2); 10^(-2.66); 10^(-6.16); 10^(-10.24)];
% Formation constants for metal chelate complexes at 20C ionic strength of 0.1M
kfCa=[10^10.65;10^3.51;0;0;0;0;0];
kfMg=[10^8.790;10^2.28;0;0;0;0;0];
Y0=0.1;
% sample pH
pHc=0;
% counter
for pH=1:0.1:14
pHc=pHc+1;
H=10^(-pH);
a=1; b=H^length(k);
for n=1:length(k)
a=a*k(n,1);
b=b+a*H^(length(k)-n);
end
alph=a/b;

% EDTA species normalized
HY(pHc,1)=alph*(Y0)/Y0;
for i=1:length(k)
HY(pHc,i+1)=HY(pHc,i)*H/k(length(k)-i+1,1);
end
pH_vec(pHc,1)=pH;
end
for i=1:length(pH_vec)
kfcax(i,:)=HY(i,:).*kfCa';
kfmgx(i,:)=HY(i,:).*kfMg';
end
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Matlab code 2: Binding of divalent ions with surfactant.
function s13d_ca_binding
clc
S0=10/1000 % molar conc
Ca0=16/1000; % molar conc
Ksv=6.3*10^5; % Binding const of S13D exp in M
ms0=.9*S0/2;
d_ms=1;
n=0;
while (abs(d_ms)>10^(-7))
n=n+1;
n_vec(n,1)=n;
a=2;
b=-(2*Ca0+S0+1/Ksv/(S0-2*ms0));
c=S0*Ca0;
ms=(-b-sqrt(b^2-4*a*c))/2/a;
d_ms=ms-ms0;
ms0=ms;
ms_vec(n,1)=ms0;
end
figure(2)
plot(n_vec,ms_vec)
S_ub=(S0-2*ms)/S0*100
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Matlab code 3: Binding of divalent ions with complexing agents in the presence of
surfactant.
function s13d_chelate_eq
clc
S0=2.5/1000 % molar conc
Ca0=16/1000; % molar conc
Ksv=6.31*10^5; % Binding const of S13D with divalent ions exp in M
Kev=10^(5.05); % Binding const of Ca/Mg with complexing agent exp in M
i_c=0;
for i=1.1:1:10 % i = edta/[Ca+Mg]
E0=i*Ca0;
ms0=.9*S0/2
me0=Ca0+1;
d_ms=1;
d_me=1;
n=0;
while (max(abs(d_ms),abs(d_me))>10^(-7))
n=n+1;
n_vec(n,1)=n;
b=-(E0+Ca0-ms0+(1/Kev));
c=E0*(Ca0-ms0);
me=(-b-sqrt(b^2-4*c))/2;
d_me=me-me0;
me0=me;
a=2;
b=-(2*(Ca0-me0)+S0+1/Ksv/(S0-2*ms0));
c=S0*(Ca0-me0);
ms=(-b-sqrt(b^2-4*a*c))/2/a;

d_ms=ms-ms0;
ms0=ms;
ms_vec(n,1)=ms0;
me_vec(n,1)=me0;
end

