


Abstract 
 

Modeling of Mineral Scaling in West Texas CO2-WAG EOR Field Using Produced Water 

Analysis and a 1-D Reactive Mixing-Material Balance Coupled Approach 

by 

Sana Mateen 

With decreasing accessible oil and gas reserves, secondary and tertiary modes of EOR (enhanced 

oil recovery) are increasingly being used. WAG (water alternating with CO2 gas) injection for oil 

production alters the chemistry of carbonate reservoirs exacerbating the already prevalent issue of 

mineral scaling in oil field production wellbores, tubing, and surface equipment. In this work, 

produced water samples from two WAG fields in West Texas experiencing predominantly gypsum 

and calcite scaling are analyzed. Several analytical methods for measurement of cations (calcium 

and magnesium) and anions (chloride, sulfate, and alkalinity) are compared. The detection limit 

for very low-level sulfate measurement in high ionic strength brines using ion chromatography is 

established. Gypsum and calcite saturation indices are calculated and interpreted at varying field 

conditions and empirically validated with solid scale sample analysis. As it was determined that 

scaling occurs in well and tubing prior to already equilibrated water being sampled at surface, a 1-

D Reactive Mixing-Material Balance Coupled Model is developed to provide insights on the 

scaling in the West Texas fields. An aerial streamlining mixing mechanism in which slow moving 

equilibrated carbonated injection water mixes with faster moving formation water right at the 

wellbore is deduced to be the in-situ mixing mechanism resulting in the observed scaling at the 

West Texas field. Based on 12 model runs with 4 different injection water fractions and 3 different 

analyzed surface sample compositions, 11 out of 12 runs qualitatively validated the observed 

calcium sulfate and calcium carbonate scaling in the field. In these 11 runs, the model’s predicted 



surface calcium concentrations differed from measured calcium concentrations by 8.3% to 27%. 

This study also includes preliminary scale inhibitor testing and scale inhibition recommendations. 
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Chapter 1: Introduction 

1.1 Problem Statement 

Primary oil production relies on the natural rise of oil up a well due to the difference in 

pressure between the bottomhole of the well and the wellhead. Purely mechanical systems to 

facilitate production such as rod pumps also constitute primary oil production [16]. When such 

methods are no longer successful in recovering oil however, water and CO2 gas flooding is 

alternated (WAG) to maintain the reservoir pressure and create a moving miscible oil front which 

leads oil to and up the production well. The injection of CO2 and water however alters the carbonic 

acid/carbonate equilibrium system which exists in carbonate reservoirs. This EOR method, along 

with brine-formation water mixing can therefore worsen oil field scaling causing multibillion-

dollar losses in oil production due to clogged wells/tubing. Oil field produced water analysis is 

therefore essential for determining supersaturation ratios of different scales, inferring scaling 

mechanisms, and establishing scale inhibition and control programs. However, in some cases 

majority of the scale precipitates out in the wellbore/tubing prior to surface produced water 

sampling and so the equilibrated surface water composition is not always representative of the 

thermodynamic driving force of mineral scaling in the field.  

One such field is Field X in Gaines County, West Texas. This WAG field, while having a 

conventional squeeze scale inhibition program, experiences large amounts of mineral scaling 

(primarily calcium sulfate and calcium carbonate). Another very similar (geographically and 

conditions) Field Y is also observing a similar scaling mechanism. The operators of Fields X and 

Y contacted the Tomson Research Group at Rice University requesting insight and advice 

regarding the scaling phenomena observed at the field. I took on this real-life industrial problem 



as my research project topic. Field produced water samples, field scale samples, scale inhibitor 

samples, and a site visit of Field Y were all provided as part of the study.  

1.2 Purpose of Study  

This study was done to validate and therefore effectively control observed mineral scaling 

in Field X and subsequently apply the findings to prediction and control of mineral scale in CO2 

flooded/WAG EOR oil fields in general. My specific objectives of this study were as follows: 

 

• To compare water analysis methods to determine experimental procedures that ensure 

precise and accurate measurement of parameters of interest for SSP, in preparation for field 

produced water analysis.  

• To establish appropriate IC calibration procedure, settings, detection limits, and expected 

errors for 0 to 1 ppm sulfate measurement in high ionic strength brines (5,000 to 10,000 

ppm chloride).  

• To compare produced water from two neighboring CO2-WAG EOR fields in West Texas, 

calculate saturation indices of the produced water samples at reservoir/wellhead/lab 

conditions, propose likely conditions at which mineral scaling is occurring in the field, and 

validate the SI calculations with solid scale sample analysis. 

• To develop a 1-D Reactive Mixing-Material Balance coupled model to provide insights on 

wellbore scaling prior to already equilibrated water being sampled at the surface in CO2-

WAG oil fields using a few easily obtainable field parameters inputs. 

• To provide recommendations for gypsum and calcite scale inhibition and control in these 

West Texas CO2-WAG fields based on field study findings, scale inhibitor testing, research 

group work, and innovative thinking. 



Chapter 1 of this thesis simply stated the industrial scaling problem at hand, the value of 

working towards a solution for it, my main objectives for this research project, and the overall 

chapter organization of this thesis document. In Chapter 2, I will characterize Field X based on 

operator-given information and provide a literature review of important topics for this study 

including CO2/WAG EOR, the carbonate/carbonic acid system, calcium sulfate scale, calcium 

carbonate scale, saturation index calculation and Pitzer Theory, injection water fraction (IWF), in-

situ reservoir water mixing, produced water sampling/preservation, and scale inhibition. In 

Chapter 3, I will compare different analytical methods for produced water analysis and present 

field produced water sample analysis results and solid scale samples from Fields X and Y. This 

chapter also includes an extended low-level sulfate analysis section as well as the experimental 

set-up for scale inhibitor testing used for preliminary scale inhibitor testing. In Chapter 4, I will 

present the 1-D Reactive Mixing-Material Balance Coupled Model and expand on the model input 

parameters and expected outputs. In Chapter 5, I will present and discuss my results from the work 

done in Chapters 3 and 4 and investigate various scale control strategies. Finally, in Chapter 6 I 

will restate my conclusions and propose future work in this subject area. 

Chapter 2: Background and Literature Review 

2.1 Field X Characterization 

 Field X is located in the Permian Basin in Gaines County in West Texas. The Permian 

Basin of Texas and New Mexico is the most productive oil region in the United States resulting in 

many attempted investigations of formation lithology and reservoir brines being done over the past 

decades [17].  Since this field is located in a Residual Oil Zone (ROZ) or one on a formation that 

contains remnants of oil at saturations too low to be produced by plain water flooding, carbon 

dioxide gas is alternated with water to produce oil at this field which can alter reservoir and 



produced water chemistry. Lithology-wise Field X formation rock is understood to be primarily 

dolomite (CaMgHCO3) with anhydrite (CaSO4) nodules [18].  

 

Figure 2- 1: Map of Texas highlighting general geographical region of Fields X and Y. [19] 

 

Wells in this field produce an estimated 75 barrels of oil per day, 500 thousand cubic feet 

of gas per day, and 850 barrels of water per day although this obviously varies from well to well 

and day to day. This field produces oil using an inverted 5-spot injector-producer well pattern with 

an approximate distance of 550 feet between injection and production well [18]. The producing 

depth is between 5300 and 5900 feet deep, the rock porosity is 10.9%, and permeability ranges 

from 1 – 200 mD with an average of 4.9 mD [18]. The initial water saturation was 15% and oil 

saturation was 35%. The oil viscosity is 1.25 cP or 31.8 deg API oil gravity. The formation water 

salinity is about 20,000 ppm chloride or about 0.6 M sodium chloride [18].  



 

Figure 2- 2: The inverted 5-spot injector-producer well pattern with the red triangles being 
injection wells and green circles being production wells. [18] 

Despite knowing the approximate salinity of the formation water, the exact composition of 

the formation water is unknown as studies of formation brines from the basin are sparse and 

primarily focused along the northern tier of the Permian Basin [17]. This is one of the difficulties 

in predicting in-situ mixing reactions in reservoirs. The lack of investigation of formation brines 

in the basin is at least partly due to the long history and wide-spread use of water-flooding and 

CO2 injection for enhanced recovery, which has made it difficult to deduce original formation 

waters composition [17]. The reservoir temperature is a cool 110 F as the injection of cold injection 

water for production cools the entire reservoir. In addition to that even the wellbore and wellhead 

temperatures range from 50 to 110 F and 35 to 90 F respectively. 

Field Conditions 

Location Depth (ft) Temp (F) Pressure (psi) 

Reservoir 5,000 110 2,300 

Prod. Wellbore 4,300 50 to 110 60 to 2,300 

Prod. Wellhead Surface 35 to 90 250 to 350 

Table 2- 1: Temperature, pressure, and reservoir depth conditions at Field X. 



 

 Along with increased oil production due to CO2/water WAG flooding, Field X is also 

producing lots of mineral scale in the wellbores, downhole tubing, pump heads, separator vessels, 

and other surface equipment despite undergoing squeeze inhibitor treatment of BHPMP scale 

inhibitor. The approximate mass percentages provided based on scale solids analysis is ~80% 

calcium sulfate (gypsum), ~10% calcium carbonate, and ~10% of a combination of iron sulfide, 

silicates, halite (NaCl), and iron oxide. This breakdown varies depending on where the scale was 

sampled from.  

 

Figure 2- 3: Scale photos from various locations at Field X. [20] 

 

 In addition to these photos, field data provided from Field X included produced water 

compositions from 16 different production wells ranging from samples taken in April 2015 to those 

taken in November 2017. In addition, gas analysis, oil/gas/water production per well, and XRD 

solids analysis of some scale samples was provided. Ten produced water samples from Field X 

were also provided for in-lab analysis. Similarly, Field Y is also a CO2-WAG EOR field located 



in very close geographical proximity to Field X but is being operated by a different company. Dr. 

Mason Tomson, Dr. Amy Kan, Dr. Samridhdi Paudyal, and I visited Field Y and samples from 

Field Y were also sent for in-lab analysis by me. The results were used for quality control and 

comparison with Field X results.  

2.2 Water-Alternating-Gas Enhanced Oil Recovery (WAG EOR) 

 Enhanced Oil Recovery (EOR) methods include injecting hydrocarbon gases, nitrogen, 

chemicals, CO2, and steam into an oil reservoir to displace oil towards production wells. All of 

these methods ultimately decrease the viscosity of the oil in the reservoir by creating a miscible 

and mobile front which then drives to the oil from the formation’s pores to the production wells. 

Originating as early as the 1930s, continuous CO2 gas injection flooding has proven to be a very 

effective EOR method especially for light and medium weight oils due to its high displacement 

efficiency [21]. It has been reported that CO2 flooding can prolong the production lives of light or 

medium oil fields under plain waterflood by up to 20 years and may recover up to 25% of the 

original oil in its place [21]. There are however some limitations to continuous CO2 flooding alone 

including a relatively high capital and operating cost of acquisition and storage of such large 

amounts of carbon dioxide. Continuous CO2 flooding also creates a low volumetric sweep 

efficiency and an early CO2 breakthrough time which are often caused by viscous fingering [21].  

 The miscible and mobile front is also referred to sometimes as the L1/L2/V region with the 

“L2” being the CO2-rich third oil phase which forms in reservoirs having temperatures within 20 

F of the critical temperature and pressures within 200 psi of the critical pressure of carbon dioxide. 

This L2 phase has a gas-like viscosity and a liquid-like density and is essential to create the moving 

miscible bank. The MMP or minimum miscibility pressure is the lowest pressure that obtains the 

maximum ultimate recovery for CO2 and a given oil [24]. It has been reported that the L1/L2/V 



region exists when the oil contains between 50 to 99 mol% of carbon dioxide at pressures between 

950 psia and 1,300 psia [24]. 

 Alternating CO2 gas injection with water injection however can eliminate some of the 

disadvantages of only carbon dioxide flooding and improve volumetric sweep efficiency. It has 

been observed that miscible CO2-WAG injection usually leads to a higher oil recovery factor than 

waterflooding only or continuous CO2 flooding alone because it combines the improved 

volumetric sweep efficiency of waterflooding and the enhanced microscopic displacement 

efficiency of CO2 flooding. Another very important advantage is that water injection can quickly 

increase and maintain reservoir pressure above the minimum miscibility pressure (MMP) to 

maintain the desired miscible zone movement [22]. Lastly, of course alternating water and CO2 

gas reduces the CO2 consumption by the operating companies although as of late, being able to 

sequester and use CO2 for oil production is actually gaining importance in global carbon emissions 

reduction [22].  

  

 



 

Figure 2- 4: CO2-WAG Enhanced Oil Recovery. [23] 

2.3 The Carbonic Acid - Carbonate Reservoir System  

 Since CO2-WAG flooding leads to in-situ reservoir geochemical reactions between the 

injected fluids and the reservoir rock, it is essential to understand the carbonate/carbonic acid 

equilibrium system, particularly in the context of carbonate reservoirs. First, looking at the system 

without the carbonate reservoir and just looking at the carbonic acid equilibrium with water and 

carbon dioxide. Reaction 2.3-1 represents carbon dioxide gas dissolving into water and reaction 

2.3-2 illustrates this dissolved carbon dioxide forming carbonic acid in water. When this carbonic 

acid dissociates in favorable pH conditions, bicarbonate and carbonate ions are released into the 

water as can be seen in reactions 2.3-3 and 2.3-4. 

 

 



!"2(#) → !"2($%)  Reaction 2.3-1 

!"2($%) + &2" → &2!"3  Reaction 2.3-2 

!"2($%) + &2" = & 
+
 + &!"3 

−  
Reaction 2.3-3 

&!"3 
−
 = & 

+
 + !"3 

−2  
Reaction 2.3-4 

 

As these are equilibrium reactions and functions of hydrogen ion concentration, the 

speciation can be calculated at various pH to determine which species are dominating as can be 

seen in reactions 2.3-5 and 2.3-6.  

 

'1 = [& 
+
][&!"3 

−
]/ [!"2($%) ] ⇒ [&!"3 

−
]/[!"2($%) ] = '1 × 10)&	 Reaction	2.3-5 

'2 = [& 
+
][!"3 

−2
 ] /[&!"3 −] ⇒ [!"3 

−2
 ]/[&!"3 −] = '2 × 10)&	 Reaction	2.3-6 

 

In these equilibrium equations, the square bracketed concentrations are actually the product 

of molal concentration and an activity coefficient, 9. This product incorporates ion-ion interactions 

of each component into the equilibrium calculations. These activity coefficients which account for 

the interactions of the measured ion with the solution and other ions can be calculated by an activity 

model such as the Debye-Hückel, Truesdell-Jones (B-dot), or the Pitzer activity model [25]. Since 

the softwares used for this project use the Pitzer activity model, it will be expanded on in section 

2.6. Lastly, the ': is therefore just an equilibrium constant which relates the product of activities 

for a fixed temperature and pressure [25].  

When a carbonate reservoir system such as a calcite CaCO3(s) or dolomite CaMgCO3(s) 

formation rock is added to the system, these reactions can be combined to from reaction 2.3-8.  

 



!$!"3(;) = !$+2
 (aq) + !"3 

−2
 (aq)  Reaction 2.3-7 

!$!"3(;) + !"2($%) + &2" ⇌	!$+2
 (aq) + 2 ∙ &!"3 

–
 (aq) Reaction 2.3-8 

In this form, it is much clearer to see the effects of carbon dioxide addition to this 

equilibrium condition. Calcite dissolution is favored by higher concentrations of CO2 in water 

(higher carbonic acid concentration) as the equilibrium is shifted towards the right side. Therefore, 

during the injection of CO2 alternated with water in carbonate formations, calcite/dolomite tends 

to dissolve near the injection point increasing the alkalinity at that point. As these fluids move 

towards the production well and encounter pressure drop, faster fluid speeds, and potential brine 

mixing, the dissolved calcium and carbonate ions are observed to precipitate back in to carbonate 

as well as sulfate scales [25]. 

 

2.4 Calcium Sulfate Scale 

 There are two forms of calcium sulfate scale usually observed in the field, gypsum 

(CaSO4.2H20) and anhydrite (CaSO4). Sulfate scales most often form when mixing of 

incompatible formation water and injected water occurs near the wellbore region of producing 

wells. This means that two different non-scaling fluids may mix and produce a calcium sulfate 

scaling brine and the severity of the scaling would depend on the ratio of formation water to 

injection water mixing and upon the degree of supersaturation [26].  

 The main practical difference between anhydrite and gypsum scaling is their differing 

temperature dependency of solubilities. At lower temperatures, gypsum is the primary calcium 

sulfate solid phase that will form but at around 45 C, anhydrite will become the primary calcium 

sulfate solid that forms. As temperature increases further, the solubility of gypsum continues to 

increase while that of anhydrite continues to decrease. Due to this, at typical high temperature 



steam flood reservoir conditions raising the temperature of calcium sulfate formations using steam 

injection results in reservoir water becoming supersaturated with regards to anhydrite [27].  

 

Figure 2- 5: Calcium sulfate temperature dependence of solubility. [28] 

 

 In cooler reservoir conditions however such as those reservoirs that undergo cool water 

injection, gypsum becomes the predominant calcium sulfate scale observed as injected water is 

generally under 60 F. When the reservoir temperature is higher, anhydrite is dissolving to release 

calcium and sulfate ions but if the reservoir is cooled enough to bring temperature down to below 

the transition temperature, gypsum precipitation would be benefiting [29].  



2.5 Calcium Carbonate Scale 

 Calcium carbonate (CaCO3) or calcite is one of the primary scale types occurring in the 

oilfield production well and surface facilities. As discussed in Section 2.3, partial pressure of 

carbon dioxide (and therefore pressure drop) is one of the main causes of calcium carbonate 

precipitation, particularly in carbonate reservoirs. In addition to that, change in pH, temperature, 

and presence of scaling ions are the main factors involved. As mentioned earlier, a drastic pressure 

drop at the wellbore results reduced carbon dioxide in the aqueous solution which results in the 

equilibrium moving towards solid calcite formation. Higher temperature also drives calcite scale 

deposition since high temperature leads to faster kinetics and the solubility of calcite decreases as 

temperature increases. Due to all of these factors, calcite precipitation often occurs at high 

temperature, high pH, and low pressure conditions [30]. While calcium bicarbonate (CaHCO3) is 

very water-soluble, calcium carbonate scale (CaCO3) is not. Acid injection however is often used 

to lower the pH and dissolve calcite scale in attempts to control it but an inevitable drop in pressure 

in the production line will cause the calcite to re-precipitate out [26].  

2.6 Saturation Index Calculation and Pitzer Theory 

 It is important to understand the theory behind solubility calculations that both the scale 

saturation index (SI) calculating softwares used in this project, ScaleSoftPitzer
TM

 and PHREEQC, 

are based on. The thermodynamic tendency of scale formation can be defined as following, using 

calcite (dissociating as calcium and carbonate ions) as the example scale: 

                              Equation 2.6-1 

 



In Equation 2.6-1, the bracketed terms are molal concentrations and the gamma terms are 

activity coefficients which take into account ion-ion interactions. The Ksp term is the 

equilibrium/solubility constant of the specific mineral scale. The product of molal concentration 

and the activity coefficients is a term called the activity, “a”. This equation can be applied to all 

scale types. An SI less than 0 indicates that the aqueous solution is undersaturated with respect to 

calcite and therefore calcite scale precipitation is not thermodynamically favorable. If the SI is 

greater than 0 then the solution is supersaturated with respect to calcite and calcite scale formation 

is thermodynamically favorable. Of course, if the SI = 0 then the system is equilibrated with 

regards to calcium and carbonate ions and will neither further precipitate nor dissolve.  

Equilibrium constants or Ksps are temperature and pressure dependent for each respective 

scale. These have been reported and modeled extensively with up to 88 adjustable parameters since 

the 1980s based on the free energy of formation as a function of the partial molar volume, but most 

equilibrium constants can be represented by five adjustable parameters for oil field conditions [31]. 

Activity coefficients can be obtained from several different models including the Debye-Huckel 

model which takes into account the long-range electrostatic ion-ion interactions. At high TDS, the 

high ion density of solution can lead to binary interaction of species of equal and opposite charge 

and ternary interactions between three or more ions [31]. The Pitzer Model which is the most 

accepted ion-interaction on model for high ionic strength solutions, and is the model being used 

for SI calculations in SSP and PHREEQC, takes into account both the short-range interactions in 

concentrated solution and the long-range electrostatic effects [31]. Mathematically, the Pitzer 

Model assumes that the excess free energy is assumed to be a virial (power series) expansion of 

binary and ternary interactions with expands in to an 8 term equation. For example, for a metal 



(M), cations ions (c), anions (a), and neutral molecules (n) the 8 term equation would be expanded 

to: 

              Equation 2.6-2 

The 1st term is an extended Debye-Hückel term, 2
nd

 represents interactions of opposite 

charges, 3
rd

 represents interactions of like charges, 4
th

 and 5
th

 terms represent ternary interactions, 

6
th

 term represents other opposite charge reactions, 7
th

 term represents neutral molecule binary 

interactions, and the 8
th

 term represents neutral molecule ternary interactions [31]. Bma, Cma,  FMC, 

YMca, YMaa, Cca, and lnM are Pitzer coefficients and are functions of temperature, pressure, ionic 

strength, and solution composition. “I” is ionic strength, and “m” represent molar concentrations. 

These Pitzer coefficients are based on thousands of sets of experimental data but there is no 

standard reference set of Pitzer coefficients established in literature. This is why saturation index 

calculations can vary from software to software depending on which activity model and which 

empirically derived coefficients are utilized [31].  

2.7 Injection Water Fraction (IWF) and Chloride Tracking 

 The Injection Water Fraction (IWF) is a very important parameter in evaluating scaling 

tendency in waterflooded reservoirs as it provides insight on the movement and quantity of 

incompatible brine mixing inside of a reservoir. The IWF is defined as the ratio of the flow rate of 

injection water production to the total flow rate of produced water which contains both formation 

water and injection water. The most common method for estimating IWF in produced water 



samples is using the ion-tracking method with chloride as the tracked ion as it is regarded as 

conservative and not participating in the main reactions in a reservoir. Due to this, the IWF is 

calculated on the basis of the difference of chloride concentration in formation water and injected 

water. The equation that is used to calculate IWF is equation 2.7-1 where Ccon is the chloride 

concentration in the sampled surface brine, CFW is the concentration in the formation water, and 

CIW is the concentration in the injection water [32]. 

IWF = 

=>?@A=BC
=DCA=BC

  Equation 2.7-1 

 Of course, this equation can only be used if the chloride concentration is accurately known 

in both the injection and formation water. This is most often an issue with formation water due to 

the high amount of formation water zones with differing compositions as well as the great depth 

at which this formation water exists in reservoirs. Even if the compositions aren’t known, chloride 

ion plots can still be used to get an idea of formation water composition variation across the field 

[33]. When concentrations of ions such as Na, Ca, and SO4 are plotted against chloride, linearity 

and trends can point to the existence of multiple formation waters in the field as well as point to 

potential in-situ geochemical reactions if observed concentrations fall above or below the “pure 

mixing line” [33].  

2.8 In-Situ Reservoir Water Mixing 

Just like injection water fraction is critical for understanding the water transport pathway as 

well as scaling tendencies inside a reservoir, the water mixing mechanism and location (assuming 

injection water and formation does indeed mix) is important yet very difficult to know. There are 

three main brine mixing mechanisms which have been suggested in literature. The first mechanism 

is the simple 1D Displacement/Banking Mechanism in which the formation water is displaced by 



the injection water which leads to “banking” of formation water which is a sharp front between 

two waters. This means that the production well first sees formation water and then injection water 

is observed. This is generally what is observed in the early stages of oil production but after years 

of production, it becomes difficult to differentiate which waters are being observed in the final 

produced water [34]. The second mechanism is Aerial Streamlining in which at a production well, 

slow moving injection water is arriving at the wellbore from one direction (such as in line with the 

injection well), while faster moving formation waters are joining and mixing from other directions 

[34]. The third mechanism is Vertical Segregation in which injection water may have broken 

through from a high permeability layer, while formation water from a lower permeability layer is 

still being produced and mixing intermittently [34]. 

2.9       Field Produced Water Sampling and Preservation 

 As saturation index calculations are highly dependent on the measured cation and ion 

concentrations in produced water samples, eliminating as much error as possible in produced water 

sampling, preservation, and analysis is necessary. With regards to surface water sampling, samples 

should be taken just before and after major flow disruptions, for example, at mixing points for 

different brine streams [35]. Before collecting any samples at the well, it is important to rapidly 

blow out the brine and oil first in the stagnant tubing to flush out the stagnant brine as it is generally 

high in iron due to corrosion of fittings [35]. It is recommended to fill two 1000 mL sample bottles 

per well, one which will be acidified and one that will not. The most common sampling dilution is 

1:4 (add 750 mL of distilled water to sample bottle and fill the rest of the 1000 mL bottle with 

sampled brine). The acidified sample cannot be used to measure either pH, bicarbonate alkalinity 

or ionic strength and dissolved carbon dioxide/H2S/ bicarbonate should be measured at the field as 

soon as possible while other cation and anion measurements can be done at a later time [35].  



 Even if a sample is analyzed correctly in the laboratory, the results aren’t necessarily 

representative of the analytes in the system as they were present at the point of sampling and that 

is why proper sample preservation comes in to play [36]. A study conducted by Nalco Champion, 

An Ecolab Company compiled lessons learned regarding sample preservation from different case 

studies they conducted, especially for samples that also include scale inhibitor. They found that 

preserving samples with phosphonate scale inhibitors in some field waters with [Ca
2+

] ~ 700 ppm 

resulted in the precipitation of a calcium phosphonate complex leading to incorrect calcium 

analysis as well as incorrect polymer scale inhibitor analysis results. They also found that in some 

cases, the use of oligodentate phosphonate was more effective at stabilizing iron than HCl. They 

reported that acid should not be added to a sample preserved with phosphonate as the low pH 

causes protonation of the phosphonate and rendered it an ineffective preservation agent. It was 

also noted that samples preserved with HCl and K4EDTA did not precipitate (BaSO4 scaling field). 

Another recommendation was that filtering must be done at field before EDTA addition to avoid 

dissolving of chalk reservoir/drilling solid and throwing off of water chemistry [36]. Figure 2-6 is 

a summary of their findings in an easy to use sample preservation workflow chart. 



2.10    Scale Inhibition 

 There are three main approaches to mitigating scale formation: desulfation of injected 

seawater, scale control/inhibition, and removal of scale after it has formed and deposited in oilfield 

equipment/tubing/wells [26]. Desulfation of injected sweater is done using membrane 

nanofiltration and will only prevent sulfate and sulfide scales. While this usually requires a huge 

capital investment, it can be the best option for large fields with high H2S concentration. There are 

seven main classes of chemical scale inhibitors: polyphosphates, phosphate esters, nonpolymeric 

phosphonates and aminophosphonates, polyphosphonates, polycarboxylates, phosphino polymers, 

and polysulfonates [26]. Polyphosphates have long been known as calcium carbonate inhibitors as 

well as corrosion inhibitors. Phosphate esters are environmentally friendly scale inhibitors that are 

effective in treating calcium carbonate and calcium sulfate scales. Nonpolymeric phosphonates 

such as PBTCA are also mostly used as calcium carbonate scale inhibitors. Polyphosphonates are 

particularly effective for squeeze applications, especially for barite scale treatment. Phosphino 

Figure 2- 6: Sample preservation workflow chart. [36] 



polymers such as PPCA are effective for treating carbonate scales, also for squeeze applications. 

Polycarboxylates have been reported as being good sulfate scale inhibitors, especially barium and 

strontium sulfate. Similarly, polysulfonates are used to treat sulfate scales as well [26]. 

If none of these scale inhibitors proved to be effective and scale must be removed 

chemically and/or physically after formation, there are several different options for doing so. Halite 

(NaCl) is extremely soluble in water so it can be removed simply by jetting it with low salinity 

water. Carbonate scales are pH sensitive as mentioned earlier so a strong acid such as hydrochloric 

acid can be used to remove calcite scale. Calcium sulfate scale can be dissolved in high-pH 

chelating solutions such as sodium salts of EDTA. Chemicals that can remove sulfide scales 

include hydrochloric acids, acrolein, biocides, and chelating agents. [26]. 

With regards to methods of deploying scale inhibitors, there are four main methods that are 

industrially used and/or being heavily investigated in our research group. First is continuous scale 

inhibitor injection in which scale inhibitor is continuously injected into produced water/production 

wells via a pump, usually carried out topside at the well-head. Second is conventional inhibitor 

squeeze treatment in which an aqueous solution of scale inhibitor is injected into the well above 

the formation pressure whereby the inhibitor will be pushed into the near-well formation rock 

pores. The well is usually shut-in to allow inhibitor to be retained in the rock matrix. Next is 

colloidal-inhibitor squeeze treatment in which solid sub-micron sized colloids are synthesized with 

scale inhibitors to enhance inhibitor retention and control inhibitor release in formation. Lastly, 

our research group is also looking at nano-inhibitor squeeze treatment in which solid nanoparticles 

are synthesized with polymeric scale inhibitors (such as Al-SPCA) to enhance inhibitor retention 

and control inhibitor release in formation.  



Chapter 3: Field Produced Water and Solids Analysis 

3.1 Total Hardness (Calcium and Magnesium)  

 To prepare for accurate field sample analysis for calculation of thermodynamic saturation 

index values (for example to input into ScaleSoftPitzer
TM

), two different analytical procedures for 

calcium concentration (or total hardness concentration as CaCO3) determination were compared. 

The HACH Total Hardness Titration method from the HACH Standard Methods for the 

Examination of Water and Wastewater Handbook was compared with the inductively coupled 

plasma atomic emission spectrometer (ICP). Five samples (not from Fields X or Y) with varying 

total hardness were analyzed with both methods and results were compared. The HACH method 

involves adjusting the sample pH so that the Ca
2+

 and Mg
2+

 form complexes with the added 

indicator calmagite (red colored solution). Then the sample is titrated with EDTA until all the Ca
2+

 

and Mg
2+

 complexes with the titrant instead and the solution turns blue [37]. ICP analysis 

determines elemental concentrations so the reported concentrations of Ca
2+

 and Mg
2+

 were 

converted to mg/L as CaCO3 and summed to compare with the results of the titration which are 

also in mg/L as CaCO3. 

Sample ICP [Ca] ICP [Mg] 
ICP: [Ca]+[Mg] as 

CaCO3 
Total Hardness 

Titration %Difference 
1 47 4 132 148 16.3 

2 (10x dil) 43 106 5427 5340 87.4 
3 (5x dil) 137 98 3729 3700 29.2 

4 21 4 70 72 1.8 
5 41 9 138 156 17.6 

Table 3- 1: Total hardness measurement comparison between HACH and ICP in mg/L CaCO3. 



 

Figure 3- 1: Total hardness measurement comparison between HACH and ICP in mg/L CaCO3. 

Avg of Differences 30.5 
STDDEV of Differences 33.3 

STDDEV/sqrt(5) 14.9 
t value with 4 deg. of 

freedom = 2.05 
P(t<=2.05)= 0.95 

Table 3- 2: Paired t-test calculation results for measurements from HACH and ICP. 

 Based on doing a paired t-test with the data, there is no significant statistical difference 

between these two analytical procedures for measuring hardness. Based on this, ICP analysis for 

calcium and magnesium measurements was used for field samples from Fields X and Y. 

3.2 Alkalinity 

 To prepare for accurate field sample analysis for calculation of thermodynamic saturation 

index values (for example to input into ScaleSoftPitzer
TM

), two different analytical procedures for 

total alkalinity as CaCO3 determination were initially compared. The HACH Phenolphthalein and 

Sulfuric Acid Titration method was compared with the newer HANNA handheld colorimetric 

alkalinity checker. Three synthetic samples with known and varying bicarbonate concentration 

were analyzed with both methods and results were compared. The HACH method involves 

titrating the sample to a pH of 8.3 to register total hydroxide and one half of carbonate present and 



then continue to titrate to a pH of about 4.5 with a bromocresol green-methyl red indicator powder 

to determine the combined bicarbonate, carbonate, and hydroxide alkalinity [37].  

 

Figure 3- 2: Sample being titrated with phenolphthalein indicator prior to reaching light pink 
endpoint. 

 

Table 3- 3: Bicarbonate alkalinity measurement comparison of HACH method and HANNA checker. 



 

Figure 3- 3: Bicarbonate alkalinity measurement comparison of HACH method and HANNA 
checker. 

 

 

Figure 3- 4: Bicarbonate alkalinity measurement comparison between HANNA trials on the same 
samples. 

 

 Both the titration method and the HANNA checker gave very similar results with an 

average of only 4.4% deviation between the two. It seems that the HANNA checker gave slightly 

higher measurements for all 3 samples and slightly more accurate values. The source of error with 

the titration is most likely that the titration endpoint was being prematurely determined due to 

human error. The HANNA checker is not only accurate but also precise and repeatable as multiple 



trials using the HANNA checker showed only about a 1.44% deviation between trials. Due to these 

results, both the titration method as well as the HANNA checker were used for samples from Field 

X. Ultimately however, the Rice Alkalinity Method was used for final alkalinity values of field 

samples for further interpretation.  

Total alkalinity is the net strong-acid neutralizing capacity of a solution and can be 

represented by the summation of concentrations shown in Equation 3.2-1 (a). In the pH range of 

common oil and gas fields, this can be reduced to the bicarbonate concentration plus the total acetic 

acids minus the strong acids as is shown in Equation 3.2-1 (b). Since the partial pressure of carbon 

dioxide changes while produced water travels up a well, by holding the partial pressure of CO2 

constant and assuming that the activity coefficients of bicarbonate, acetic acid, and acetate are 

constant, the Rice Alkalinity method can be used to simultaneously determine the bicarbonate and 

total acetic acids concentration [38]. This value is more indicative of the total alkalinity of the 

sample than just bicarbonate concentration which is why I performed this method on the field 

samples. The apparatus used for the Rice Alkalinity method can be seen in Figure 3-5 in which 

1% CO2 was steadily bubbled through the samples while the sample was titrated with hydrochloric 

acid and the pH was recorded periodically after sample equilibrated.  



 

Figure 3- 5: Experimental set up of Rice Alkalinity Method titration. 

 

Equations 3.2-1 (a) and (b): Total alkalinity summation reduced to summation applicable to the 

pH range of common oil and gas fields. 

 

 As an example, Figures 3-6 (a) – (c) show a screenshot from the Rice Alkalinity Method 

input sheet, output titration plot, and output total alkalinity sheet for one of the field samples that 

was analyzed. This particular sample had calcium and iron on the filter paper which was detected 

by ICP and also factored in to the total alkalinity calculation. As can be seen, this sample had a 

total measured alkalinity of 277 mg/L as HCO3, 43 mg/L carboxylic acids as acetate, 226 mg/L 

bicarbonate concentration, and 4 mg/L carbonate concentration. The experimental measurements 

fit the model with an r
2
 value of 0.996.  



 

 

 

Figure 3- 6: Snapshots of Rice Alkalinity Method program input page, sample titration curve, 
and output page. 

 

 A comparison of measurements of multiple field samples from Field X using the HANNA 

method, HACH titration, as well as the Rice Alkalinity Method will be presented in Section 3.5 

alongside the Field X measurements of all the other parameters. 
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3.3 Sulfate 

To prepare for accurate field sample analysis for calculation of thermodynamic saturation 

index values (for example to input into ScaleSoftPitzer
TM

), two different analytical procedures for 

sulfate concentration determination were compared. The HACH Turbidimetric method using a 

spectrophotometer was compared with Ion Chromatography (IC). Four synthetic samples with 

known and varying sulfate concentration were analyzed with both methods and results were 

compared. The HACH method is based on the Ba
2+

 and SO4
2-

 reaction as a barium containing 

powder is added to each sample and allowed to react. The milky barium sulfate precipitate induces 

turbidity in the sample and this turbidity is proportional to the amount of sulfate present [38]. IC 

anion analysis separates anions and based on their affinity to the ion exchanger column. 

 

 

 

 

Figure 3- 7: Sulfate measurement comparison of HACH method and ion chromatography. 

 

Table 3- 4: Sulfate measurement comparison of HACH method and ion 
chromatography. 



 

Figure 3- 8: Sulfate measurement comparison between HACH trials on the same samples. 

 It was determined that an error in dilution/pipetting was the cause for incorrectly 

documented “known” concentrations and that accounted for the % errors for both the methods. 

However, when the two methods were compared to each other, the % deviation was quite low, 

around an average of 3.8% making both of these analytical procedures comparable. With regards 

to repeatability, there was on average a 2.4% deviation between both HACH trials on the same 

sample, so the method is accurate as well as precise and repeatable. That being said, a chloride 

concentration of 40,000 ppm and above can interfere with the HACH method and therefore for 

extremely salty brines, it should be avoided. Very high concentrations of chloride also suppress 

sulfate (and other anion) peaks when doing ion chromatography however and that is why I 

dedicated part of my thesis project to low-level sulfate in high TDS brine determination. This will 

be presented in the following section. 

3.4 Low-Level Sulfate in High Salinity Oilfield Waters 
 

Accurate determination of sulfate anion concentration in high salinity oilfield waters is 

necessary to predict and control sulfate scaling. A methodology is proposed for low-level sulfate 

anion analysis using ion chromatography and Standard Addition Method. Sulfate can be detected 



down to 0.15 ppm within 4.2% and down to 0.098 ppm within 39%, with a background chloride 

concentration as high as 7,000 ppm. With an error in sulfate measurement of 4.2%, the uncertainty 

in barite saturation index is ±0.03 SI units. With an error in sulfate measurement of 39%, the 

uncertainty in barite saturation index is ±0.14 SI units. Results are summarized in a plot developed 

for the purpose of being a quick reference for industry and academia to determine the detection 

limit of sulfate in an oilfield produced water sample of known salinity. 

During oil and gas production, high salinity scaling water is also produced as a byproduct 

having multi-million dollar impacts due to oil and gas production losses. To predict and control 

sulfate scaling due to this produced water, accurate determination of the sulfate anion 

concentration in the water is necessary. According to the 92,967 documented brines with sulfate 

and chloride anion data in the 2017 United States Geological Survey (USGS) Produced Water 

Database, the majority of produced waters are concentrated in either the 1) 0 ppm < Cl- < 10,000 

ppm and 0 ppm < SO4
2- 

< 2,500 ppm range or the 2) 0 ppm < Cl- < 200,000 ppm and 0 ppm < 

SO4
2-

 < 500 ppm range. Ion chromatography is typically used for sulfate anion determination, but 

a critical knowledge gap lies in the sulfate detection limits in the latter of the two concentration 

ranges. In the case of very high salinity and low-level sulfate brine samples, chromatograph peak 

broadening of the chloride anion due to saturation of ion-exchange sites in the separation column 

interferes with the resolution of the sulfate anion peak [3]. However, after adequate dilution of the 

samples to combat the effects of peak broadening, the sub-ppm detection limit of sulfate has not 

been established. 



 

Figure 3- 9: Comparison of chromatographs with 400 ppm chloride background and 4000 ppm 
chloride background to demonstrate peak broadening. 

 

Figure 3- 10: 2017 USGS Produced Water Database: Sulfate concentration vs. Chloride 
concentration 



Typical application of very high salinity and low-level sulfate brine analysis is with barite 

(BaSO4) scaling brine analysis. Barite scale formation is generally a consequence of mixing of 

brines from multiple zones/wells combined with the pressure drop downhole during production 

[11]. Often, sulfate (SO4
2-

) is the limiting reagent in the barite precipitation reaction and therefore 

the equilibrated brine sampled at the surface has very low levels of sulfate (SO4
2-

 < 10 ppm) [11]. 

In order to predict and control barite scale, the saturation index (SI) of barite can be calculated 

using Equation (1) with [Ba
2+

] and [SO4
2-

] being the aqueous concentrations of barium and sulfate 

in the produced water [11]. Therefore, the determination of the [SO4
2-

] parameter accurately is of 

particular interest to the energy industry and academia alike. 

                                                 Equation 3.4-1 

In the past, various procedures and detection limits have been proposed to determine sulfate 

concentration in water samples. The ASTM standard test method for sulfate is a turbidimetric 

method measuring turbidity caused by sulfate being converted to barium sulfate [4]. This method 

is applicable to waters having a chloride concentration greater than 23,000 mg/L and a sulfate 

concentration greater than 25 mg/L [4]. Singh and Abbas determined that under standard 

suppressed ion chromatography conditions, 0 – 100 mg/L of sulfate in the presence of 8000 mg/L 

or higher chloride was unreliable [9]. A report on the analysis of anions in geological brines using 

ion chromatography issued by Sandia National Laboratories claims accurate measurement of 

sulfate at concentrations of 50 mg/L and greater [5]. A cycling-column-switching ion 

chromatography method was developed by Wang et al. with which the limit of detection of sulfate 

was determined to be 5.1 ug/L in a 4000 mg/L chloride standard [10]. A Dionex application note 

claims that with a NaOH and Na2CO3 eluent, ion chromatography can potentially be used to detect 



20 ppb sulfate in a 1% brine (~ 6000 ppm chloride), however the note suggests Standard Addition 

Method for better elimination of matrix effects [6].  

In this study, we quantified the detection limit and expected error of sulfate measurements 

in high salinity oilfield waters using ion chromatography and Standard Addition Method (SAM). 

We attempted to address the following questions:  

(1) What is the optimum dilution factor of high salinity oilfield waters for sulfate analysis?  

(2) What is the sulfate detection limit in a high salinity low-level sulfate oilfield water 

sample and what is the expected error in measurement when using ion chromatography?  

(3) What is the error propagating to barite SI calculations due to the error in these low-

level sulfate measurements?  

(4) In what percentage of the 92,967 documented brines with sulfate and chloride anion 

data in the 2017 USGS Produced Water Database can sulfate be measured using the 

proposed methodology? 

 The equipment used for this work was a Metrohm 930 Compact IC Flex ion chromatograph 

with a chemical suppressor and the Metrohm 919 IC Autosampler Plus. The sulfate ion was 

detected by a conductivity detector and data was processed using the MagIC Net software. The 

sample injection flow rate was set to 0.7 mL/min and sulfuric acid flow rate was set to a maximum 

dosing rate of 1 mL/min. The background conductivity was about 1 µS/cm, the machine pressure 

was maintained at about 12 MPa (1740 psi), and the temperature was maintained at about 30.0 ºC. 

The sulfate peak integration was done manually for each chromatogram. The calibration curves 

were constructed using five standard solutions with sulfate concentrations of [0.96 ppm, 2.9 ppm, 

4.9 ppm, 7.8 ppm, 9.8 ppm] and chloride concentrations of [5.3 ppm, 9.9 ppm, 22 ppm, 50 ppm, 

98 ppm] respectively. The calibration curve for sulfate followed the linear relation y = 0.2138x-



0.0545 with an R
2
 value of 0.9995. The calibration curve for chloride followed the linear relation 

y = 0.3178x-0.0915 with an R
2
 value of 1.   

 Calibration standards and samples were prepared by diluting Sigma-Aldrich 1000 mg/L ± 

4 mg/L Sulfate Standard for IC solution. Sigma-Aldrich 99.999% trace metals basis high purity 

sodium chloride salt was dissolved to prepare high chloride background of samples and Sigma-

Aldrich 1000 mg/L ± 4 mg/L Chloride Standard for IC solution was used to prepare calibration 

standards. Deionized water (18.20 MΩ) from a ThermoScientific water purification system was 

used for the various dilutions. 

 All samples were prepared for ion chromatography by dilution of a 15,000 mg/L Cl- stock 

solution to desired salinity and spiked with known quantities of sulfate standard. All sample 

preparation and measurement was done gravimetrically. For more accurately measured sulfate 

additions to samples, the 1000 mg/L sulfate standard was successively diluted to 100 mg/L and 10 

mg/L stocks which were then used to spike the samples. Low-level sulfate concentrations [SO4
2- 

< 2 ppm] were measured using the ion chromatograph and Standard Addition Method combined. 

When using the Standard Addition Method, 5 plastic vials numbered 1 – 5 were prepared 

for ion chromatography for the low-level sulfate analysis of one sample. A stock of the desired 

chloride and sulfate concentration was first prepared and then distributed equally amongst the 5 

vials. Vial 1 was not spiked with any more sulfate but known amounts of sulfate standard was 

added in increasing amounts (typically 20% - 50% of known sulfate concentration in the stock) to 

vials 2 – 5. DI water was added to fill each vial up to a constant total mass and then all 5 vials 

underwent an ion chromatography run with a blank separating each vial to avoid cross 

contamination. The peak conductivity area was then plotted against the mass of additional sulfate 

standard added over volume of each sample. This line was then extrapolated to the x-axis to 



determine the actual low-level sulfate concentration in the sample stock which would have 

produced the observed peak conductivity with no additional standard added [12].   

 

Table 3- 5: IC results of successive dilutions of 160,000 ppm Cl- and 100 ppm SO42- stock 

 

The results of successive dilutions of a stock originally containing 160,000 ppm Cl- and 

100 ppm SO4
2-

 show that the highest chloride concentration at which the sulfate IC measurement 

error is below 3% was 6,500 ppm chloride. The error or percent difference in known concentration 

and measured concentrations was calculated using Equation 3.4-2 in all cases. The lowest sulfate 

concentration which can be measured with error being below 3% by the IC directly (with low 

background salinity) was 0.71 ppm. It was also observed that the error in measurement of 0.24 

ppm sulfate was reduced from 32% (when taking direct measurement from the IC) to 7.3% when 

using SAM. This suggested that lower concentrations of sulfate with higher background salinity 

may be detectable using SAM. 

Equation 3.4-2 



 

 

Table 3- 6: Standard Addition Method results for samples with constant chloride background of 
7,000 ppm and sulfate concentration varying from 0.098 ppm to 0.48 ppm. 

Subsequent experiments were conducted with samples having a background chloride 

concentration of around 6,500 ppm. The results shown in Table 3-5 revealed that with a 

background chloride concentration of 8,000 ppm, even at a sulfate concentration as high as 0.5 

ppm, the error is high with or without SAM. However, with a background chloride concentration 

of a slightly lower 7,000 ppm, sulfate is more accurately detectable even at lower concentrations. 

With a background of 7,000 ppm chloride, a sulfate concentration of 0.15 ppm was measured to 

within 4.2% using SAM. An even more noteworthy result is that with a background of 7,000 ppm 

chloride, a sulfate concentration as low as 0.098 ppm was measured to be 0.135 ppm using SAM 



which is within 39% accuracy. Fig. 3 shows the SAM results of the 0.098 ppm sulfate sample 

determination plotted with the linear trend line extrapolated to the x-intercept of 0.135 ppm.  

Based on these results, the impact of the error in low-level sulfate measurement was 

evaluated by determining the propagation of error to the calculation of barite saturation index using 

Equation 3.4-1 which is in-built in commercial software ScaleSoftPitzer™. For this calculation a 

sample brine of 75,000 ppm Cl- , 10 ppm SO4
2-

, 800 ppm Ba
2+

, and 48,615 ppm Na
+
 was assumed 

and the SI of barite was calculated to be 1.53 at 80 F and 200 psi using ScaleSoftPitzer™. This 

brine composition was picked to illustrate a high salinity, high barium scenario in which sulfate 

was likely the limiting reagent resulting in only 10 ppm sulfate in the sampled surface brine. If this 

brine was diluted to the optimum background chloride concentration of 7,000 ppm, the sulfate 

concentration would be in the sub-ppm region. If the expected error of 4.2% is applied to the low-

level sulfate measurement, the new SI would be 1.53 ± 0.03 SI units. If the more conservative error 

Figure 3- 11: Standard Addition plot for sample containing 7,000 ppm Cl- and 0.098 ppm SO42- 



of 39% is applied to the low-level sulfate measurement, the new SI would be 1.53 ± 0.14 SI units 

as a worst-case scenario.  

The 2017 USGS Produced Water database was also sorted to determine the range of 

applicability of these results. The number of brines which would have SO4
2-

 > 0.24 ppm after 

dilution to an optimal background chloride concentration of 7,000 ppm was 92,623. This means 

that 99.6% of the brines have a sulfate concentration that is detectable to within 6.3% using the 

methodology outlined in this study. The number of brines which would have SO4
2- 

> 0.098 ppm 

after dilution to an optimal background chloride concentration of 7,000 ppm was 92,862. This 

means that 99.9% of the brines have a sulfate concentration that is detectable to within 39% using 

the methodology outlined in this study. The results of this study have been summarized in Figure 

3-11 which was developed for the purpose of being a quick reference for industry and academia 

to determine the detection limit of the sulfate anion in an oilfield produced water sample of known 

salinity, when using ion chromatography for analysis.  

Figure 3- 12: Reference plot for sulfate detection limits in high TDS brines of known 
chloride concentration based on results of this study. 



 In conclusion, a methodology was proposed for low-level sulfate anion analysis in high 

salinity oilfield waters using ion chromatography and Standard Addition Method. Results were 

summarized in a plot developed for the purpose of being a quick reference for industry and 

academia to determine the detection limit of sulfate in an oilfield produced water sample of known 

salinity.  

 The main conclusions of this study are as follows: 

(1) The optimum dilution factor of high salinity oilfield waters for sulfate analysis is that 

which reduces the background chloride concentration to 7,000 ppm.  

(2) Using ion chromatography and Standard Addition Method, sulfate can be detected to 

0.15 ppm within 4.2% and detected to 0.098 ppm within 39%, both with a chloride 

concentration as high as 7,000 ppm. 

(3) With an error in sulfate measurement of 4.2%, the error propagating to barite saturation 

index calculation is ±0.03 SI units. With an error in sulfate measurement of 39%, the 

error propagating to barite saturation index calculation is ±0.14 SI units.  

(4) 99.6% of the brines documented in the 2017 USGS Produced Water Database have a 

detectable sulfate concentration within 6.3% error and 99.9% have a detectable sulfate 

concentration within 39% error using the proposed methodology. 

 

 

 



3.5 Field X Produced Water Analysis 

 Initially 8 samples numbered 1 – 8 from Field X were analyzed from different wells with 

5 of them being acidized and 3 of them not being acidized for preservation. Each sample was 

received in a large PVC container with a thick layer of oil on the top. First, the CO2 and H2S was 

tested be using a gas detector pump on the headspace of each bottle. Next the bottles were 

vigorously mixed to incorporate any of the deposited scale at the bottom of the bottles and about 

50 mL was pipetted in to a vial. A pH probe was used to measure the pH of all of the samples 

before the vials were then centrifuged to separate the oil and water phase and the oil layer was 

pipetted out and disposed of. The remaining brine was filtered using 0.45 um filter paper. The filter 

paper was then placed back in to the original vial and a known amount of nitric acid was added to 

dissolve the minerals on the filter paper and those that were left behind in the vial. Both the filtered 

aqueous solution as well as the nitric acid solution were analyzed for Ca
2+

, Mg
2+

, Sr
2+

, Fe
2+

, Zn
2+

, 

SO4
2-

, Cl-, S
2-

, phosphonate, and alkalinity.  

Figure 3- 13: Experimental setup for field sample analysis preparation. 



 GASTEC handheld gas sampling pump was used for the headspace gas sampling with 

several tubes of varying detection ranges. The ICP machine was used for cation analysis, the IC 

was used for sulfate analysis, and a HACH titration was used for chloride ion analysis. As 

mentioned earlier, several methods were used to measure alkalinity but eventually the Rice 

Alkalinity Method results were the ones used for further saturation index interpretation.  A HACH 

spectrophotometer method was used for dissolved sulfide measurement. A HACH 

spectrophotometer method based on the ultraviolet photochemical oxidation of phosphonates was 

used for phosphonate detection. 

 

 

 

 

 

 

Figure 3- 14: Field sample bottles as received, after centrifugation, and after filtration. 



 

Table 3- 7: Initial Field X sample analysis results 

 

Table 3- 8: Quality control measurement results of calcium for samples 2, 5, and 7. 



 

Table 3- 9: Quality control measurement results for anions for samples 2, 5, and 7. 

 

Table 3- 10: Rice Alkalinity Method alkalinity measurement results for samples 2, 5, and 7. 

 The gas pump results were not very indicative as either the mass percentage exceeded the 

detector tube’s range, or the sample had degassed substantially, and nothing was detected. Over 

the next few months, these measurements were repeated and/or checked for quality control 

purposes. Samples 2, 5, and 7 were randomly selected for quality control and as samples to be used 

for further data interpretation. Cation analysis was re-done using a re-calibrated ICP and calcium 

hardness was also analyzed using the HACH titration method to determine which ICP run was 

better calibrated had better results. For anion quality control, chloride and sulfate were re-analyzed 

using the HACH titration methods. For alkalinity, the HANNA checker, HACH phenolphthalein 

titration and Rice Alkalinity Method results were all compared and presented in Table 3-10. 



Phosphonate concentrations in samples 2, 5 and 7 are presented in Table 3-11. The final working 

brine compositions for further interpretation of Field X are presented in Table 3-12.  

 

Table 3- 11: Phosphonate measurement results using HACH UV oxidation method. 

 

Table 3- 12: Final working brine compositions for Field X used for further interpretation. 

3.6 Field X Solids Analysis 
 

 I used the X-Ray Powder Diffraction machine (XRD) to analyze the crystals that fell off 

of the filter membrane when initial sample filtering was being done. These crystals came from the 

bottom of the vigorously mixed sample bottles that were sent to us. Whole Pattern Fitting (WPF) 

within the XRD software was then used to quantify the peaks to estimate the mass distribution of 

minerals detected by the x-ray. These crystals were determined to be almost 100% calcite. 



 

3.7 Field Y Produced Water Analysis 
 

 Following the same analytical procedures as Field X, 3 samples from Field Y numbered 

samples 4, 5, and 6 were analyzed. I also got the chance to visit Field Y in West Texas and observe 

their water sampling process. Results of brine analysis of all 3 Field Y samples can be found in 

tables Table 3-13 and 3-14. 

98.22

1.78

Field X WPF Mineral Distribution Percentages

Calcite
SiO2-quartz

Figure 3- 16: XRD analysis results for solids from Field X sample bottle 

Figure 3- 15: WPF results for Field X sample bottle solid XRD analysis 



 

Figure 3- 17: Photographs of producing well as well as wellhead water sampling at Field Y in West Texas. 



 

Table 3- 13: Density, chloride ion, and gas pump analysis results for samples 4, 5, and 6. 

 

Table 3- 14: Cation and anion analysis results for samples 4, 5, and 6 from Field Y. 

3.8 Field Y Solids Analysis 
 

I used the X-Ray Powder Diffraction machine (XRD) again to analyze scale samples that 

were sent to us by operators of Field Y. These crystals however came from the wellbore and we 

were informed that they were sampled from about 5200 feet deep in to the wellbore. Whole Pattern 

Fitting (WPF) within the XRD software was then used to quantify the peaks to estimate the mass 



distribution of minerals detected by the x-ray. These crystals were determined to be almost 100% 

gypsum with about 3.2% titanium oxide and 1.4% pyrite (FeS2). 

 

                 Figure 3- 18: XRD analysis results for solids from Field Y wellbore at 5200 ft depth. 

 

 

Figure 3- 19: WPF results for Field Y wellbore solids XRD analysis. 

3.9       Preliminary Industrial Inhibitor Testing 

Six proprietary scale inhibitors were sent to us by the operator of Field X and I tested them 

on synthetic brines at 2 different saturation indices. The synthetic brines were based on field 

compositions and the proprietary inhibitors were labeled as inhibitors G1 to G6 for the study.  In 

this method there are vials on a heating and mixing plate with lasers passing through each vial, 



and the change in intensity of the laser is being logged continuously using a data logger. There are 

2 stock solutions, one with cations and one with anions. Each vial has an individual stirring bar 

and the anion stock is added followed by the desired amount of scale inhibitor being tested 

followed by the cation solution. These experiments were each run for 2 hours (7200 seconds). 

When each cation solution is added to a vial at t = 0, the laser intensity is monitored and the 

decrease in laser intensity marks the induction time or the time at which precipitation is detected. 

  

 Two different saturation indices were tested by varying calcium composition, SI = 0.34 

and SI = 0.74. The experiments were run at room temperature and atmospheric pressure. For SI = 

0.34, [Ca
2+

] = 2,200 ppm, [Mg
2+

] = 500 ppm, [Sr
2+

] = 60 ppm, [Na
2+

] = 12,500 ppm, [Cl-] = 20,000 

ppm, and [SO4
2-

] = 5,500 ppm. For SI = 0.74, [Ca
2+

] = 7,500 ppm, [Mg
2+

] = 500 ppm, [Sr
2+

] = 60 

ppm, [Na
2+

] = 12,500 ppm, [Cl-] = 29,396 ppm, and [SO4
2-

] = 5,500 ppm. An arbitrary inhibitor 

concentration of 0.2 ppm was picked and tested for all six proprietary inhibitors. Both saturation 

indices were also tested first with no inhibitor added. Results are reported in Section 5.10. 

Figure 3- 20: Experimental setup for laser turbidity inhibitor testing. 



Chapter 4: 1-D Reactive Mixing-Material Balance Coupled Model 

4.1 Model and Scenario Overview 

As it is observed at Fields X and Y that there is scale dropout in the wellbore prior to water 

being sampled at the surface, the objective of this section was to develop a 1-D Reactive Mixing-

Material Balance coupled model to provide insights on wellbore scaling prior to already 

equilibrated water being sampled at the surface in CO2-WAG oil fields using a few easily 

obtainable field parameters inputs. This model does not predict scale based on saturation index of 

the solution nor precipitation kinetics but by the difference in the quantity of scaling ions between 

modeled bottomhole composition and measured surface concentration. This modeled bottomhole 

composition can however be used to calculate the thermodynamic saturation indices at various 

points up the well as will be seen later. This model splits the injection to production pathway in to 

10 cells with the material balance control volume being the wellbore and any tubing or equipment 

prior to surface water sampling.  

 

Figure 4- 1: 1-D Reactive Mixing-Material Balance Coupled Model schematic. 



The material balance is on calcium, sulfate, and carbonate ions. The premise of the model 

is that the Dcalcium, Dsulfate, and Dcarbonate between modeled bottomhole composition and 

measured surface compositions can provide qualitative insights on wellbore scaling. It is assumed 

here that the Dsulfate is the limiting reactant with regards to gypsum scaling and Dcarbonate is the 

limiting reactant with regards to calcite scaling. That then leaves a remaining modeled surface 

calcium concentration which I compared to measured surface calcium concentration as a model 

evaluation metric called %surface calcium error.  

                  Equation 4.1-1 

The main outputs of the model are pounds per day of scale (based on an average daily water 

production value for this particular field) and a mass balance visual showing ions precipitated out 

as scale as well as the %surface calcium error. In the mass balance visual, the blue bars represent 

ions in solution while the orange segments represent ions precipitated out as scale in the designated 

control volume. If the orange bars are below the x axis, it signifies there not being enough ions 

present in the modeled bottomhole composition for the observed wellbore scale to exist but rather 

that ions would have precipitated out in the reservoir upon equilibration. Additional model outputs 

(direct and indirect) include [Ca
2+

], [SO4
2-

], [Mg
2+

], and [Alk] evolution from WAG injection well 

to oil production wellbore, pH evolution from WAG injection well to oil production wellbore, 

gypsum and calcite SI evolution from WAG injection well to oil production wellbore, CO2 

transformation from WAG injection well to oil production wellbore and wellbore/surface 

equipment T/P/SI profile. 

 



 

Figure 4- 2: Example model outputs based on model material balance. 

 

Figure 4- 3: 1-D Reactive Mixing-Material Balance Coupled Model flowchart. 



 Operating under the assumption that deep in the reservoir, flow speeds are slow enough for 

each cell to reach equilibrium but as fluids approach the wellbore, the rate of convection is high 

enough for equilibrium not be achieved, four in-situ reservoir mixing mechanism scenarios are 

investigated for this model. Scenario 1 is the “Self-Scaling IW – No Rxn with Reservoir” scenario 

in which the injection water equilibrates with high pressure carbon dioxide and shifts through each 

cell to the bottomhole cell without reacting with the formation rock or any formation water. 

Scenario 2 is the “IW Reactive – No FW Mixing” scenario in which the injection water equilibrates 

with high pressure carbon dioxide and with dolomite and anhydrite formation rock and shifts 

through each cell to the bottomhole cell without mixing with any formation water. Scenario 3 is 

the “Banking b/w IW + FW – Reactive Mixing Front” scenario in which the injection water 

equilibrates with high pressure carbon dioxide and with dolomite and anhydrite formation rock, 

and mixes with formation water half way between injector and producer wells. This reactive 

mixing front then shifts to the bottomhole cell. As injection water fraction is not known, an IWF 

= 0.5 is assumed for this scenario. Scenario 4 is the “Aerial Streamlining – IW Reactive + Mixes 

with FW right at Wellbore” scenario in which slow moving equilibrated carbonated injection water 

mixes with faster moving formation water right at the wellbore once again with an assumed IWF 

of 0.5. 

4.2       PHREEQC  

The software used for modeling equilibrium speciation in each cell is PHREEQC Version 

3. This is a free computer program developed by USGS for simulating chemical reactions/1-D 

transport processes based on equilibrium chemistry of aqueous solutions interacting with minerals, 

gases, solid solutions, exchangers, and sorption surfaces. One limitation of the program is the lack 



of internal consistency in aqueous model data databases (equilibrium constants and enthalpies of 

reaction). However, thermodynamic data can be inputted manually in database if needed [40]. 

 
4.3 Injection Water/Formation Water 

 With regards to injection water and formation water composition in this field, produced 

water is actually being re-injected as injection water. By comparing earliest and most recent 

operator given well produced water data for calcium, magnesium, chloride, and sulfate, there is no 

significant difference (averages are within 12% of each other) which allows me to assume that the 

injection water and formation water has essentially the same composition. Only in bicarbonate 

concentration did we see a 30% increase in bicarbonate average concentration from 2015 samples 

to 2017 samples which may possibly be a significant change. The blue bars are data from 2015 

and orange from 2017. 

 



 

Figure 4- 4 (a) (b) (c) (d) (e): Comparison of operator given well data from 2015 to 2017. 

If this change in bicarbonate is more than just experimental error, this ion behavior can 

possibly be explained by the following equilibrium calculations by making assumptions about the 

West Texas field conditions. As mentioned in previous sections, it is reasonable to assume that the 

original PCO2 was in equilibrium with calcite, for the overall net reaction represented as follows: 

!$!"E(;) + &I"($%) + !"IJKL → !$IN($%) + 2&!"E
A($%)     Reaction 4.4-1 

Commonly to a good approximation, for each calcium ion there are two bicarbonate ions produced, 

with the overall equilibrium constant: 

'OPQRKSS =
UVW
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 , where l is 

being used to represent the calcium solubility in mol/L. The equilibrium constants here can be 

obtained at representative conditions of 120 F, 65000 mg/L TDS, and 3000 psia pressure. For these 

calculations they were obtained from Dr. Shiliang He’s Carbonate QC Program. Henry’s Law 

constant in m
n

Kop
q is approximated by 'g = 10AE.tEtNuvw^x yk.z = 10Ay.{|E at these conditions. 



  

                                                                                                                         

In these calculations the dolomite reservoir rock is being approximated as calcite as their 

solubilities are very similar and the activity coefficients of calcium and magnesium are also similar 

at these conditions. If it is assumed that the initial partial pressure of carbon dioxide was 1% of 

reservoir pressure (pre-carbon dioxide flooding), the }=h` ≅ 2	$�Ä. In this case: 
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The fact that calcium, and correspondingly bicarbonate, is essentially proportional to the 

cube root of PCO2 means that the as the PCO2 increases from 2 atm to 170 atm (which would be 

about 85% of reservoir pressure and represents equilibrium after continuous carbon dioxide 

flooding), the calcium will increase by  m
yztKop

IKop
q
y/E

= 4.4	�:Äê;, or 0.069 M = 2,770 mg/L Ca, 

or Ca+Mgequivalents. for dolomite.  And as there are two bicarbonate ions produced for every calcium 

ion produced, the bicarbonate concentration would also increase by a factor of 4.4x between pre 

and post high-pressure carbon dioxide flooding.  

Due to this I have assumed most recent given well data average concentrations for both 

injection water and formation water with the older bicarbonate average for formation water. These 

two water compositions are charge balanced. 



 

Table 4- 1: Assumed injection water and formation water compositions for modeling. 

Chapter 5: Results and Discussion 

5.1 Field X Produced Water Analysis Comparison with USGS and Operator Provided Data 

Visual representations of the final analyzed working brine compositions for Field X were 

developed. Field X compositions for samples 2, 5 and 7 were each compared to a set of given data 

by the operator as well as a set of very early data retrieved from the USGS database. These 

comparisons are presented in Figures 5-1 (a) (b) (c) (d). The dataset from the USGS database was 

reported produced water data from the 1950s from a field also in the Permian Basin producing 

from the San Andreas formation. The black error bars are value ranges of my data obtained from 

quality control testing on my samples.  



 

 

 

 



 

The values for all parameters of interest from all three sources are comparable with the 

given data and my data being very close and the USGS data being the highest value for most of 

the parameters. My data being very close to the given field data is a good quality control measure 

for my in-lab analysis procedures. Generally, the produced water appears to contain about 1,500 

mg/L calcium, 500 mg/L magnesium, 3,400 mg/L sulfate and have an overall ionic strength of 

about 0.8 M NaCl. My strontium measurement appears to be uncharacteristically low compared to 

Figure 5- 1 (a) (b) (c) (d): Visual comparison of lab-analyzed working brine 
compositions with operator given data and USGS database data from Field X. 



the given and USGS data and so the strontium value ranges from ~50 mg/L to ~350 mg/L. With 

regards to alkalinity there is also a large range from about 300 mg/L to 1800 mg/L amongst all 3 

sources. Of course, since all 3 sources aren’t necessarily sampling from the same well or even the 

same field (referring to the USGS data), there is bound to be variation in some of the parameters. 

Alkalinity is also relatively difficult to measure, and various measurement procedures would 

produce different values. Even if the USGS data is not from this same field however, the values 

could potentially reveal information about the formation’s history. If the data is interpreted as such, 

the early data from the USGS database reporting higher values of calcium, magnesium, strontium, 

and sulfate than now observed at the field may be indicative of formation ion stripping due to the 

decades of oil and gas production in the region.  

 

5.2 Fields X and Y Produced Water Comparison 

 Analysis from one sample from Field X and one from Field Y were also compared with 

each other and with the USGS data.  

 

Figure 5- 2: Visual comparison of Fields X, Y, and USGS brine data. 



 The calcium, sulfate, strontium and chloride concentrations are very similar in both fields 

which means that analysis was likely done accurately for both samples. Even though both fields 

are in the same geographical region and both undergoing CO2-WAG EOR, it is still surprising to 

see such consistent numbers across fields and most likely confirms that the same mechanism is 

causing gypsum and calcite scaling in both the fields. The sulfate concentration being almost 

identical over all these years and across fields in this region is worthy of note and indicative of a 

possible constant water flow from an aquifer below oil reserves. There is some variability in the 

magnesium concentration between the two fields and this may have to do with dolomite vs. calcite 

being the predominant carbonate mineral in different parts of this formation. The general trend 

observed for all of the parameters is [Field X data] < [Field Y data] < [USGS data]. The measured 

alkalinity appears to be considerably higher in the Field Y analysis compared to Field X but 

different analytical procedures were followed. The Rice Alkalinity Method was used for Field X 

while the handheld HANNA checker was used for Field Y. In addition, some of the Field X 

operator-reported well data showed higher alkalinity values similar to Field Y and therefore the 

discrepancy isn’t of concern with regards to interpreting the scaling mechanism. 

5.3 Fields X and Y Produced Water Saturation Index Analysis 

 ScaleSoftPitzer
TM

 (SSP) was used to calculate the saturation indices of the produced water 

samples from both Fields X and Field Y at reservoir, wellhead, and lab temperature, pressure, and 

%CO2 conditions. The saturation index calculations were done both without taking in to account 

water evaporation and water evaporation. The water evaporation was done using the in-built flash 

calculator in SSP using OPTION 3 which uses input API, gas SGG, G/O/W ratios, and CO2 gas 

analysis to compose a pseudo reservoir fluid composition and flash calculator to calculate CO2 in 

the gas, oil, and water phases. The oil API gravity used was 31.8 deg and SGG of gas phase was 



1.5 based on operator provided data. Since it was reported that scale was observed in gas 

separators, at pump discharge, pump suction heads, inside wellbore and on pump impellers, 

saturation index calculation was also done at even lower pressures and higher temperatures to 

simulate aforementioned surface equipment. 

 

 

Table 5- 1 (a) (b) (c) (d): Saturation index calculations at reservoir/wellhead/lab conditions 
without flash calculator option. 



The reservoir, well head, and lab condition saturation index values appear to be almost 

identical for both fields X and Y. At reservoir and wellhead conditions gypsum SI comes out to 

greater than 0 and at lab conditions, gypsum SI hovers around 0. At reservoir and wellhead 

conditions calcite SI comes out to less than 0 and at lab conditions calcite SI is greater than 0.  

In general, taking in to account water evaporation does not make much of a consequential 

difference as the oil/gas/water ratio at this field is around 75 BD/500 MCFD/850 BD. Since water 

makes up such a big cut, field surface temperatures are relatively low and the delta pressure from 

reservoir to wellhead is also relatively low, water evaporation is not the governing scaling 

mechanism at this field. That being said, using the flash calculator and using higher surface 

temperatures and lower surface pressures to represent surface equipment such as the 

separators/compressors/pump heads, the analyzed water is indeed calculated to be supersaturated 

with regards to both calcite (albeit slightly) and gypsum which may be possible validation of 

observed calcite scaling in the field.  

Table 5- 2 (a) (b) (c) (d): Saturation index calculations of samples Field X 2 and Field Y 4 at 
reservoir/wellhead/lab conditions with and without flash calculator option. 



5.4 Field Solid Scale Sample Analysis Interpretation 

 The saturation index calculations are also consistent with the in-lab solids analysis results. 

The Field X solids analysis was done on crystals filtered from the vigorously stirred sample bottle. 

Therefore, this scale either originated from somewhere near the water sampling valve at the 

wellhead or precipitated scale inside the sample bottle. This scale was determined to be almost 

exclusively calcite scale which is consistent with the saturation index calculations as only at 

laboratory conditions and at low pressure surface equipment conditions was the solution 

supersaturated with regards to calcite. Gypsum was probably not detected in this sample because 

at lab conditions the samples are at equilibrium with regards to gypsum and while at wellhead 

conditions the sample is supersaturated with regards to gypsum, these wells are squeezed with 

scale inhibitor possibly inhibiting gypsum precipitation. On the other hand, the Field Y solids 

analysis was done on crystals obtained from the wellbore about 5200 feet deep into the reservoir 

and the crystals were determined to be almost exclusively gypsum. This is once again consistent 

with my findings as the produced water samples are calculated to be supersaturated with regards 

to only gypsum at reservoir and wellhead conditions and not calcite. 

 

 

 

 

Table 5- 3 (a) and (b): Given surface equipment pressure conditions and saturation index 
calculation at surface equipment pressure and temperature. 



5.5 Reservoir Mixing Scenario 1: Self-Scaling IW – No Rxn with Reservoir 
 

 

Figure 5- 3: Scenario 1 Schematic 

 

 

Figure 5- 4 (a) and (b): Scenario 1 mass balance visual and scale predicted outputs. 

 

The model outputs show that there is negative gypsum scale predicted meaning that 

bottomhole sulfate was lower than SO4 at the surface so CaSO4 dropped out in reservoir therefore 

only excess carbonate can precipitate with excess calcium in wellbore. Since these results do not 

qualitatively validate what is observed in the field, this scenario was not used for further 

interpretation. 

 



5.6 Reservoir Mixing Scenario 2: IW Reactive – No FW Mixing 
 

 

Figure 5- 5: Scenario 2 Schematic 

 

 

Figure 5- 6 (a) and (b): Scenario 2 mass balance visual and scale predicted outputs 

 

Since these results do not qualitatively validate what is observed in the field, this scenario 

was not used for further interpretation. 

 

 

 

 



5.7 Reservoir Mixing Scenario 3: Banking b/w IW+FW – Reactive Mixing Front 
(assuming IWF = 0.5) 

 

 

Figure 5- 7: Scenario 3 Schematic 

 

 

Figure 5- 8 (a) and (b): Scenario 3 mass balance visual and scale predicted outputs 

 

Since these results do not qualitatively validate what is observed in the field, this scenario 

was not used for further interpretation. 

 

 

 



5.8 Reservoir Mixing Scenario 4: Aerial Streamlining – IW reactive + Mixes with FW 
right at Wellbore (assuming IWF = 0.5) 

 

 

Figure 5- 9: Scenario 4 Schematic 

 

Figure 5- 10 (a) and (b): Scenario 4 mass balance visual and scale predicted outputs 

 

This is the only scenario in which there are enough sulfate ions present in the wellbore to 

precipitate gypsum therefore this is the in-situ mixing mechanism assumed for further 

interpretation and additional model outputs. As the injection water fraction was arbitrarily assumed 

to be 0.5 initially, the effect of injection water fraction was also investigated in Figure 5-11. As 

can be seen, gypsum scale pounds per day increases and calcite scale decreases with decreasing 

injection water fraction. As there is no data provided on gypsum to calcite pounds per day ratio 



observed in the field, the IWF cannot however be deduced using this. Based on randomly assuming 

the IWF = 0.35 scenario, ion, SI, pH, and carbon dioxide evolution from injection to producer well 

is presented to provide additional insights. 

  

Figure 5- 11: Effect of IWF on Scenario 4 lbs/day scale outputs 



 

Figure 5- 12 (a) (b) (c) (d): Ion concentration, SI, pH, and carbon dioxide concentration evolution 
from injection well to producer well based on Scenario 4 IWF = 0.35. 

 

These results show that based on this proposed scenario, between injection and production 

well, alkalinity first increases upon reservoir equilibrium with CO2 and then decreases at wellbore 

when mixing with lower alkalinity formation water. Calcium first decreases upon reservoir 

equilibrium and then increases when mixing at the wellbore. Sulfate first decreases upon reservoir 

equilibrium and then increases with mixing at the wellbore which allows for gypsum precipitation. 

Between injection and production well, gypsum and calcite SI = 0 throughout pathway due to local 

equilibrium assumption. At bottom-hole, gypsum SI becomes supersaturated at about SI = 0.3 and 

calcite becomes undersaturated at about SI = -0.45 and only increases when pressure drops up the 



well. The pH remains relatively constant, hovering around 5, being slightly higher at injection 

before equilibrating with the high-pressure carbon dioxide and then decreasing slightly at mixing 

point. 

As one step further, I wanted to show that if an accurate pressure drop model is available 

for a well, the location of maximum thermodynamic scale precipitation driving force can also be 

deduced based on these modeled bottomhole compositions. Based on Scenario 4, IWF = 0.35  

bottom-hole mixture composition, assuming a reservoir P of 2300 psi, a bottom hole pressure of 

2000 psi and a linear pressure drop to the observed surface flowing P of 300 psi, the wellbore depth 

at which there is maximum thermodynamic driving force for scale precipitation was estimated. 

The wellbore depth at which there is maximum thermodynamic driving force for gypsum scale 

precipitation was estimated to be about 2080 feet deep. For calcite it was estimated to be on surface 

equipment/low pressure tubing. 

Table 5- 4: Estimation of well depths of maximum thermodynamic driving force for scale 
precipitation using modeled bottomhole composition from Scenario 4, IWF = 0.35. 



 

 

5.9 1-D Reactive Mixing-Material Balance Coupled Model Results Summary 
  

Here is the summary table of the four mixing scenarios investigated as well as a summary 

table of all 12 models runs based on Scenario 4. These runs look at 4 different injection water 

fractions and 3 different surface brine inputs. As can be seen, the modeled surface calcium 

concentrations differed from measured calcium concentrations by 8.3% to 27%.  

 

Table 5- 5: Results summary table of 4 the mixing scenarios investigated 

 

Table 5- 6: Results summary table of all 12 model runs for Scenario 4 



5.10 Scale Inhibition  

With regards to scale inhibition, proprietary scale inhibitors were tested for gypsum scaling 

on synthetic brines as described in Section 3.9 and the results are presented here. Since the 

experiments were run concurrently and for consistency, inhibitors ended up being tested for SI = 

0.34 even though the control run (without inhibitor) did not produce any precipitation during the 

2 hour experiment time. Any induction time reported as >7200 seconds means that no precipitation 

was observed before the experimental run was stopped. 

 

 

Table 5- 7: Results of scale inhibitor laser turbidity experiments on G1 to G6 (proprietary 
inhibitors) 



As can be seen, the gypsum scaling is controllable at SI = 0.34 without inhibitor and at SI= 

0.74 with 0.2 ppm of inhibitor (except for inhibitor G5). As these inhibitors are proprietary, the 

chemical structures or names were not provided to us. It is likely that they are phosphonate 

inhibitors such as HDTMP as those have been tested by our group and deemed effective at gypsum 

inhibition. These results were reported back to the operating company as inhibitor selection 

recommendations.  

 

Figure 5- 13: Chemical structure of common phosphonate inhibitor HDTMP [44] 

With regards to scale inhibitor deployment method, a method that would be the complete 

opposite of inhibitor squeezing is the addition of scale inhibitor in to the injection water. This 

treatment option has also been referred to as WIDSI in literature [42]. The advantage of this option 

for these particular fields would be that since produced water is being re-injected as injection water 

in the West Texas fields, inhibitor will be constantly recycled and only replenished with make-up 

water when necessary. Also, the inhibitor can sweep through to inhibit scale throughout the water 

transit pathway as well as downhole. 

Of course, there are several limiting considerations of this method which it is why is not 

commonly used. One of these considerations is inter-well distance. The smaller the inter-well 

distance the higher the potential there is for this option. Modeling studies show that distances less 

than 800 feet could be conducive to inhibitor breakthrough at production well this way and since 

these west Texas fields have inter-well distances of around 600 feet, this could be a possibility 

[43]. Reservoir permeability is another very important factor to consider with modeling studies 



showing success with permeabilities around 1000 millidarcies. These particular reservoirs have 

far lower permeabilities and so core flooding experiments would have to be done to test viability.  

Lastly, with regards to inhibitor selection, an ideal inhibitor for this would be one that has high 

inhibition efficiency for gypsum and calcite and has low adsorption on to formation rock. One 

such class of inhibitors would be polysulfonates, such as SPCA, as they have poor adsorption to 

formation rock. SPCA has been found to be an effective carbonate and sulfate scale inhibitor by 

research group and it has poor adsorption to formation rock compared to phosphonates and 

carboxylate inhibitors. Due to these apparent advantages, it would be worthwhile to study this 

method of scale inhibitor deployment further. 

 

 

Figure 5- 14: Diagram of Injection Water Inhibition Addition Scheme 

 



 

Figure 5- 15: Factors to consider when implementing Injection Water Inhibition Addition Scheme 

 

 

Figure 5- 16: Chemical structure of SPCA scale inhibitor [39] 

Chapter 6: Summary  
 

In summary, during preparation for field sample brine analysis it was found that the 

optimum dilution factor of high salinity oilfield waters for sulfate analysis is that which reduces 

the background chloride concentration to 7,000 ppm. Using ion chromatography and Standard 

Addition Method, sulfate can be detected to 0.15 ppm within 4.2% and detected to 0.098 ppm 

within 39%, both with a chloride concentration as high as 7,000 ppm. With an error in sulfate 

measurement of 4.2%, the error propagating to barite saturation index calculation is ±0.03 SI units. 

With an error in sulfate measurement of 39%, the error propagating to barite saturation index 

calculation is ±0.14 SI units. 99.8% of the brines documented in the 2017 USGS Produced Water 

Database have a detectable sulfate concentration within 39% error using the proposed 

methodology. 

Brine compositions from the two CO2-WAG EOR West Texas Fields were found to be 

very similar which most likely confirms that the same mechanism is causing gypsum and calcite 



scaling in both the fields. The sulfate concentration being almost identical at the two fields as well 

as in old USGS data from the same geographical region is worthy of note and indicative of a 

possible constant water flow from an aquifer below oil reserves. Saturation index calculations 

based on analyzed field brine compositions indicate slight gypsum supersaturation at 

reservoir/wellhead conditions but an SI ~0 in the lab. Samples are undersaturated with regards to 

calcite at reservoir/wellhead conditions but an SI>0 in the lab. These SI calculation results are 

validated by analyzing field solid scale samples from the wellbore as well as from sample bottles.  

As gypsum SI is hardly supersaturated at the wellhead and at equilibrium at lab conditions, 

it is very likely that the gypsum is precipitating prior to the water being sampled at the surface. 

Therefore, a 1-D Reactive Mixing-Material Balance Coupled Model to predict and/or validate 

scaling in CO2/WAG oil fields using a few easily obtainable field parameters inputs was 

developed. An aerial streamlining mixing mechanism in which slow moving equilibrated 

carbonated injection water mixes with faster moving formation water right at the wellbore is 

deduced to be the in-situ mixing mechanism resulting in the observed scaling at the West Texas 

field. Based on 12 model runs with 4 different injection water fractions and 3 different analyzed 

surface sample compositions, 11 out of 12 runs qualitatively validated the observed calcium sulfate 

and calcium carbonate scaling in the field. In these 11 runs, the model’s predicted surface calcium 

concentrations differed from measured calcium concentrations by 8.3% to 27%.  

Laboratory testing indicates that the scale precipitation is controllable using scale 

inhibitors. Injection water polysulfonate addition is suggested for these West Texas Fields as part 

of their scale treatment program.  
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