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ABSTRACT 

A Multi-scale Study of Carbonate Wettability Alteration:  

A Route to “Smart Water” 

 by 

Jin Song 

“Smart water” refers to the low-salinity brine that can alter wettability and enhance oil 

recovery. The injection of “smart water” as a low-cost enhanced oil recovery (EOR) approach has 

drawn increasing attentions in the oil and gas industry. Particularly, the “smart water” EOR has 

promising applications in oil-wet, naturally fractured carbonate reservoirs where capillary 

imbibition is extremely important. Successes of “smart water” in carbonate systems have been 

reported in both laboratory flooding experiments and a field-scale pilot. However, underlying 

mechanism of the “smart water”-induced wettability alteration in carbonates remains unclear. 

Therefore, this dissertation systematically investigates the wettability alteration process of 

carbonate rocks in “smart water”.  

The first objective of this work is to understand the electrostatic interactions between 

carbonate rocks and oils. In particular, the surface charge of carbonate minerals in brines has been 

a focus of literature research because it is generally believed to govern the surface wettability. To 

model the formation of surface charge, surface complexation models (SCM) are developed based 

on rock-ion complexations.  

A SCM was first developed for pure calcite, the primary component of carbonate rocks, in 

Chapter 3. Divalent ions Ca2+, Mg2+, CO32-, and SO42- are found to bind much more strongly to the 
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calcite than monovalent ions. The equilibrium constants for binding reactions are also found to 

negatively correlate to the hydrated ion radius for ions of the same charge. Moreover, the weak 

potential determining ion Na+ is found to significantly contribute to the positive charge of calcite 

in high-salinity brines (5M NaCl). 

The synthetic calcite SCM was then extended to work for natural carbonates with surface 

impurities in Chapter 4. Three carbonate rocks, Iceland spar, Indiana limestone, and “SME” 

reservoir rock, were investigated.  The effects of inorganic impurity silica and organic impurities 

are examined individually in the model calculation. Both the silica surface binding reactions and 

the organic acids surface coverage (%) are included in the extended model. The SCM successfully 

fits all 63 zeta potential data of synthetic calcite and three natural carbonates in various mixed-

electrolyte brines with varying ionic strengths and CO2 partial pressures. The organic impurities 

are found to play the dominant role in making the natural carbonates more negatively charged than 

synthetic calcite. Humic acids extracted from a humus sample were used to treat the synthetic 

calcite sample in an experiment. The treated calcite had a significantly more negative zeta potential, 

demonstrating the effect of organic impurities on the carbonate surface charge. 

The second objective of this work is to experimentally evaluate the carbonate wettability 

alteration in “smart water”. Spontaneous imbibition was chosen over contact angle to characterize 

wettability alteration due to the poor reproducibility of contact angle measurements. The effects 

of brine chemistry, especially Mg2+, SO42-, and salinity, were investigated in a model oil system in 

Chapter 5. Both the reduction in Na+ and addition of SO42- are found to contribute to wettability 

alteration. Mg2+ is found to be unfavorable for wettability alteration. Ca2+ and SO42- are believed 

to have synergetic effect for wettability alteration. Rock/brine and oil/brine zeta potentials are 

measured, and the electrostatic component of disjoining pressure is calculated to understand the 
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role of electrostatics in this process. The surface concentration of charged species on the Indiana 

limestone surface is also analyzed based on the SCM developed in Chapter 4. The reduction of the 

Na+ surface complexation (>CaOH…Na+0.25) in low salinity brines is believed to be a critical 

mechanism responsible for wettability alteration based on the SCM calculations. 

In Chapter 6, the effect of oil physicochemical properties on carbonate wettability 

alteration was also investigated by spontaneous imbibition measurements. The results were also 

used to evaluate two possible wettability alteration mechanisms: rock/oil electrostatic repulsion 

and microdispersion formation. Seven oils were fully characterized and used in spontaneous 

imbibition measurements in low-salinity water. For the first time, the effectiveness of low-salinity 

water is found to correlate with the oil interfacial tension in low-salinity water. Oils with higher 

interfacial activity are found to respond more positively to low-salinity water. Moreover, cryogenic 

transmission electron microscopy (Cryo-TEM) images suggest that microdispersion is essentially 

macroemulsion, and its formation is an effective indicator – but not the root cause – of wettability 

alteration. Rock/oil electrostatic repulsion based on zeta potentials is found to be an insufficient 

condition for wettability alteration in carbonate minerals. 

Finally, low-salinity water coreflooding was performed using a crude oil that responded 

positively to low-salinity water in spontaneous imbibition. 41% of original oil in-place (OOIP) 

was recovered after the initial high-salinity water flooding. An additional 12% (of OOIP) is 

observed after the injection of low-salinity water. The reduction of NaCl concentration is 

confirmed to effectively improve oil recovery in the forced displacement experiment.   
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Chapter 1 

Introduction 

1.1. Motivation of Study 

By definition, wettability is the tendency of one fluid to wet a solid surface in the presence 

of another immiscible fluid.1 Wettability of oil reservoirs has been a research focus for decades 

because it can greatly affect fluid flow behaviors and reservoir residual oil saturation2–4. 

Wettability studies are particularly important for carbonate reservoirs because carbonates are 

oftentimes preferentially oil-wet, making the oil recovery more challenging compared to sandstone 

reservoirs. Yet, carbonate wettability is even more complicated than sandstones due to the complex 

calcite-ions interaction in brines. Therefore, the study on wetting behavior of carbonate minerals 

has drawn increasing attention recently. 

Carbonate reservoirs, which hold over 60% of the oil reserve in the world5, primarily 

contains calcite. Even though pristine calcite surface is water-wet, carbonates aged in crude oils 

for a geological time span become neutral-wet or preferentially oil-wet due to the crude 
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oil/brine/rock interaction. Carbonate surface is usually positively charged in formation brine 

whereas crude oil in brines carries negative charges6 The electrostatic attraction between the oil 

and the rock tends to repel the brine in-between and the crude oil eventually adheres to the 

carbonate surface, altering its wettability. Because of the unfavorable wettability, spontaneous 

capillary imbibition as an oil recovery mechanism from low permeability matrix is impeded. As a 

result, oil recovery by water flooding is usually less than 30% of original oil in place (OOIP) in 

carbonate reservoirs.7  

Wettability alteration has been demonstrated as an effective way to enhance oil recovery8. 

Injection of hydrophilic surfactants as the wettability modifier can successfully alter wettability 9–

13 but increases the capital investment significantly. Another approach that requires much lower 

cost is the injection of water with engineered ionic composition. In such technique, the salinity of 

injection brine is reduced, and the ionic composition is oftentimes modified. Therefore, those 

ionically tuned brines that alter wettability are also referred to as “smart water” or low-salinity 

water. The term “smart water” and “low-salinity water” will be used interchangeably in this 

dissertation. Particularly, the term “smart water” will be used when the effect of brine ionic 

composition is emphasized.  

Low-salinity water flooding first gained attentions as an enhanced oil recovery technique 

for sandstones14–16 in the late 90s and gained success in field trials in sandstone reservoirs 

recently17–19. For carbonate reservoirs, this approach started to receive attentions after a 

surprisingly high oil recovery was reported for a seawater injection in the Ekofisk chalk field20,21. 

In the recent decade, the benefit of “smart water” in carbonate systems has been widely reported 

in core-scale laboratory tests12,22–28. The effectiveness of “smart water” has been found to depend 

on the rock mineralogy, oil chemistry, formation brine composition, low salinity brine composition, 
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initial wettability, and testing methods28,29. Therefore, additional oil recoveries reported from 

different sources are typically incomparable, as the rock/brine/oil systems vary. Most literature 

works reported up to 10% (of OOIP) incremental oil recovery from “smart water” core flooding 

experiments25,30–32. In spontaneous imbibition tests where wettability is evaluated directly, over 

40% (of OOIP) incremental oil recovery has been shown24. Yousef et al.33 from Saudi Aramco 

reported the first ever “smart water” flooding field trials in carbonate reservoirs in 2012. Two field 

trials were completed, and the remaining oil saturation was estimated to reduce 7 units comparing 

to regular seawater injection based on several single well chemical tracer tests. However, the 

failures of “smart water” have also been frequently reported28,29,34,35. Figure 1-1 (adapted from 

Jackson et al.35) compares a few experiments of “smart water” enhanced oil recovery from various 

publications and shows that “smart water” may or may not be effective depending on the specific 

core/oil/brine system. The inconsistent effectiveness of “smart water” draws significant attention 

to the study of underlying mechanism of “smart water”-induced wettability alteration. However, 

controversies still generally exist regarding the working mechanism of “smart water”. Hypothesis 

in the literature include multicomponent ion exchange (MIE)22,23, calcite dissolution36, fines 

migration14, microdispersion formation37, increase of interfacial viscoelasticity38, and electric 

double layer repulsion35,39,40. Therefore, this thesis is motivated by the need of a clearer 

fundamental understanding on the “smart water”-induced wettability alteration process.  

In this chapter, important concepts that are closely relevant to wettability will be introduced 

as they will be brought up in the discussion in later chapters. Then, conventional approaches to 

quantify wettability as well as the governing intermolecular forces for wettability will be reviewed. 

Moreover, some important literature work on “smart water” will be evaluated in order to identify 
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the gaps to be filled and to justify the significance of this thesis. Finally, the scope and structure 

of this thesis will be discussed in the last section of this chapter.  

 

 

Figure 1-1 Examples of "smart water" core flooding and spontaneous imbibition in 
carbonate systems that are successful ([a], [b], and [c]) or unsuccessful ([d]). Figure is 
adapted from the work of Jackson et al.35 Data come from various publications.7,34,41  
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1.2. Technical Background: Impacts of Wettability 

1.2.1. Capillary Pressure 

    When the interface between two immiscible fluids is curved, the capillary pressure (Pc) 

exists as the pressure difference across the interface. Young-Laplace equation shown as Equation 

(1-1) relates the pressure difference to the interfacial tension and curvature of the interface.  

𝑃𝑐 = 𝛾 L
1
𝑟1
+
1
𝑟2
Q = 2𝛾𝐻 Equation (1-1) 

𝛾  is the interfacial tension. 𝑟S  and 𝑟T  are two radii of curvature in two directions 

perpendicular to each other. H is the mean curvature calculated from 𝑟S  and 𝑟T . The capillary 

pressure is conventionally defined as 𝑃1 = 𝑃,3E − 𝑃-HFD+ in an oil/water system and is generally 

Pnon-wet – Pwet in other fluid systems3. A capillary tube filled with water at the bottom and oil on the 

top (Figure 1-2) can help visualize the relationship between capillary pressure and surface 

wettability. If the capillary tube is water-wet, the water in the tube rises and the hydrostatic pressure 

of the water column is equal to the pressure difference between water and oil across the oil/water 

interface. The oil has a higher pressure than the water near the interface and the capillary pressure 

is positive (Pc > 0) for the water-wet capillary tube.   
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Figure 1-2 A water-wet capillary tube with a curved oil/water interface3 

Young-Laplace equation can be used to determine capillary pressure in scenarios of simple 

geometry such as capillary tubes. However, it cannot be directly applied to calculate capillary 

pressure in a porous media due to the complicated pore structure. Therefore, Pc is usually measured 

as the pressure difference between oil and water phase by experiments and it is correlated as a 

function of water saturation (Sw) or oil saturation (So) in reservoir core measurements.  

The shape of capillary pressure curves is greatly affected by wettability of the core. 

Examples of capillary pressure curve for a hypothetical water-wet core and a hypothetical oil-wet 

core are shown in  Figure 1-3. Both capillary pressure curves reflect four sequential stages of fluid 

displacement: primary drainage, spontaneous imbibition, forced imbibition and finally secondary 

drainage. “Drainage” and “imbibition” both refer to the movement of water as it is the convention 

for petroleum engineering. In the primary water drainage step, the core (Sw=100%) is immersed 

in an oil environment and the capillary pressure is positive because external force is applied to the 
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oil phase to displace the water in the core. Irreducible water saturation (Swir) is achieved at the end 

of the drainage step as those remaining water cannot be displaced by oil. In the spontaneous 

imbibition step, the core is then immersed in the water so that the capillary pressure is slightly 

negative due to buoyance. Then, external force is applied to displace the oil with water and the 

capillary pressure is strongly negative. The oil saturation after the forced imbibition step is called 

residual oil saturation (Sor) as those oil cannot be displaced by water. Finally, another round of 

water drainage is performed and Swir is achieved again. 

 

Figure 1-3 Capillary pressure curves as a function of water saturation for idealized 
water-wet and oil-wet systems42 
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Significant differences can be found when comparing the water-wet and oil-wet capillary 

pressure curves: (1) For the oil-wet core, majority of the movable water drains at small Pc, but the 

water drainage requires large Pc in the water-wet core; (2) For the oil-wet core, large negative Pc 

is needed to imbibe water and achieve Sor, but only small Pc is needed for the water-wet core; (3) 

The water-wet core has a lower Swir than the oil-wet core, and the oil-wet core has a lower Sor than 

the water-wet core. The first two observations clearly reflect the tendency of the core to wet one 

fluid over the other depending on its wettability. The third observation demonstrates how the 

wettability change the fluid distribution in the core: the wetting phase forms a continuous film near 

the rock surface so the wetting phase can continuously drain until very low saturation is reached. 

The dependence of capillary pressure curves on wettability is utilized to quantify wettability in the 

USBM method, which will be introduced in the Section 1.3.3. 

 

1.2.2. Residual Oil Saturation 

Residual oil saturation is the saturation of the immobile oil after injecting the displacing 

fluid for an infinite number of pore volumes (PV). As is briefly mentioned in the previous section, 

wettability affects the residual oil saturation by determining the fluid distribution in pore spaces. 

However, the capillary pressure curves shown in Figure 1-3 only represent a hypothetical system. 

The effect of wettability on residual oil saturation is not always monotonic. Jadhunandan and 

Morrow15 performed more than 50 water flooding experiments in different crude oil/brine/mineral 

systems and investigated the correlation between residual oil saturation and Amott-Harvey 

wettability index (IW-O or IA-H), an index evaluating the average wettability of a core. A positive 

IW-O indicates water-wetness and a negative IW-O indicates oil-wetness. Figure 1-4 shows the oil 
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recovery and residual oil saturation at breakthrough, after 3PV injection and after 20PV injection 

as a function of wettability. The oil recovery reaches the optimum when Iw-o ≈ 0.2, implying that 

slightly water-wet condition is the optimal condition for highest oil recovery and lowest residual 

oil saturation. This is because: (1) If the core is water-wet, capillary imbibition is promoted, 

making it easier to recover the oil in the low permeability small pores compared to the oil-wet 

condition; (2) however, if the core is too water-wet, the remaining oil becomes disconnected and 

loses mobility, as is described in the previous section.  

 

Figure 1-4 Oil recovery and residual oil saturation at different pore volumes of 
injection as a function of wettability15 
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1.2.3. Relative Permeability 

Relative permeability (kri) is defined as the ratio of the effective permeability of a particular 

phase to the absolute permeability. kri characterizes the additional flow resistance to a fluid due to 

the presence of other fluids. It is derived for the adaptation of Darcy’s law for multiphase flows 

(Equation (1-2)). 𝑢X⃗ 3  is superficial velocity, 𝜇3  is viscosity, 𝒌 is absolute permeability, (∇p3 −

𝜌3𝑔∇D) is the gradient of flow potential and 𝑘𝑟𝑖 is the relative permeability of a particular phase i.  

𝑢X⃗ 3 = −𝑘𝑟𝑖
𝒌
𝜇𝑖
b∇p𝑖 − 𝜌𝑖𝑔∇Dc Equation (1-2) 

             Relative permeability is a function of saturation. The relative permeability – saturation 

curves have different characteristics for water-wet and oil-wet cores, due to the different fluid 

distributions in pores. The non-wetting fluid mostly stays in the center of larger pores and the 

wetting fluid tends to contact the rock surface and occupy the smaller pores, where the fluid 

encounter higher resistance to flow. Therefore, a fluid has higher relative permeability as a non-

wetting phase compared to the same fluid as a wetting phase at the same saturation. An example 

is shown in Figure 1-5. At the same water saturation, krw is lower in a water-wet core compared 

to that in an oil-wet core because of the lower flow resistance in larger pores.  
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Figure 1-5 Relative permeability curves for water-wet and oil-wet conditions4 

 

1.3. Quantitative Determination of Wettability 

1.3.1. Contact Angle 

Contact angle 𝜃 is a result of balanced surface forces among two immiscible fluids and a 

solid substrate (Figure 1-6). 𝛾,G and 𝛾,- denote the solid surface energy in the oil and water phase 

respectively, and 𝛾,- denotes the oil/water interfacial tension, which is essentially the oil/water 

interfacial energy. The three-phase contact angle 𝜃  is always referred to the angle measuring 

through the denser fluid phase. In the scenario of an oil reservoir, contact angle is always measured 

from the water side as it is shown in the figure, but not its supplementary angle. 𝜃  directly 

quantifies the tendency of a fluid to wet the substrate in the presence of another fluid: (1) 105° <

𝜃 < 180° indicates oil-wet; (2)  0° < 𝜃 < 75° indicates water-wet; (3) 75° < 𝜃 < 105° indicates 
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intermediate-wet. The upper boundary for water-wet and lower boundary for oil-wet can vary 

slightly in the literature.   

 

Figure 1-6 The schematic of force balance at the oil/water/solid three phase contact line 

Normally, the equilibrium contact angle is measured by placing an oil drop beneath the 

rock substrate in the aqueous environment (as in Figure 1-6) and waiting for the system to reach 

equilibrium state. During this process, the oil drop first touches the rock substrate and then further 

expand its contact area with the substrate. As a result, water keeps receding as the oil drop is made 

and the three-phase contact line on the substrate is pre-wetted by the aqueous phase. Therefore, 

such contact angle is referred to as (water) receding contact angle (RCA or 𝜃9). However, there 

are usually more than one unique contact angles existed at equilibrium in a realistic system like 

reservoir rock/crude oil/brine system. If the angle is measured by allowing an existing oil drop to 

shift, thus making one side of the contact line reside on the oil-prewetted surface, the angle is 

called (water) advancing contact angle (ACA or 𝜃8). One way to measure ACA (and RCA at the 

same time) is shown in Figure 1-7 where the substrate is tilted to a certain angle so that the drop 

moves and the water advances on one side of the contact line. RCA usually can be measured at the 

same time on the other side of the contact line. The ACA and RCA should be measured after the 

drop becomes static and allow the contact angles to reach equilibrium. If the ACA and RCA are 
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measured when the drop is still moving, the dynamic contact angles would be a function of the 

moving rate of the drop. The difference between ACA and RCA is defined as contact angle 

hysteresis. ACA is always higher than RCA whenever hysteresis exists.  

 

Figure 1-7 The schematic of measuring advancing and receding contact angle by the tilting 
plate method 

Contact angle hysteresis generally exists for a realistic system of reservoir rock/crude 

oil/brines. Surface heterogeneity, surface roughness and surface immobility are the major reasons 

for contact angle hysteresis43,44. Surface heterogeneity of reservoir mineral is usually due to the 

adsorption of surface-active components from the crude oil. For example, adsorption of naphthenic 

acid and asphaltene from crude oils on carbonate surface can result in large contact angle hysteresis. 

The impact of surface roughness on contact angle hysteresis was systematically studied by 

Morrow45 by capillary rise experiments using smooth and deliberately roughen PTFE tubes. The 

contact angle hysteresis due to surface roughness is found to be most dramatic when the surface is 

intermediate-wet. Surface immobility, which can occur as a result of asphaltene rigid film 

formation46,47, can also cause hysteresis via preventing the movement of the interface.  
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ACA is a better characterization of the reservoir surface wettability during water injection 

process compared to RCA because water injection is a water advancing process. ACA is also 

shown to be in good agreement with other wettability indicators such as relative permeability and 

capillary pressure for water invasion processes48,49. However, recent literature works on contact 

angle measurement for “smart water” systems usually measure RCA instead of ACA because 

measurement of ACA is usually more challenging and harder to reproduce. Even just for 

measuring RCA, reproducibility of contact angles for carbonate rock/crude oil/brines system is a 

significant issue. Several factors are responsible for the poor reproducibility of contact angle 

measurements: (1) there is almost no consensus on how the rock substrate surface should be 

restored to accurately represent the surface chemistry of a reservoir rock or how the oil aging 

procedure should be; (2) usually only very few (or even just one) drops of oil are measured on a 

given substrate and the large error bar of contact angles due to the surface heterogeneity is not 

considered. Due to the reproducibility issue associated with the contact angle measurement, 

contact angle measurement will not be used as the major approach to characterize wettability in 

this work. 

1.3.2. Amott-Harvey Wettability Index  

The Amott-Harvey wettability index (IA-H) is an index initially proposed by Amott50 to 

quantify average wettability in the core scale. The procedure of measurement was modified by 

Harvey and other researchers and became a standardized approach to characterize wetting behavior 

of reservoir cores51.  

The IA-H measurement starts with a core sample at its irreducible water saturation (Swir) and 

characterize wettability by the core’s tendency to imbibe water in the aqueous environment as well 
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as its tendency to drain water in the oil environment. The measurement is comprised of four 

sequential steps: (1) spontaneous imbibition of the brine starting at irreducible water saturation, 

during which the volume of spontaneously displaced oil Vosp is recorded; (2) forced imbibition of 

the brine, during which the volume of displaced oil Vof is recorded; (3) spontaneous drainage of 

the brine in the oil, during which the volume of spontaneously displaced brine Vwsp is recorded; 

(4) forced drainage of brine in the oil, during which the volume of displaced brine Vwf is recorded. 

The IA-H is calculated using Equation (1-3). The first portion of IA-H evaluates how easily the core 

imbibes the brine (water-wetness) and the second portion evaluates how easily the core drains the 

brine in the oil (oil-wetness). 0 < IA-H < 1 indicates preferentially water-wet, while -1 < IA-H < 0 

indicates preferentially oil-wet.  

𝑰𝑨l𝑯 =
𝑽𝒐𝒔𝒑

𝑽𝒐𝒔𝒑 + 𝑽𝒐𝒇
−

𝑽𝒘𝒔𝒑
𝑽𝒘𝒔𝒑 + 𝑽𝒘𝒇

 

 

Equation (1-3) 

The forced imbibition and forced drainage steps can be achieved by loading the core in a 

core holder and flooding the core in high flowrate. Another alternative way is to use high-speed 

centrifuge apparatus to force-displace the fluid in the core. The pressure drop across the core 

sample should be high enough to eliminate the capillary end effect no matter which approach is 

used. IA-H measurement will be used as the primary approach to characterize core sample 

wettability in this work because it properly reflects the average wetting behavior in the core scale 

and has good reproducibility. Note that the wettability of the core should remain stable during the 

whole process of imbibition and drainage. This means that the invasion of the tested oil or tested 

brine should not alter the wettability at the testing condition (usually at ambient condition).  
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1.3.3. USBM Wettability Index 

The USBM method quantifies the average core wettability based on the correlation 

between wettability and area under capillary pressure – saturation curves.52 Capillary pressure (Pc) 

is defined as the pressure difference between the non-wetting phase and the wetting phase. 

Conventionally, 𝑃1 = 𝑃,3E − 𝑃-HFD+ in a core saturated with oil and water. To obtain the capillary 

pressure curves, a core initially saturated with oil is immersed in brine and centrifuged to encounter 

a certain capillary pressure (the “brine drive”). The capillary pressure can be calculated based on 

the centrifuge speed and properties of the two fluids53. The volume of expelled oil is recorded for 

calculating water saturation at given capillary pressure. Speed of centrifuge is increased gradually 

until residual oil saturation (Sor) is reached. Then, the core is placed in oil and centrifuged (the “oil 

drive”) to irreducible water saturation. The area under capillary pressure curve represents the 

required work for the driving fluid to displace the other fluid. Based on the assumption that less 

work is required to displace the non-wetting fluid by the wetting fluid compared to the reverse 

case, the USBM wettability index is defined in Equation (1-4). 

𝑊 = 𝑙𝑜𝑔 8w
8x

                              Equation (1-4) 

Ao is the area under the oil drive capillary pressure curve and Aw is the area under the water 

drive capillary pressure curve, as is shown in Figure 1-8. W>0 indicates water-wetness and W<0 

indicates oil-wetness of the core. The USBM method has better sensitivity for intermediate-wet 

conditions in comparison with the Amott method.44,52 
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Figure 1-8 Capillary pressure curves for the calculation of USBM wettability index44 

 

1.3.4.  Mixed Wettability 

Wettability indicators such as Amott-Harvey index and USBM index evaluate the average 

wettability in the core level. However, the local wettability in the pore level can vary dramatically 

inside a core. If some of the pore spaces are wetted by water while the others are wetted by oil, the 

condition is referred to as “mixed-wet”. Mixed wettability should not be confused with average 

water wetness or oil wetness in the core level. Carbonate reservoirs are oftentimes mixed-wet. 

However, a mixed-wet core is still considered “preferentially oil-wet” if the Amott-Harvey 

wettability index is negative. 

For a conventional oil reservoir, the reservoir rock is initially filled with formation brine 

before the oil invasion and the oil never enters the smallest pores due to limited capillary pressure. 
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Those larger pores are primarily filled with invaded oil and become oil-wet in geological timespan. 

However, those smaller pores are only filled with formation brine and remain water-wet. In this 

mixed-wet condition, oil exists as a continuous film wetting the mineral surface in the larger pores 

while water fills the smaller pores. Therefore, a very low residual oil saturation can be achieved 

during waterflooding in a mixed-wet core because the oil can continuously drain as a film. A well-

known example shown in Figure 1-9 was reported by Salathiel54. The remaining oil saturation 

reduced to less than 10% after more than 3000PV water injection.  

 

Figure 1-9 Remaining oil saturation as a function of pore volume water injection for 
waterflooding in a mixed-wet core54 

Therefore, to mimic the wettability of an oil-wet carbonate reservoir, one should first 

saturate the core with formation brine before saturating it with the oil. This procedure is followed 

in the preparation for all the core testing in this work.  
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1.4. Surface Forces Governing Wettability 

1.4.1. Thermodynamics of Wettability 

Wettability can be described from thermodynamics based on contact angle, which is the 

result of intermolecular forces balancing among three phases. When an oil drop is only a few layers 

of water molecules away from the mineral surface, the interaction between oil/water and 

mineral/water interfaces is a function of separation distance. Disjoining pressure is the 

thermodynamic quantity that describes the energy change. The disjoining pressure is defined in 

Equation (1-5) as “the change in Gibbs free energy (per unit area) with distance at constant cross-

sectional area, temperature, and volume” 55.  

Π = −
1
𝐴 ∙ L

𝜕𝐺
𝜕𝑥Q8,�,�

 Equation (1-5) 

The concept of disjoining pressure is helpful when examining the stability of a liquid film 

between two other different phases. The equilibrium contact angle 𝜃 can be expressed as a function 

of water film thickness ℎ (between oil and mineral surface) based on the integration of an Young-

Laplace equation incorporating the disjoining pressure56, shown as Equation (1-6). The 

intermolecular forces between the two interfaces (oil/water and mineral/water) determine the 

surface wettability (𝜃) via the disjoining pressure isotherm (Π(ℎ)). 

cos 𝜃(ℎ) = 1 +
∫ Π(𝜉)𝑑𝜉 + ℎΠ(ℎ)�
�

𝛾  Equation (1-6) 

The disjoining pressure includes three major components: van der waals interactions, 

electrostatic interactions and structural interactions (Equation (1-7)) The combination of the first 

two forces are referred to as Derjaguin-Landau-Verwey-Overbeek (DLVO) forces, which are the 
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dominating forces at large separation between interfaces. However, non-DLVO interactions 

become significant when the interfaces are only a few layers of molecules apart. The calculation 

of components of disjoining pressure will be reviewed in the next section. Several efforts have 

been made to predict the wettability of model calcite/oil/brine systems based on disjoining pressure 

calculation56–58. However, such effort has not been very successful for a realistic natural rock/crude 

oil/brine system.  

Π(ℎ) = 	ΠBC-(ℎ) + ΠDED1F+,GFHF31(ℎ) + ΠGF+I1FI+HE(ℎ) Equation (1-7) 

1.4.2. Van der waals Interactions 

Van der waals interactions including London, Keesom and Debye contributions widely 

exist between molecules. The Keesom force, arising from interaction between permanent dipoles, 

and the Debye force, arising from interaction between a permanent dipole and an induced dipole, 

exist between polar molecules. The London dispersion force is the interaction between induced 

dipoles and is present between all matters. 

When the oil drop and the mineral surface are in close enough vicinity, the oil and the 

mineral can both be approximated as flat surfaces. For interactions between two flat surfaces, the 

van der waals force is expressed as43:  

ΠBC-(ℎ) = 	−
𝐴�
6𝜋ℎ� Equation (1-8) 

where the AH is the Hamaker constant of the system. When the Hamaker constant AH is 

positive, the van der waals component of disjoining pressure is negative, meaning that the van der 

waals interactions are attractive.  
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A traditional method of calculating the Hamaker constant is based on Hamaker theory, 

which assumes the van der waals interactions between molecules are pair-wise additive. The 

Hamaker constant A132 for calculating interaction between material 1 and 2 with the presence of a 

thin film of material 3 is43,56:  

𝐴	S�T = b𝐴SS
S/T − 𝐴��

S/Tcb𝐴TT
S/T − 𝐴��

S/Tc Equation (1-9) 

where the Aii is the Hamaker constant for calculating van der waals interaction between 

the same kind of molecule i.  

Considering the effect of retardation arising from the electromagnetic nature of the 

interaction, a modified expression for the van der waals force is proposed by Gregory58,59: 

ΠBC-(ℎ) = 	−
𝐴� �15.96

ℎ
𝜆 + 2�

12𝜋ℎ� �5.32 ℎ𝜆 + 1�
T 

Equation (1-10) 

where the 𝜆 is the characteristic wavelength, which is generally assumed to be 100nm57,59.  

Another method to obtain the Hamaker constant is Liftshitz theory, which is based on 

quantum field theory. To calculate the Hamaker constant A132, the refractive index and dielectric 

permittivity of all three materials are required43,56. Since the traditional Hamaker theory can 

provide satisfactory approximation in many of the practical applications, no more detail about the 

Liftshitz theory will be introduced.  

1.4.3. Electrostatic Interactions 

Electrostatic interactions play a significant role in determining carbonate surface 

wettability. The major opinion believes that strong charge attraction between oil/brine interface 
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and rock/brine interface is the primary reason why carbonate formations are preferentially oil-

wet22,23. Altering the positive charge on carbonate surface to negative charge is also believed to 

relate to the wettability alteration induced by “smart water” injection22,23,35,60.  

To calculate the interaction between two charged surfaces separating by an ionic media 

(like brines) when they are approaching each other, a solution of the Poisson-Boltzmann (PB) 

equation is required. Due to the difficulties of obtaining analytical solutions to the PB equation, 

especially for two surfaces with unequal charges, assumptions are usually made to calculate the 

electrostatic force profile.  

One of the assumptions is that the two surfaces have constant surface potential as they 

approach each other. A simple approximation based on linear Poisson-Boltzmann approach can 

provide acceptable calculation result of electrostatic forces61. Equation (1-11) is the 

approximation for interaction between two flat charged plates in the solution of a symmetrical 

electrolyte (z-z), assuming low constant surface potential (<25 mV)61. 

ΠDED1F+,GFHF31(ℎ) = 	𝑛/𝑘*𝑇 �
2𝜓+S𝜓+T cosh 𝜅ℎ − 𝜓+ST − 𝜓+TT

𝑠𝑖𝑛ℎT𝜅ℎ � 
Equation (1-11) 

Subscript 1 and 2 refer to the two interfaces. 𝜓+3 =
�D��
�� 

 is the reduced potential, 𝜓3 is the 

surface potential of interface i. 𝑛/ is the number density of cation or anion. 𝑘* is the Boltzmann 

constant. e is the charge of one electron. 𝜅  is the reciprocal of Debye length (𝜅lS ), which 

characterizes the compactness of electrical double layer. 

𝜅lS = 	¡
𝜀;𝜀+𝑘*𝑇
2𝑁8𝑒T𝐼

 (Equation 1-12) 



 23 

I is the ionic strength of the solution, 𝜀;  is the vacuum permittivity, 𝜀+  is the relative 

permittivity of the media (water for most cases). NA is Avogadro’s number. T is temperature. 

Another assumption is the constant surface charge assumption, which results in a much 

more complicated expression for ΠDED1F+,GFHF31(ℎ) than the case of constant potential. Gregory 

provided a relatively simple approximation for the case of constant surface charge in 1:1 electrolyte 

solutions61.  

However, it should be noted that neither the surface potential or the surface charge is 

constant in reality when two charged surfaces approach each other. Particularly, calculations based 

on constant potential and constant charge assumptions are dramatically different if the two plates 

have unequal charge61. Therefore, Gregory recommends the linear superposition approximation 

(LSA) for calculating the electrostatic interactions between unequal double layers because LSA 

provides intermediate prediction between constant potential and constant charge. The expression 

of LSA is shown in Equation (1-13) and will be used to characterize electrostatic interactions in 

this work.  

ΠDED1F+,GFHF31(ℎ) = 	64𝑛/𝑘*𝑇 tanh L
𝜓+S
4 Q tanh L

𝜓+T
4 Q exp(−𝜅ℎ) Equation (1-13) 

1.4.4. Non-DLVO Interactions 

When the separation between two interfaces is only a few layers of molecules, non-DLVO 

forces become significant, outweighing the DLVO forces. The non-DLVO forces are short-range 

forces including solvation force and steric force.  
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Solvation force, also known as hydration force or structural force, can arise from the 

interaction between solvent molecules and the surface or the interaction between solvent molecules 

in the highly restricted space between two surfaces. The solvation force can either be oscillatory 

or monotonic. Hydrophobic and hydrophilic interactions are also included in the solvation effect43.  

When two surfaces with adsorption of chain molecules (such as polymer, surfactant or 

asphaltene) approach each other, the entropy of the system reduces as a result of the chain 

molecules being confined. Such entropy effect resulting from the overlapping of large molecules 

will cause steric repulsion between two surfaces, which is another kind of non-DLVO forces43. 

The calculation of non-DLVO forces is challenging in real systems because the origin of 

such interactions is complicated and not well understood yet. Hirasaki62 proposed to use Equation 

(1-14) to calculate solvation (structural) interaction. AP is the magnitude of decaying structural 

interaction and is assume to be a constant of 1.5 × 10S; Pa. hp is the characteristic decay length 

and is assumed to be 0.05nm56. 

ΠGF+I1FI+HE(ℎ) = 	𝐴𝑒𝑥𝑝 L−
ℎ
ℎ
Q 

Equation (1-14) 

The oscillatory solvation force is neglected in Equation (1-14). Moreover, setting the 

model parameters AP and hP as constants regardless of the surface or media is also a strong 

assumption. Kilpatrick, et al. 63 proposed to include an oscillatory term to describe the solvation 

force:  

ΠGF+I1FI+HE(ℎ) = 	𝐴𝑒𝑥𝑝 L−
ℎ
ℎ
Q + 𝐴G cos L

2𝜋(ℎ + 𝜑)
𝜎°

Q 𝑒l
�
�± + 𝜉 

Equation (1-15) 
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As and hs are the magnitude and characteristic decay length of the oscillatory interaction 

energies. 𝜎° is the wavelength of the oscillatory behavior. 𝜑 is the phase shift. 𝜉 is an offset value 

of structural interaction at infinite separation.  

Guo and Kovscek64 performed a thorough study on the structural interaction in the 

calcite/brines system using atomic force microscope (AFM). They measured the force profiles 

using fresh calcite plate and a gold-coated silica AFM tip in various brines including single-

electrolyte solutions and modified formation brines. The oscillatory structural force is insignificant 

in the calcite/brines system based on their AFM measurements. The characteristic decay length for 

the monotonic portion, ℎ , is found to vary from 0.31~0.51nm in NaCl solution of different 

concentrations (500mM~1mM). ℎ ranges from 0.1nm in 150mM Na2SO4 solution to 1.1 nm in 

formation brine (I=1.85M) in their comprehensive measurements. 

 

1.5. Overview of “Smart water” Studies in Carbonate Systems 

1.5.1. Characterizing Electrostatic Interaction  

Electrostatic interaction plays a crucial role in determining the surface wettability of 

carbonates. Jackson et al. 35 experimentally demonstrated a strong correlation between carbonate 

wettability and rock/oil charge interaction in a limestone/crude oil/brines system. Therefore, 

characterizing and modeling the surface charge of the carbonate rock surface in different brines 

has been a focus of research on “smart water”. Oil/brine interface has also been studied by similar 

approaches65,66. However, greater interests are on the rock/brine interface because its surface 



 26 

charge can easily change sign in different brines while oils almost always have negative charge in 

brines.   

It is generally thought that multivalent ions are the potential determining ions (PDIs) that 

govern the surface charge of calcite, the major component of carbonates7,10,23,67. Divalent ions Ca2+ 

and CO32- are found in equilibrium with calcite, and Mg2+ and SO42- naturally exist in seawater, 

which is extensively used as injection fluid. Therefore, the four divalent ions are the most studied 

ions for characterizing the electrostatic interaction in “smart water” wettability alteration. Yet, the 

exact mechanism of how these four PDIs affect the wettability of calcite remains 

controversial.7,23,30,36,68–70 Investigating how Ca2+, CO32-, Mg2+ and SO42- influence the charge of 

calcite is needed for understanding wettability alteration induced by “smart water”.  

Due to the rapid dissolution and precipitation of calcite in brine, it is impractical to measure 

the surface charge by direct titration methods. Therefore, zeta potential measurements are the most 

commonly used method to quantify the electrostatic properties of calcite surface in brines. 

Somasundaran and Agar71 first reported the zero point of charge (ZPC) of calcite by measuring 

streaming potential as a function of pH in 1967. Then Thompson and Pownall72 compared two 

different approaches of changing solution pH, by adding strong acid/base or adding 

H2CO3/Ca(OH)2, and concluded that the calcite potential determining ions are Ca2+ and CO32- but 

not H+ and OH-. Recently, there is an increasing interest in carbonate zeta potential measurement 

for wettability alteration study. For example, Strand et al.7 and Zhang et al.23 measured the zeta 

potential of outcrop chalk in synthetic seawater to demonstrate their proposed mechanism of 

wettability alteration by surface ion exchange. Mahani et al.39 measured zeta potential of limestone 

in seawater and formation water in a wide range of pH to help study the wettability alteration by 

low salinity flooding. Alroudhan et al.73 measured the zeta potential of natural limestone in 
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seawater and brines that varied in composition. Kasha et al.67 measured zeta potential of limestone 

and Iceland spar aged in stearic acid in solutions with Ca2+, Mg2+ and SO42-, trying to study the 

effect of stearic acid adsorption on zeta potential. Alotaibi et al. 74 measured limestone and 

dolomite zeta potential in aquifer water and seawater and investigated the effect of temperature 

and divalent ions Mg2+, Ca2+, and SO42-. The mineral surfaces showed negative zeta potential in a 

wide range of brine compositions at neutral pH (pH=7). Then Alotaibi and Yousef60 measured zeta 

potential of natural carbonate disk in different electrolyte solutions along with zeta potential of 

crude oil in these solutions to demonstrate the brine composition effects on oil/rock interaction. 

Alshakhs and Kovscek58 took zeta potential measurement of pure calcite powder in diluted 

synthetic seawater (SW) and modified diluted SW with extra Mg2+ and SO42- at various pH 

condition. The measured zeta potential was used to calculate the electrostatic component of 

disjoining pressure isotherm for demonstrating the effects of Mg2+ and SO42- on rock wettability.  

Though there have been numerous studies regarding the role of calcite surface charge, there 

remains significant controversies and inconsistencies in reported zeta potential measurements for 

the purpose of understanding rock wettability73,75. There are several reasons that can lead to this 

discrepancy in zeta potential reported in literature. First, the natural rocks tested in experiments 

are highly heterogeneous. Vdovic´ et al.76,77 showed that natural calcite, which contains trace 

amount of organic matters, has a completely different surface charge compared to synthetic calcite. 

The surface charge of natural calcites, such as limestone, chalk, and carbonates, highly depends 

on the mineral history and source, so the results cannot be easily utilized for modeling or 

comparison to similar minerals.  Second, CO2 partial pressure is not strictly controlled in most of 

these studies. CO2 partial pressure can show dramatic impact on the surface potential of calcite by 

changing carbonate ion concentration in the brine.78 The lack of control in CO2 partial pressure 
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contributes to the poor data reproducibility. Moreover, investigating the effect of CO2 partial 

pressure is essential for analyzing reservoirs with high CO2 content. For example, the CO2 partial 

pressure may be higher than 3000psi in the case of miscible CO2 flooding.79  

Surface complexation model (SCM) is widely used in order to gain further insights on how 

ions affect the surface charge of calcite and even predict the surface charge in unmeasurable 

conditions. SCM can also be incorporated into reservoir simulations of “smart water” flooding to 

reflect the wettability alteration80,81. Van Cappellen et al.82  developed a SCM using the calcite 

point of zero charge (PZC) to determine model parameters. Pokrovsky et al.83  modified the model 

with the same surface reactions based on their FTIR data. Brady et al.84 followed the same SCM 

and used equilibrium constants of solution analogues to define surface reactions associating with 

Mg2+ and SO42- , however they lacked zeta potential measurements to confirm the accuracy of the 

equilibrium constants. Mahani et al.85 proposed a SCM to fit their zeta potential measurements of 

natural calcite (Iceland spar, limestone and chalk) in mixed brines with multiple PDIs. Yet the 

model was not satisfactory in terms of matching the measured data or catching the trend of the 

curve. The discrepancy is partially because no impurity reaction was included in the model to 

account for the differences between natural calcite and synthetic calcite surfaces. Both inorganic 

impurities (minerals other than calcite) as well as organic impurities, such as humic acid from 

mineral deposits and naphthenic acid from the crude oil, can be the origin of zeta potential 

difference86,87.  Heberling et al. 78 proposed a Stern-model SCM with surface reactions based on 

electrostatic attraction between charged surface sites and ions in the aqueous phase. In Heberling’s 

work, a series of zeta potential were measured by adjusting pH of solutions and equilibrating the 

samples with three different CO2 partial pressure. Intrinsic reaction equilibrium constants are 

determined by fitting with zeta potential measurement. However only NaCl was used as brine in 



 29 

all experiments; therefore, Ca2+ and CO32- were present only as a result of calcite dissolution. The 

role of divalent ions such as Mg2+ and SO42-, which have been proven to be crucial for wettability 

alteration by “smart water” 7,23,69 has not been investigated.  

In summary, a good calcite SCM for investigating the electrostatic interaction in “smart 

water” wettability alteration process should be: (1) based on comprehensive experimental 

measurements of zeta potential; (2) able to quantify the individual contribution of important PDIs 

(Ca2+, CO32-, Mg2+ and SO42-) as well as CO2 partial pressure on calcite surface charge ; (3) able 

to distinguish pure calcite and natural carbonates by taking into account the surface impurities. 

The lack of such SCM in the current literature is a major motivation for the chapter 3 and chapter 

4 of this work.  

 

1.5.2. Probing Mechanisms of Wettability Alteration  

Plenty of work in the core-scale experiments have been done to decipher the underlying 

mechanism of “smart water”-induced wettability alteration. Strand et al.22 and Zhang et al.23 from 

Tor Austad’s research group performed spontaneous imbibition tests with chalk and crude oil at 

several temperatures up to 130oC and observed up to 40% additional oil recovery after introducing 

Ca2+, Mg2+ and SO42- into the modified seawater. With the assistance of zeta potential 

measurement and effluent ionic composition analysis, they proposed a multicomponent ion 

exchange mechanism based on electrostatic interactions to explain the roles of Ca2+, Mg2+ and 

SO42- (Figure 1-10). They believe that SO42- adsorption can lower the positive charge of carbonate 

surface, allowing the cation Ca2+ to be adsorbed and form a positively charged surface complex 

with the adsorbed carboxylate acid. The electrostatic repulsion between carbonate surface and 
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(RCOO-Ca) + surface complex, both carrying positive charge, is considered the reason of 

carboxylate group removal from the rock surface, which causes wettability alteration. Mg2+ was 

believed to substitute Ca2+ in the lattice and take away the adsorbed organic acids with the released 

Ca2+.  

 

Figure 1-10 A schematic illustration of the multicomponent ion exchange mechanism23  

Several subsequent works have been reported from the same research group. Fathi et al.88 

performed similar spontaneous imbibition tests using treated crude oil depleted in water-soluble 

acids and treated crude oil with only water-soluble acids where they concluded that the water-

soluble acids in the crude oil have dramatic impact on both the initial wetting state of the rock as 

well as the effectiveness of  low salinity water. In another study, Fathi et al.24 demonstrated the 

ability of lowering salinity (depleting NaCl in seawater) to alter wettability and improve oil 

recovery in spontaneous imbibition. Austad et al.89,90 emphasized the possible effect of anhydrite 

presence in the core in determining the effectiveness of low salinity water by core flooding 

experiments. They observed additional oil recovery in cores with initial anhydrite presence by 

switching formation brine flooding to diluted seawater flooding while insignificant oil recovery 

was observed in clean cores without anhydrite presence. Shariatpanahi et al.91 examined the ability 
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of seawater-based “smart water” to alter wettability in dolomite cores and found that the seawater 

was unable to significantly increase oil recovery while the 10-times-diluted seawater was a 

successful smart EOR fluid in the dolomite system.  

However, observations are inconsistent among literature works on the effectiveness of 

divalent ions, contradicting with the multicomponent ion exchange hypothesis. Mohanty and 

Chandrasekhar92 studied the effect of modified seawater by core flooding and demonstrated that 

both Mg2+ and SO42- have to be present for the modified seawater to improve oil recovery. Gupta 

et al. 30 reported core flooding experiments in which removing SO42- from seawater resulted in a 

higher oil recovery compared to concentrating SO42- in seawater. Moreover, they found that 

softened formation water (Ca2+ and Mg2+ removed) can also achieve significant amount of 

incremental oil recovery. Sakuma et al.93 and Andersson et al.94 applied density function theory 

(DFT) to study the mechanism of Mg2+ and SO42- induced wettability alteration. They found that 

Mg2+ substitution for Ca2+ makes calcite more water-wet by strengthening water adsorption but 

substitution is only energetically favorable when SO42- also exists.  

Electrical double layer expansion is another hypothesized mechanism to explain the effect 

of “smart water”. The main idea is that lowering the ionic strength of the brine causes electrical 

double layer expansion and changes the sign of charge of carbonate surface. Therefore, the surface 

attached oil is repelled from the carbonate surface due to electrostatic repulsion (Figure 1-11). 

Jackson et al.35 observed a correlation between Amott wettability index of cores and normalized 

oil/brine electrostatic repulsion when testing four different crude oils. Mahani et al. 39 proved the 

electrostatic repulsion is the primary cause of wettability alteration by conducting contact angle 

and zeta potential measurements. Contact angle change was consistent with the changes of 
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calcite/brine and oil/brine zeta potential. Yutkin et al. 95 examined possible mechanisms by model 

calculation and concluded that surface charge behavior is the key factor in the alteration process. 

 

Figure 1-11 A schematic illustration of electrical double layer expansion as a mechansim 
for wettability alteration 

Fluid-fluid interaction is also proposed as a possible mechanism for “smart water”-induced 

wettability alteration. Sohrabi et al. conducted a series of studies to investigate the critical 

condition of the crude oils required for low-salinity water to be effective27,37,96–99. They claimed 

that the incremental oil recovery in low-salinity water for a specific crude oil is related to the 

capability of the oil to form water-in-oil “microdispersion” with low-salinity water (Figure 1-12). 

They hypothesized that the formation of water-in-oil microdispersion is a result of the detachment 

of adsorbed indigenous oil surfactants. Those surface-active components in oil initially adsorb 

onto the rock surface but they will desorb and migrate to the fresh oil/brine interface of 

“microdispersions” in low-salinity brines, triggering wettability alteration. Two crude oils, one 

that formed microdispersion and one that did not in low-salinity water, were tested with carbonate 

cores via core flooding. Additional oil recovery was observed in the test with the oil forming 

microdispersion, while no additional oil recovery was observed in the other case, confirming the 

microdispersion hypothesis. However, the number of oil samples was limited and insufficient to 
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demonstrate a definitive correlation between microdispersion and additional oil recovery. 

Moreover, the tested crude oils were not fully characterized, and possible correlations with other 

oil properties were not explored in this research. Finally, the reason microdispersion only formed 

in some specific oils but not in others was not clearly explained. 

 

Figure 1-12 A schematic illustration of "microdispersion" formation as a mechanism for 
wettability alteration. (Adapted from Sohrabi et al.37) 

 

1.6. Thesis Scope and Structure 

This dissertation aims to fill some of the existing gaps in the research of “smart water”-

induced wettability alteration. As is reviewed in the previous section, a carbonate surface 

complexation model that not only accurately describes the effects of brine chemistry but also 

accounts for the effects of rock impurities on carbonate surface charge is not yet available. Such 

model will greatly facilitate the understanding of electrostatic interactions in the wettability 

alteration process. Moreover, the underlying mechanism of “smart water”-induced wettability 

alteration is still controversial even though various hypotheses have been proposed. A systematic 
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study on how brine chemistry (“smart water” composition) as well as crude oil properties affect 

the wettability alteration process is needed to evaluate the possible mechanisms.  

This dissertation addresses the two problems on characterizing electrostatic interactions 

and evaluating wettability alteration and it is organized as follows. A cartoon showing the 

relationship between chapters is also provided in Figure 1-13. 

Chapter 2 summarizes the major methods to characterize electrostatics, wettability, and 

properties of rock/oil/brines in the following chapters. The analytical approaches and principle of 

sample preparations are provided in this chapter. Details of sample preparation and model 

assumptions will still be described in the “methods” section in the following chapters. 

Chapter 3100 presents the development of a synthetic calcite surface complexation model 

(SCM) which focuses on characterizing the effect of brine chemistry (divalent ions and ionic 

strength) on the surface charge of calcite. 

Chapter 487 presents the extension of the calcite SCM in Chapter 3 so that the model can 

account for the surface impurities on natural carbonates. With the extended SCM in this chapter, 

the electrostatic interaction between natural carbonates and oil can be better understood.  

Chapter 5 investigates the effect of brine chemistry on the “smart water”-induced 

wettability alteration process in a carbonate/model oil system. 

Chapter 6 evaluates the physicochemical properties of crude oils as indicators of low-

salinity-induced wettability alteration in a carbonate system. 
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Chapter 7 examines the additional oil recovery in a low salinity water flooding in a 

carbonate system and compares the finding in forced displacement experiment with wettability 

evaluation by spontaneous imbibition. 

Chapter 8 concludes the thesis and proposes future work for deciphering “smart water”-

induced wettability alteration. 

 

 

Figure 1-13 The structure of this dissertation and the relationship between chapters 
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Chapter 2 

Methods of Characterization 

2.1. Characterizing Electrostatic Interactions 

2.1.1. Zeta Potential Measurement 

Conventional electrical double layer theory assumes that the first layer near a charged 

surface consists of the adsorbed ions carrying opposite charge due to charge attraction (Figure 

2-1). The second layer (“diffuse layer”) consists of ions loosely attached to the surface via 

Coulomb force. A slipping plane is defined as the dividing plane where the fluid inside is attached 

to the charged surface while the fluid outside is free and mobile. Zeta potential (x) is then defined 

as the electrical potential at the slipping plane of an electrical double layer101. Note that the shape 

of electrical potential profile differs depending on the assumptions of the specific double layer 

model. Figure 2-1 only shows one of the many double layer models. 
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Figure 2-1 A cartoon explaining the concept of electrical douhble layer and zeta potential102 

Zeta potential is commonly used to characterize the charge of interfaces because it can be 

experimentally measured. Commercially available zeta potential analyzers are primarily based on 

the electrophoretic phase analysis light scattering (PALS) method. The principle is that the 

dispersions with charged interface move in an applied electric field and a laser is used to detect 

the mobility of the dispersed phase. Zeta potential is calculated by the analyzer based the mobility 

using Smoluchowski equation103. In this work, both the rock/brine and oil/brine interfaces are 

characterized by zeta potential measurement using DelsaMax PRO zeta potential analyzer 

(Beckman Coulter). To prepare samples for rock/brine zeta potential, rock chips are crushed and 

grounded with a mortar and pestle for at least 1 hour to obtain a fine powder (~1µm in diameter). 

The fine rock powder is dispersed in the brine for the measurement. Similarly, oil droplets are 

dispersed in the brine to measure oil/brine zeta potential. Each sample is measured at least 5 times 

to obtain mean value and standard deviation. 
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Equilibration is particularly important for calcite sample preparation. Failure to properly 

equilibrate the system can result in unstable or meaningless measurements of zeta potential. This 

is because the brine composition and pH can change dramatically with or without allowing the 

brine to be equilibrated with the calcite powder due to its solubility. Moreover, CO2 in the gas 

environment and oils with surface-active components can also affect the equilibration for a calcite-

containing system. This is because CO2 changes the HCO3-/CO32- equilibrium and acidic/basic 

components from oils can partition into aqueous phase and change calcite solubility. Therefore, it 

is essential to pre-equilibrate the dispersion in an appropriate way depending on the purpose of the 

measurement. The rock/brine dispersion samples will be prepared in these different methods in the 

following chapters: (1) rock/brine/gas equilibration with continuously purging of a gas phase (air  

or pure CO2) to the dispersion sample; (2) rock/brine equilibration in a closed system where 

air/sample contact is deliberately avoided; (3) rock/brine/oil three phases equilibration where oil 

phase is added on top of the brine and rock/oil direct contact is avoided. The first method is chosen 

when developing the surface complexation model where the model validity is improved by testing 

in various CO2 partial pressure. The second method is used when the zeta potential is to support 

the spontaneous imbibition test where air contact is avoided, and the volume of brine is much 

greater than the volume of oil in the core. The third method is applied when the zeta potential is to 

support the spontaneous imbibition test where air contact is avoided, and the effect of oil presence 

has to be considered. The second and third equilibration methods are also applied to the oil/brine 

zeta potential measurements to support the analysis of spontaneous imbibition tests. Detail about 

equilibration procedure will be described in the method section of following chapters. 
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2.1.2. Surface Complexation Modeling 

A surface complexation model (SCM) assumes the surface charge of a surface originates 

from the surface complexation between the surface sites and the species (e.g. ions) in the fluid. A 

generalized double layer model with a surface plane and a diffuse layer is used in the SCM of this 

work (Figure 2-2). In this model, surface potential is equivalent to the potential at the outer 

Helmholtz plane (x = xd) where all ions are considered being absorbed in the same plane. As 

described by Borkovec and Westall104, the Poisson-Boltzmann equation is used to establish the 

relationship of potential and concentration of ions in brine. The equations can be solved for both 

symmetrical and asymmetrical electrolyte systems.  

 

Figure 2-2 The schematic of the double layer model. The 𝝍 equals to 𝝍𝟎 up to 𝒙𝒅 and then 
decays exponentially with the distance 𝒙 as governed by Debye-Huckel Equation 

The unreacted Ca+n atom at the surface of calcite crystal ideally has +1/3 charge (>Ca+1/3) 

instead of +1 charge if the (1 0 1 4) face of calcite is exposed because only one coordination site 

out of six is open78,105. The assumption is reasonable because the (1 0 1 4) face is generally 

considered as the most abundant face of calcite78,105. As is described by Stipp105, the value n is 
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strictly equal to +1/3 only when the bonding between the Ca atom and the O atoms from 

neighboring CO32- is pure ionic bonding, which is not the case. Heberling et al. 78 assumed a value 

of 0.25 (>Ca+0.25) in their work. The same value (0.25) is then used in this work and the sensitivity 

of modeling results to the value of n is examined. It is found that the model calculation is 

insensitive to the value of n because the base charges of the positive sites (>Ca+n) and the negative 

sites (>CO3-n) always cancel out.  

The unreacted >Ca+0.25 and >CO3-0.25 have high surface energy so they are unstable. In an 

aqueous environment, unreacted >Ca+0.25 will bond with hydroxyl ion (OH-) in water and becomes 

>CaOH-0.75, and >CO3-0.25 becomes >CO3H+0.75. Therefore, the two major surface sites are  

>CaOH-0.75 and >CO3H+0.75 in this system. The site density for both >CaOH-0.75 and >CO3H+0.75 is 

4.95nm-2 if assuming only the (1 0 1 4) plane of calcite is exposed. This assumption is reasonable 

because (1 0 1 4) plane is the most abundant plane of calcite crystals.  

As a result of electrostatic interaction, >CaOH-0.75 and >CO3H+0.75 can bind with ions of 

the opposite charge in the aqueous phase and be converted to other charged surface complexes. 

The surface reactions described in Table 2-1 are based on electrostatic attraction that are assumed 

to influence the surface charge of calcite. Intrinsic equilibrium constants, K1 ~ K2 and IB1 ~ IB7, 

are the nine tunable variables for fitting zeta potential measurements. Note that ion activities at the 

calcite/brine interface (Ci) instead of the bulk solution ion activities (Ci, x=¥) should be used to 

calculate the intrinsic equilibrium constants. The ion activities at the calcite/brine interface (Ci) 

and the bulk solution ion activities (Ci, x=¥) are different and follow the Boltzmann distribution of 

ions (Equation (2-1)43), where F is the Faraday constant, zi is the charge of ion i (can be positive 

or negative) and y is surface potential:  
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 Equation (2-1) 

 
 

Table 2-1 Surface binding reactions for the surface complexation model in this work 

 

Most zeta potential measurements are found to be in the range from -25mV to 25mV, where 

the surface potential can be considered small and the Debye-Huckel equation43 applies. Therefore, 

measured zeta potentials are converted to surface potential using the Debye-Huckel equation (as 

is shown in Figure 2-2). In some cases where the calculated surface potential is slightly higher 

than 25mV, the accuracy of the calculation may be affected by the assumption of Debye-Huckel 

equation. Moreover, slip plane distance ds (or xs) is needed in order to convert surface potential to 

zeta potential. The expression for ds from the work of Heberling et al.78 is used. 𝑑G = 0.1/𝐼;.². I is 

the ionic strength (M) of the solution. 𝑑G (nm) is the slip plane distance. Assuming such expression 

of 𝑑G is valid, the surface potential and zeta potential can be related with a constant coefficient 

0.71 regardless of the ionic strength of the solution. 

Ci = Ci,x=∞ exp
−ziFψ
RT

⎛
⎝⎜

⎞
⎠⎟



 42 

PHREEQC (Version 3.3.7)106, a widely used software developed by USGS for geological 

system equilibrium calculation, is used for thermodynamic equilibrium calculation. The double 

layer model with explicit calculation of diffuse layer composition, initially proposed by Borkovec 

and Westall, is selected in PHREEQC. Activities in non-ideal solutions are calculated using ion-

association and Debye Huckel expressions. By defining surface reactions and the equilibrium 

constant values, PHREEQC calculates the surface potential at a given equilibrium condition. 

PEST107 is combined with PHREEQC for optimization of adjustable parameters (K1, K2, IB1~IB7) 

to fit the experimentally determined zeta potential measurements. The workflow to determine the 

model parameters (K1, K2, IB1~IB7) is summarized in Figure 2-3. 

 

Figure 2-3 Workflow for parameter fitting of the surface complexation model 
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2.2. Characterizing Wettability 

2.2.1. Amott-Harvey Wettability Index 

Amott-Harvey wettability index (IA-H) has been introduced in Section 1.3.2 as an approach 

to quantify average wettability in the core level. In this work, IA-H was measured for the limestone 

cores with or without oil aging to characterize the initial wettability of limestone core prior to 

“smart water” treatment. Small core plugs (1 inch in length, 1 inch in diameter) were used for        

IA-H measurement. The cores were first dried to constant weight in an oven. Then they were 

vacuum-saturated with the initial brine at room temperature using a vacuum pump and home-made 

saturation setup. The cores were not pressure-saturated because their permeability was relatively 

high (~50mD) and the viscosity of brines was relatively low (~1cP). The porosity and pore volume 

were calculated based on the increase of weight for the cores and the density of the initial brine. 

After that, the cores were put in special centrifuge tubes and immersed in the test oil for water 

drainage using high-speed ultracentrifuge (Optima XE, Beckman Coulter) at 11,000rpm 

(Pc=80psi) for at least 48 hours. The cores were flipped after the first 24 hours so that capillary-

end effect can be minimized. The displaced brine volume was measured, and the initial oil 

saturation (Soi) was calculated. Cores prepared in such way have connate water saturation, the 

same as conventional carbonate reservoirs. The cores were either used directly or aged in the test 

oil for 2 weeks in 120oC to restore oil-wetness prior to IA-H measurement. 

There are four sequential steps for IA-H measurement: (1) brine spontaneous imbibition; (2) 

brine forced imbibition; (3) oil spontaneous drainage; (4) oil forced drainage. IA-H is calculated 

based on its definition in Equation (1-3). All steps were done at room temperature. The 

spontaneous imbibition was done in a special glass cell whose top part was narrow and graduated 
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so that the displaced oil could be read in-situ (Figure 2-4[a]). The spontaneous drainage was done 

in the same type of glass cell, but the cell was flipped so that the narrow and graduated part was at 

the bottom and the displaced brine could be read directly (Figure 2-4[b]). The forced 

imbibition/drainage were both achieved by centrifuging the core at 10,000 rpm (Pc=73psi) for 48 

hours in total with core-flipping in-between. Special centrifuge tubes for imbibition and drainage 

were used (Figure 2-4[c][d]). The accuracy for volume reading was 0.05cc for all cells and tubes. 

 

Figure 2-4 Photos of (a) spontaneous imbibition cell, (b) spontaneous drainage cell, (c) 
centrifuge tube for imbibition, (d) centrifuge tube for drainage. 

 

2.2.2. Spontaneous Imbibition  

Spontaneous imbibition at elevated temperature (90oC) was performed to evaluate the 

alteration of core wettability due to “smart water” treatment. Preferentially oil-wet cores have very 

limited oil recovery in spontaneous imbibition test due to unfavorable capillary pressure. 

Wettability alteration is quantified by the additional oil recovery in the spontaneous imbibition test 
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after replacing the initial brine with the “smart water”. Spontaneous imbibition is chosen over core 

flooding for the evaluation for the following reasons: (1) In naturally fractured carbonate reservoirs, 

the efficiency of viscous displacement is low, and so capillary imbibition is expected to be a 

primary oil recovery mechanism for oil in a low-permeability matrix; (2) oil recovery in a forced 

displacement experiment is affected by not only the wettability but also other factors, such as the 

fluids mobility ratio. Therefore, for demonstrating wettability alteration in carbonate reservoirs, 

the oil recovery from spontaneous imbibition is more representative than that from core flooding. 

Spontaneous imbibition test is essentially the first step for IA-H measurement and its core 

preparation procedure is exactly the same as that for IA-H measurement. However, the spontaneous 

imbibition test must be performed at elevated temperature in order to observe the effect of “smart 

water”22,23. Therefore, the imbibition cell shown in Figure 2-4[a] was put into a water bath setting 

at 90oC for the test (shown in Figure 2-5). The narrow top part of the cell was not immersed in the 

hot water and was elongated by connecting it to a glass pipette of the same OD as the top of the 

cell. This extension functioned as a condenser. No noticeable oil loss due to evaporation was 

observed in any test of this work.  

The cores were first tested in the initial brine until the oil recovery reading was constant 

for at least 5 days. Then, the low salinity brine was tested by extracting the initial brine from the 

cell and replacing it with the low salinity brine. The first stage testing in the initial brine verifies 

the initial core wettability before “smart water” contact.  

Solution gas drive, an experimental artifact that recovers oil due to the release of vaporized 

light components from the crude oil, was expected to have only a negligible impact on the analysis 

of additional oil recovery because (1) it can only affect the initial oil recovery in the initial brine 
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but not the additional oil recovery in “smart water”, and (2) only dead oils and model oils were 

tested, so they were free of dissolved gas. 

 

Figure 2-5 A photo of spontaneous imbibition cells in a waterbath for wettability alteration 
evaluation 

 

2.2.3. Contact Angle  

Plates of Iceland spar (natural crystal of pure calcite) were used to model the carbonate 

surface. Aiming to mimic the wettability of calcite before and after the contact with crude oil in 

the reservoir, the workflow of contact angle measurements was designed as follow: First, measured 

the receding and advancing contact angle of the Iceland spar plate in an initial brine to represent 
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initial rock wettability in formation brine. Second, allowed the Iceland spar plate to be aged in the 

oil at high temperature (120oC) for 2 weeks to restore the calcite oil-wetness. Then measured the 

contact angle again to represent the rock wettability after contacting crude oil in the reservoir. 

Finally, the oil-wet plate was treated with the “smart water” at high temperature for 2 weeks to 

change the wettability of the plate. The contact angles after the treatment were measured again to 

represent the wettability in “smart water”. Due to the limitation of experimental setup, all contact 

angles were measured at room temperature. However, the oil aging as well as the “smart water” 

treatment process were done at high temperature to allow the wettability alteration process to 

happen. 

The Iceland spar plates were first polished in flowing de-ionized water using 600 and 1200 

grit sandpaper for 10min respectively to promise a fresh and smooth surface before use. Then the 

initial contact angles of the plates were tested in the initial brine. After testing, the Iceland spar 

plates (pre-wetted with the initial brine) were aged in the oil in the presence of a few drops of 

initial brine at the bottom of aging vessel to avoid brine film desiccation during oil aging. The 

aging temperature was 120oC and the aging time was 2 weeks. Stainless steel solvothermal reactors 

with 50mL Teflon liners were used as aging vessels for this process. The aging vessel and the plate 

placement in the vessel were shown in Figure 2-6. 
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Figure 2-6 A photo of the aging vessel and a schematic illustration of plate placement  

 

After the oil aging, the plates were first soaked in cyclohexane for 1 hour to remove the 

bulk oil and leave the absorbed surface-active components on the plates. Then the wettability of 

plates was examined by performing receding and advancing contact angle measurements at room 

temperature. At least three oil drops were made on each plate to measure and calculate the average 

contact angles and standard deviations. After testing the wettability after oil aging, the plates were 

soaked in cyclohexane for 2 mins to remove the small amount of oil introduced by the contact 

angle measurement. Then the plates were immersed in the “smart water” for 2 weeks at 120oC to 

investigate the effect of brine ionic composition on wettability alteration. The same aging vessels 

in Figure 2-6 were used for the “smart water” treatment. After the “smart water” treatment, the 

wettability was examined again by contact angle measurement in the “smart water”. At least three 

oil drops were made on each plate to calculate the average contact angles and standard deviations. 

The receding and advancing contact angles were measured at room temperature using an 

optical tensiometer. A “moving needle” method was chosen to measure advancing contact angle. 

The Iceland spar plate was put on a Teflon stand in a glass cuvette. The stage for holding the 
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cuvette was slightly tilted to allow the oil drop show clear reflection so that the real contact line 

was not hidden108. A small oil drop (~5µL) was first slowly made using a big stainless-steel U-

shape needle. The oil drop was allowed to sit on the plate for 1 hour before measuring the water 

receding contact angle. After that, the needle was moved parallel to the plate to force the contact 

line to move so that water could advance on one side of the contact line (Figure 2-7). After 

observing the contact line moved, the water advancing contact angle was recorded for at least 

1hour. Water receding contact angle could also be measured on the other side of the drop.  

 

Figure 2-7 Schematic illustration of moving needle to measure advancing and receding 
contact angles 

Withdrawing an existing oil drop to advance the contact line is a conventional approach to 

measure water advancing contact angle. However, this approach is not applicable for systems with 

surface-active components. Conversely, keeping volume of the oil drop constant during the test is 

critical for contact angle measurement with surface-active oils. Preliminary experiment showed 

that the interfacial tension (IFT) significantly decreased if the drop volume decreased due to the 

accumulation of surface-active components at the oil/brine interface. Figure 2-8 shows the IFT of 
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different oils as a function of changing drop surface area at given oil withdrawing rates. Three 

different oils were tested: “MO” is a non-surface-active oil with only dodecane and toluene while 

“AN1.5MO” and “AN5.0MO” are two model oils with added naphthenic acid to obtain total acid 

number of 1.5 and 5.0, respectively. For MO, right after the drop was made, the oil was withdrawn 

at a constant rate of 100 µL/min. For the oil with acids, after the naphthenic acid adsorption 

equilibrium was reached and IFT became stable, the oil was withdrawn at a constant rate of 

1µL/min or 100µL/min. During the oil extraction process, the drop image was recorded 

continuously so that IFT and drop surface area (S) could be calculated as a function of time. The 

reduction of drop surface area divided by initial drop surface area (DS/S0) was also calculated. 

Figure 2-8 shows that the IFT reduction due to naphthenic acid accumulation cannot be avoided 

even at very slow withdrawing rate 1µL/min. Variation of IFT can have a dramatic effect on the 

contact angle, which is a result of tension balance among three phases. Therefore, any methods 

causing change of drop volume cannot be applied to measure the advancing contact angle of 

surface-active oils. 

 

Figure 2-8 IFT as a function of changing drop surface area during oil withdrawal 
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2.3. Characterizing Properties of Rocks, Brines and Oils 

2.3.1. Rock Mineralogy  

The mineralogy of rocks was characterized by a JEOL JXA 8530F Hyperprobe electron 

probe microanalyzer (EPMA) with energy dispersive X-ray spectroscopy (EDX). A smooth thin 

section of the rock was observed under the electron microscope. At least two images were taken 

at different spots of the thin section. The weight percentage of detected elements in the images was 

measured by EDX and the average percentage was calculated based on the two images. The molar 

fraction of different minerals was calculated based on the weight percentage of all elements. Three 

carbonate rocks (Iceland spar, Indiana limestone, and a reservoir rock “SME” rock) were used and 

characterized in this work. 

The EDX measurement was done by Mr. Leilei Zhang from the research group of Dr. 

George Hirasaki and Dr. Sibani Lisa Biswal at Rice University.   

2.3.2. Brine Composition  

Inductively coupled plasma-atomic emission spectroscopy (ICP-OES) was used to 

measure the elemental composition (Na, Ca, Mg, Fe, and S) of brines after different equilibration 

processes as well as effluent brines from a core flooding experiment. Prior to the measurement, 

calibration curves were made for each element using standard solutions. For Ca, Mg, Fe, and S, a 

good linear relationship between the signal and concentration of the element in the standard 

solution was found with R2>99.995%. For Na and K, the correlation was valid but not as accurate 

(R2=99.72% and 99.91%, respectively). For K, Ca, Mg, Fe and S, the range of concentrations for 
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calibration was 0~4ppm (0.2, 0.5, 1, 2, 4). The range of concentrations for calibration was 

0~20ppm (1, 2, 5, 10, 20) for Na.  

1 wt.% HNO3 was used for dilution of all standard solutions and brine samples. Brine 

samples were filtered through 0.22µm PTFE filter prior to measurement. Dilution between 50x ~ 

1250x was required for the brine samples depending on the salinity. Measurement for Na was 

challenging because its concentration was too high in some of the brines (e.g. 5M NaCl brine) 

while concentration of other elements was low. For those cases, two samples of different dilution 

ratios were made to measure Na and other elements separately. 

2.3.3. Oil Properties  

Total acid number (TAN) of the oils was characterized by a two-phase acid-base titration 

method, which is an improved ASTM method proposed by Fan and Buckley109. A Metrohm 716 

DMS Titrino titrator and a glass electrode (Metrohm solvotrode 6.0229.100) for non-aqueous 

titration was used. The oil was dissolved in an organic solvent (50% toluene, 49.5% iso-propanol, 

0.05% water by volume) and known amount of stearic acid as a spiking agent was also dissolved 

in the organic solvent. The organic solvent with added oil and spiking agent was titrated by 

tetrabutylammonium hydroxide (TBAOH) in ethanol. The concentration of TBAOH was 

calibrated by KHP aqueous solution before use. Samples with different amount of the dissolved 

oil were titrated and TAN was determined based on the slope of the required titrant volume and 

the weight of dissolved oil. Detail description can be found in the literature109.  

Oil fractionation based on weight fractions of saturate, aromatic, resin, and asphaltene 

(SARA) was also measured for the crude oils. An improved chromatographic method developed 

by Rezaee et al.110 was used. 
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The interfacial tension (IFT) of oils in brines were measured by a KSV CAM200 

tensiometer. A glass cuvette was filled with the brine and an oil drop was made using a stainless-

steel hook needle and a 1mL Hamilton glass syringe. The shape of the oil drop was recorded every 

2~3 minutes for at least 1 hour. The IFT was calculated by shape fitting according to Young-

Laplace equation. Note that IFT measurements were sensitive to any contaminants on surfaces of 

the cuvette, the needle, or the glass syringe. Therefore, prior to the actual measurement, a drop of 

toluene was made in de-ionized (DI) water to examine cleanness of the setup. The toluene/DI water 

IFT should be 37 (±0.5) mN/m and remained stable (non-decreasing) for at least 15 minutes. Any 

contaminated surface was cleaned with toluene, iso-propanol and DI water until the toluene/DI 

water IFT was stable at 37 (±0.5) mN/m. The equilibration method for the test oil/brine in IFT 

measurement will be described in detail in later chapters depending on the specific system. 

TAN titration and SARA analysis were both performed by Dr. Sara Rezaee from the 

research group of Dr. Francisco Vargas at Rice University111. She had also made important 

contributions in the IFT measurement.  

2.3.4. Water-in-oil Content and Visualization 

The water content in crude oils was measured by Karl-Fischer titration, which is a classic 

analytical titration method to determine trace amount of water in oils. The titration apparatus model 

is 870 KF Titrino plus.  

The water droplets in a crude oil were also visualized by cryogenic transmission electron 

microscopy (Cryo-TEM). FEI Vitrobot Mark IV is used for cryo-TEM sample preparation. Liquid 

nitrogen instead of ethane was used as the cooling media because ethane can react with crude oils. 

Humidifier was turned off during sample preparation to avoid introducing water from the vapor 
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phase. Standard Quanti-foil cryo-grids did not work well for oil samples possibly due to poor 

wettability for crude oil. Therefore, 300 mesh Lacy carbon TEM grids were chosen for preparing 

the samples. To obtain good-quality oil films, both blotting force (1~4 unit) and blotting time 

(2~10 seconds) were optimized. The best blotting force on oil sample was 4 unit and the best 

blotting time was 6~8 seconds. Frozen samples were then transferred to Gatan 626 Cryo holder 

and imaged using JEOL 2011 Cryo-TEM (200 kV, LaB6 filament). Mini Dose System (MDS) was 

used for image processing.  

Karl Fischer titration was performed by Dr. Sara Rezaee from the research group of Dr. 

Francisco Vargas at Rice University111. Cryo-TEM imaging was done by Dr. Wenhua Guo, a staff 

research scientist in the shared equipment authority at Rice University. 

2.3.5. Water-soluble Organics of Oils  

The water-soluble organics content of oils was also characterized by gas chromatography 

with a flame ionization detector (GC-FID) manufactured by Agilent. The oil was allowed to 

equilibrate with the brine so that the water-soluble organics could be extracted into the aqueous 

phase. Then, the water-soluble organics were further extracted by dichloromethane (DCM) and 

the DCM was run through the GC-FID.   

The oil/brine samples (10:10 mL/mL) were put on an orbital rotation shaker set at 90rpm 

to allow phase equilibration. After the rotation for two days, the brine was taken out by using a 

Teflon tubing connected to a syringe and filtered through a 1µm Teflon filter (Note: a paper filter 

or stainless-steel filter should be used because hydrophobic Teflon filters may remove water-

soluble organics). After measuring the brine pH, 3mL of the sample was mixed with 1mL DCM 

using a vortex mixer to extract the water-soluble organics in the brine. After strong vortex mixing 
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for 1min, one day was allowed for phase separation and mass transport between phases. The DCM 

solution containing the organics from the oil was then injected into the GC-FID for measurement. 

The GC-FID runtime for each sample was 1 hour, and the column temperature was 150oC. 

A control sample of just 0.164M NaCl brine was tested based on the above procedure. 

Figure 2-9 is to show the FID signal for the control sample case where no signal other than that 

for the solvent (DCM) is expected. After 8 min of elution, the DCM signal is reasonably weak, 

accounting for less than 0.1 for the control sample. Therefore, the integration of signal before 

t=8mins represents the amount of solvent. The integration of the FID signal from t = 8 min to t = 

60 min is determined as the total amount of organics extracted from the brine sample. The 

concentration of extracted organics is defined as the total organics amount divided by the injected 

DCM amount.  

Note that the “concentration” of the water-soluble organics determined by this approach is 

sensitive to the instrument. The measurement has good consistency and accuracy when all samples 

are measured with the same GC column and FID detector. However, the absolute values probably 

cannot be easily reproduced on another instrument. This method is chosen because calibration 

curves cannot be made for the thousands of water-soluble compounds in crude oils.  
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Figure 2-9 FID signal as a function of retention time for a control sample (DCM 
equilibrated with 0.164M NaCl brine) 
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Chapter 3 

Electrostatics of Carbonates in Brines Part I: 
Effect of Brine Chemistry 

3.1. Abstract 

In this chapter, synthetic calcite is used as a model carbonate rock to investigate the effect 

of brine chemistry on electrostatics of carbonates. Synthetic calcite is chosen over natural 

carbonate minerals because synthetic calcite is free of surface impurity. Synthetic calcite zeta 

potentials are valid for the development of surface complexation model (SCM) without 

introducing variables for surface impurities.  

First, a SCM based on the synthetic calcite zeta potential in various brines with constant 

ionic strength (100mM) at two CO2 partial pressure (10-3.4atm and 1atm) is developed. The impact 

of monovalent ions (Na+, Cl-, HCO3-, H+, and OH-), divalent ions (Ca2+, Mg2+, SO42-, and CO32-), 

and CO2 partial pressure on the zeta potential of synthetic calcite is investigated.  

Then, the effect of ionic strength is also incorporated, and the model parameters are 

optimized by re-fitting with zeta potential in brines with varying ionic strength (1mM ~ 500mM).  
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3.2. Methods 

The synthetic calcite powder (≥99.5%, 5 µm in diameter, from Alfa Aesar) was crushed 

and grounded using a mortar and pestle for 1 hour to make it finer (~1µm in diameter). Brines 

were prepared with DI water (18.2MW•cm) and ACS grade electrolytes including NaCl, NaHCO3, 

Na2CO3•H2O, CaCl2•2H2O, MgCl2•6H2O and Na2SO4•10H2O (all ≥99.0%).  

Calcite zeta potential was measured in two groups of brines. For the first group, all tested 

brines have the same ionic strength (I) of 0.1M in order to keep the Debye length constant. The 

focus is to study the potential determining ions (PDIs) including Ca2+, Mg2+, SO42-, and CO32-. The 

brines are mixtures of different I=0.1M single-electrolyte brines to different mixing ratios so that 

the concentration of the PDI varies in the range of 0 ~ 33mM. For the second group, the ionic 

strength of single-electrolyte solutions (NaCl, MgCl2, and Na2SO4) is varied to incorporate the 

effect of ionic strength on calcite zeta potential. The recipes are summarized in Table 3-1. 

Table 3-1 Recipes of brine mixtures for zeta potential measurements 

 

Group Brine series 
Ionic 

strength 
(mM) 

Ca2+ 

(mM) 
Mg2+ 
(mM) 

SO42- 

(mM) 
CO32- 

(mM) 
gas 

equilibration 

1 

NaCl/CaCl2 mixtures 

100 

0~33 0 0 0 10-3.4 atm CO2  
 

& 
 

1 atm CO2 

NaCl/MgCl2 mixtures 0 0~33 0 0 

NaCl/Na2SO4 mixtures 0 0 0~33 0 

NaCl/Na2CO3 mixtures 0 0 0 0~33 
MgCl2/Na2SO4 mixtures  0 0~33 0~33 0 

10-3.4 atm CO2 
only 2 

NaCl  1~500 0 0 0 0 
MgCl2 1~300 0 0.33~100 0 0 
Na2SO4 1~300 0 0 0.33~100 0 
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A mass of 0.6g ground calcite powder and 75mL brine were mixed to make 0.8wt.% calcite 

dispersion sample. A sonifier (Branson) was used to sonicate the sample for 1min to facilitate 

calcite dispersion. A home-made gas bubbling system including an air pump or a CO2 tank and a 

gas humidifier was set up to bubble gas through the dispersion to equilibrate the sample with 

atmosphere air (gas phase 10-3.4atm CO2, equivalent to 400ppm CO2) or pure CO2 (gas phase 1atm 

CO2) until the measured pH reached a calculated reference value predicted by PHREEQC, a widely 

used geochemistry software developed by US Geological Survey. By this procedure, 

calcite/brine/gas three phase equilibrium was achieved. Sample equilibration typically occurred 

over a period of 1~4 days, where samples were weighed on a daily basis. Samples equilibrated 

with pure CO2 were sealed from atmosphere by storing in capped bottle before testing and were 

tested as soon as possible. 

Before zeta potential measurements are performed, samples were sonicated again by 

sonifier (Branson) for 1min to separate calcite particles that may have agglomerated during the 

equilibration process. It is particularly important to make sure the calcite weight percent is not too 

high, otherwise calcite particles move as clusters instead of individual particles in electric field, 

causing inaccuracy of zeta potential measurement. So, the calcite particles were allowed to settle 

down for 1 hour to obtain supernatant with calcite weight percent 0.01%~0.03%. Supernatant 

(~65mL) was transferred into a new vial for analysis. Note that the calcite weight percent 0.8% of 

the original sample was much higher than the required weight percent 0.01~0.03% because large 

calcite surface area facilitates the equilibrium between calcite and brines. Much longer time may 

be required to reach equilibrium if the original dispersion has only 0.03wt.% calcite.    

    The calcite weight percent of supernatant samples were quantified by measuring light 

transmittance using UV-Vis spectroscopy. Calibration curve was made by measuring light 
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transmittance of calcite dispersion in 0.1M NaCl brine with various (known) weight percent 

(Figure 3-1). Wavelength 560nm was selected to generate a linear calibration curve (Figure 3-2) 

based on Beer-Lambert law. Calcite weight percent of supernatant was in the range of 

0.01%~0.03% for all samples. Zeta potential measurement was experimentally proved to be 

independent of calcite weight percent in this range in preliminary experiments (Figure 3-3). 

 

Figure 3-1 Transmittance measurement of calcite dispersion with known weight percents 

 

 

Figure 3-2 The calibration curve for absorbance at 560nm and calcite weight percent. 
Absorbance = 2-log(Transmittance%). 
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Figure 3-3 Zeta potential of calcite in 0.033M CaCl2 solution as a function of settling time 
for the tested supernatant  

 

3.3. Surface Complexation Model for Fixed Ionic Strength (100mM) 

3.3.1. Zeta Potential Measurement at Constant Ionic Strength (100mM) 

The zeta potential of calcite in different brines (I=0.1M) is shown in Figure 3-4. The 

baseline case is calcite in 0.1M NaCl brine because both Na+ and Cl- are generally not considered 

potential-determining ions. Compared to NaCl (middle columns), divalent anions such as CO32- 

and SO42- result in the calcite becoming less positively charged and, in some cases, even negatively 

charged, while cations Ca2+ and Mg2+ further increases the positive charge of calcite. Note that for 

the cases presented, the equilibrium H+ concentration varies 2~3 order of magnitudes (100 - 1000 

times) when the CO2 partial pressure changes from 10-3.4atm (400ppm) to 1atm; however, the zeta 
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potential is not significantly altered for the NaCl, CaCl2, MgCl2 samples. This is not the case when 

the solution pH is altered by adding an acid, such as HCl, which shows a dramatic impact on zeta 

potential.  

 

Figure 3-4 Zeta potential of calcite in different single component brines. Red bars are 
measured under 𝑷𝑪𝑶𝟐=10-3.4 atm (400ppm) whereas black bars are measured under 𝑷𝑪𝑶𝟐=1 

atm. The ionic strength is I=0.1M for all measurements. 

 

Changes in the calcite zeta potential when mixing the NaCl brine with CaCl2, MgCl2, 

Na2SO4 and Na2CO3 respectively to different ratios are shown in Figure 3-5. The ionic strength 

of brines is kept constant while the concentration of PDIs (Ca2+, Mg2+, CO32-, and SO42-) is 

changed. The horizontal axis on the figures are used to show the initial concentration of a given 

PDI in the brine solution. However, for the case of Ca2+ and CO32-, the initial concentration and 

equilibrium concentration can be dramatically different as a result of calcite dissolution. 
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Varying CO2 partial pressure from 10-3.4 atm to 1 atm does not appear to significantly affect 

the zeta potential of calcite in the tested brines with high Ca2+ or Mg2+ concentrations. However, 

for brines containing a high concentration of CO32- , there is a significant change in the zeta 

potential of calcite (up to 20mV). Further analysis of the change of zeta potential of calcite and 

variation of charged species concentration can be analyzed using the SCM. 

 

Figure 3-5 Zeta potential of calcite in the mixed brines.  The ionic strength (I=0.1M) is the 
same in all measurements. Upper left is NaCl/CaCl2; upper right is NaCl/MgCl2; lower left 

is NaCl/Na2CO3; and lower right is NaCl/Na2SO4 brines.  
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3.3.2. Development of Surface Complexation Model 

A total of 34 experimental measurements of zeta potential are used to fit the 9 adjustable 

parameters (K1, K2, IB1~IB7). The site density for both >CaOH-0.75 and >CO3H+0.75 is 4.95nm-2. 

Two different CO2 partial pressure environments are tested and the concentration of PDIs is varied 

in a relatively wide range among all 34 observations to better optimize the fitting parameters. 

Based on PHREEQC calculations, equilibrium Ca2+ concentration ([Ca2+]) ranges from 

2 × 10l�mM to 40mM, [CO32-] ranged from 6 × 10l³mM to 10 mM, while [Mg2+] and [SO42-] 

ranged from 0 to 33mM. The optimized parameters are listed in Table 3-2 and compared with 

experimental observations in Figure 3-6. The association constants for divalent ions (IB1~IB4) are 

at least one order of magnitude higher than those determined for the monovalent ions (K1, K2, 

IB5~IB7), indicating that the divalent ions in the brine are the main factor determining the variation 

of calcite surface charge. The small values of K1 and K2 also indicate that H+ is not a primary PDI 

for calcite. For the ions with the same valence and surface binding sites, it is observed that the 

binding constants are negatively correlated to the ionic radius. IB3>IB4, radii(CO32-) < radii(SO42-

); IB5>IB7,  radii(HCO3-) < radii(Cl-); IB1>IB2, radii(Mg2+) > radii(Ca2+) (the ionic radius were 

compared at ambient temperature112). The fitted parameters are compared with a similar basic-

Stern SCM proposed by Heberling et al78. The major difference is the value of K2. In our presented 

model, K1 and K2 are both close to zero, indicating a weak dependence of surface charge to pH. In 

the original work of Heberling et al78, reaction 2 is expressed as >CO3H+0.75 Û >CO3-0.25 + H+ , 

log10K = 0.17. The water dissociation constant is assumed to be 10-14 to calculate the K2 in Table 

3-2. However, if K2 is as high as 14.17, the majority of major sites >CO3H+0.75 will be converted 

to >CO3-0.25, which is unlikely. It is believed that an error was made in the original paper of 

Heberling et al.  
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Table 3-2 Parameterization of Surface Complexation Modeling 

 #                   optimized log10K       literature78                   surface reactions 
 

 

 

 

Figure 3-6 Comparison between measured calcite zeta potential and the surface 
complexation modeling in the mixed brines.  Upper left is NaCl/CaCl2; upper right is 

NaCl/MgCl2; lower left is NaCl/Na2CO3; and lower right is NaCl/Na2SO4 brines. 
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Because the calcite zeta potential is determined by surface speciation, the analysis of 

surface species contribution can provide better insights on the observed zeta potential trends. The 

contribution of a surface charged species i, contribution(i), is defined to quantify the surface 

species contribution. It is defined as its fractional surface concentration and its ionic charge, as is 

shown in Equation (3-1). 

 
 
 
 

Equation (3-1) 

 
In the previous literature, the surface concentration is directly used to compare and analyze 

different species’ contribution. However, such comparison and analysis suffer two major 

drawbacks: (1) the surface concentration failed to include the effect of valence. Given the same 

surface concentration, surface species of different valences contribute differently to the surface 

charge. (2) The practice of using surface concentration for comparison is not convenient. Because 

the surface concentrations span several orders of magnitude for different species, it is hard to 

compare in normal scale. However, when plotted the surface concentration in log-scale, the 

contribution, in turn, seems to be equally important for many different species. The definition of 

contribution(i) overcomes the two drawbacks. It normalizes the contribution of different species 

within the range of 0~1, therefore making the analysis clear and more intuitive.  

>CO3H+0.75 and >CaOH-0.75 are the major surface sites of calcite surface (4.95nm-2 for 

each). Under all brine conditions tested, the calculation shows that their contribution outweigh all 

other species: contribution (>CO3H+0.75) ranges from 0.68 to 0.72 and contribution (>CaOH-0.75) 

ranges from -0.72 to -0.63, while contribution of all other species is within ±0.16. This indicates 

contribution(i) = frac(i) i zi

frac(i) = [surface specie i]
[>CaOH −0.75 ]0

(cationic surface species)

frac(i) = [surface specie i]
[>CO3H

+0.75 ]0
(anionic surface species)
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that only a small portion of the major sites are converted to a charged surface complex. Instead of 

analyzing >CO3H+0.75 and >CaOH-0.75 contribution individually, the algebraic sum of >CO3H+0.75 

and >CaOH-0.75 contributions are used for analysis. The variation of charged species contribution 

and zeta potential under two different 𝑃 µ¶in different brines are shown in Figure 3-7 ~ Figure 

3-10. The net charge of the calcite surface, which directly correlates to zeta potential, is calculated 

by summing up contributions of all charged species. 

The surface species contribution analysis also sheds light upon the mechanism of carbonate 

wettability alteration in the presence of PDIs. As shown in Figure 3-7, the >CaOH…Ca+1.25 

contribution increases when the initial SO42- concentration is higher. This observation provides 

additional proof to the hypothesis proposed by Strand et al. 7 and Zhang et al.23 that the presence 

of  SO42- can lower the surface charge of calcite and facilitate the free Ca2+ in solution to bind and 

release the surface carboxylic acid. However, the experimental results also reveal another possible 

explanation for the calcite wettability alteration. It is observed that the positively charged synthetic 

calcite surface can be tuned to carry negative charge by simply increasing the amount of SO42- in 

the brine. When the calcite surface becomes negatively charged, the carboxylic acid will be 

repelled from the surface by electrostatic forces. In other words, the SO42- itself can induce the 

wettability alteration without the aid of Mg2+. Further investigation of wettability alteration by 

contact angle measurement and spontaneous imbibition will be required to verify this hypothesis.   

Another interesting observation is that the CO2 partial pressure can affect the zeta potential 

by changing the initial Ca2+ concentration in solution. Increasing CO2 partial pressure will lower 

the CO32- concentration, resulting in a higher Ca2+ concentration and therefore increasing the zeta 

potential. Consequently, if the reservoir is pressurized with a high CO2 content, the 
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correspondingly high Ca2+ concentration will make it more difficult for the carbonate surface to 

become negatively charged. 

 

Figure 3-7 Contribution analysis of charged species for calcite in the mixed brines of 
NaCl/Na2SO4 (I=0.1M). The species making major contributions are highlighted. 

Based on our model, in the mixed brine of NaCl/Na2CO3, the dominant charged species 

vary as a function of CO2 partial pressure, as shown in Figure 3-8. When 𝑃 µ¶ =10-3.4atm, 

increasing [>CO3H…CO3-1.25] is the major reason why the calcite zeta potential becomes more 

negative when the initial CO32- concentration increases. However, when 𝑃 µ¶=1atm, the rise of 

[>CaOH…HCO3-0.25] and drop of [>CO3H…Ca+1.25] are responsible for the variation of zeta 

potential. Because of the high CO2 partial pressure, a large portion of CO32- is converted to HCO3-  

in equilibrium. So >CO3H…CO3-1.25 is not one of the dominant species under such CO2 partial 

pressure. The CO2 partial pressure shows a dramatic effect on calcite charge in CO32- concentrated 
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brines because the equilibrium CO2 phase can significantly vary the equilibrium [CO32-] from 

initial CO32- concentration. In the case of 𝑃 µ¶=1atm, equilibrium [CO32-] is so low that the charge 

of the calcite surface is a result of Ca2+ adsorption. 

 

Figure 3-8 Contribution analysis of charged species for calcite in the mixed brines of 
NaCl/Na2CO3 (I=0.1M). The species making major contributions are highlighted. 

Figure 3-9 shows the variation of contributions of charged surface species in the brines of 

CaCl2/NaCl. For both cases of 𝑃 µ¶=10-3.4atm and 𝑃 µ¶=1atm, [>CaOH…Ca+1.25] dominates the 

surface charge variation when initial Ca2+ concentration increases. Furthermore, calcite zeta 

potentials are almost the same if the initial Ca2+ concentration is high but are somewhat different 

if the initial Ca2+ concentration is low. This is because 𝑃 µ¶ affects equilibrium [Ca2+] as a function 

of the initial Ca2+ concentration. Increasing 𝑃 µ¶can raise equilibrium [Ca2+] by converting CO32- 

into HCO3- , causing a shifting in the calcite dissolution equilibrium. Such impact is negligible 
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when the initial Ca2+ concentration is high (close to 0.033M) because the CO32- concentration is 

low even before equilibration. Based on PHREEQC calculations, when the brine is I=0.1M NaCl 

(no initial Ca2+ before equilibrium), the equilibrium [Ca2+] = 0.81mM at 𝑃 µ¶=10-3.4atm versus the 

equilibrium [Ca2+] is 11 mM at 𝑃 µ¶=1atm. 

 

Figure 3-9 Contribution analysis of charged surface species for calcite in the mixed brines 
of NaCl/CaCl2 (I=0.1M). The species making major contributions are highlighted. 

    Mg2+ as a PDI shows positive impact on the calcite surface charge by forming positively 

charged surface complex >CaOH…Mg+1.25 (Figure 3-10). This effect is similar to Ca2+ shown in 

Figure 3-9 except that in I=0.1M MgCl2 solution the calcite zeta potential is 2~3mV lower than 

that in I=0.1M CaCl2 solution for both CO2 partial pressures. Unlike Ca2+, which indirectly 

participates in the equilibrium of CO32- due to a constant CaCO3 solubility product, increasing the 

Mg2+ concentration does not impact bulk solution CO32- concentration. Thus, in I=0.1M MgCl2 

-7
0
7
14
21
28

-0.02
0

0.02
0.04
0.06
0.08

0 0.01 0.02 0.03

ze
ta
	p
ot
en

tia
l	(m

V)

Co
nt
rib

ut
io
n

initial	Ca2+ concentration	(M)

>CO3H	+	>CaOH
>CaOH...Na+0.25
>CaOH...Ca+1.25
>CaOH2+0.25
>CO3H...Cl-0.25
>CO3H...CO3-1.25
>CO3H...HCO3-0.25
>CO3-0.25
net	charge
zeta	potenetial

-7
0
7
14
21
28

-0.02
0

0.02
0.04
0.06
0.08

0 0.01 0.02 0.03

ze
ta
	p
ot
en

tia
l	(m

V)

Co
nt
rib

ut
io
n

initial	Ca2+ concentration	(M)

>CO3H	+	>CaOH
>CaOH...Na+0.25
>CaOH...Ca+1.25
>CaOH2+0.25
>CO3H...Cl-0.25
>CO3H...CO3-1.25
>CO3H...HCO3-0.25
>CO3-0.25
net	charge
zeta	potential

10-3.4 atm CO2

1atm CO2

>CaOH…Na+0.25
>CaOH…Ca+1.25

zeta potential
net charge
>CO3

-0.25
>CO3H…HCO3

-0.25
>CO3H…CO3

-1.25
>CO3H…Cl-0.25
>CaOH2+0.25

>CO3H+0.75 + >CaOH-0.75

>CaOH…Na+0.25
>CaOH…Ca+1.25

zeta potential
net charge
>CO3

-0.25
>CO3H…HCO3

-0.25
>CO3H…CO3

-1.25
>CO3H…Cl-0.25
>CaOH2+0.25

>CO3H+0.75 + >CaOH-0.75



 71 

solution, [>CO3H…CO3-1.25] and [>CO3H…HCO3-0.25] are higher than those in I=0.1M CaCl2 

solution, resulting in the relatively lower zeta potential. Moreover, at 𝑃 µ¶=1atm, we observe a 

decrease of >CaOH…Ca+1.25 contribution as Mg2+ concentration increases. Increasing Mg2+ 

concentration makes calcite surface more positively charged, resulting in stronger electrostatic 

repulsion between Ca2+ and calcite surface. So [Ca2+] near calcite/brine interface decreases when 

Mg2+ concentration increases, even though bulk Ca2+ concentration is nearly constant.  

 

Figure 3-10 Contribution analysis of charged surface species for calcite in the mixed brines 
of NaCl/MgCl2 (I=0.1M). The species making major contributions are highlighted. 

    In order to verify the validity and robustness of our model, an additional experiment 

condition is conducted but not included in the SCM model fitting to verify the validity of the 

parameters. A I=0.1M MgCl2 solution and I=0.1M Na2SO4 solution are mixed together at varying 

ratios to obtain brines with different concentration of Mg2+ and SO42- but the same ionic strength 
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as 0.1M. Because Ca2+ and CO32- always exist in the brine from calcite dissociation, the tested 

brines have four PDIs present. The samples are equilibrated at atmospheric condition (400 ppm 

CO2). The measured zeta potential is compared with our model prediction in Figure 3-11. The 

SCM successfully predicts the zeta potential of calcite in brines with all four PDIs, confirming the 

reliability of the model. 

 

Figure 3-11 Model prediction and experimental measurement of calcite zeta potential in the 
mixed brine of MgCl2/Na2SO4 (I=0.1M, 𝑷𝑪𝑶𝟐= 10-3.4 atm). These data are not included in 

the model parameter fitting. 

Additionally, the impact of CO2 partial pressure on calcite zeta potential for CO2 is 

important to consider since in applications such as miscible CO2 flooding, the CO2 partial pressure 

can go to 3000 psi (102.3atm). The zeta potential of calcite in I=0.1M different electrolyte solutions 

as a function of CO2 partial pressure is calculated using the presented model, shown in Figure 

3-12. Ionic strength of equilibrium solution can deviate dramatically from 0.1M when 
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𝑃 µ¶>10atm, as significant amount of CO2 dissolved in the brine.  At these conditions, the Debye 

length and slip plane distance are recalculated when converting surface potential to zeta potential. 

The trend shows different characteristics in low 𝑃 µ¶ (<1atm) region and high 𝑃 µ¶region. 

In the low 𝑃 µ¶	region, the sensitivity of calcite zeta potential in different brines to gas phase CO2 

is in the sequence of Na2CO3 > Na2SO4 > NaCl > MgCl2 > CaCl2 (all I=0.1M). Due to the high 

initial concentration of Ca2+ in I=0.1M CaCl2 solution, equilibrium [Ca2+] will be in a high level 

and equilibrium [CO32-] will be low invariant of the CO2 partial pressure. In this case, 

[>CaOH…Ca+1.25] is the major contribution to surface charge and is not sensitive to the variation 

of CO2 partial pressure. In I=0.1M Na2CO3 solution, the situation is different because the major 

species >CO3H…CO32- is strongly dependent on CO32- concentration. For the remaining cases of 

MgCl2, NaCl and Na2SO4 solution, the impact of CO2 partial pressure obviously depends on the 

significance of >CaOH…Ca+1.25 and >CO3H…CO3-1.25 contributions in the brine. For example, 

when 𝑃 µ¶=1atm, contribution of >CaOH…Ca+1.25 is 0.124 in I=0.1M Na2SO4 solution, while in 

I=0.1M NaCl it is 0.042 and it is 0.025 in I=0.1M MgCl2 solution. However, in the high CO2 partial 

pressure region (>1atm), the calcite zeta potential in different brines tends to converge to around 

10mV as the CO2 partial pressure keep increases.  
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Figure 3-12 Model prediction of calcite zeta potential in I=0.1M different electrolyte 
solutions as a function of CO2 partial pressure. 

    Species contribution analysis for calcite in I=0.1M NaCl is performed to understand the 

effect of 𝑃 µ¶ , shown in Figure 3-13. When 𝑃 µ¶ is low(<0.01atm), both net charge and the 

contribution of all surface species vary in a relatively small range. However, as 𝑃 µ¶increases, 

>CaOH…Ca+1.25 and >CO3H…HCO3-0.25 contributions have a dramatic rise simultaneously. At the 

same time, >CaOH-0.75 becomes more abundant than >CO3H+0.75 (𝑃 µ¶>0.25atm) and contributes 

to the decrease of calcite zeta potential. The change in >CaOH…Ca+1.25, >CO3H…HCO3-0.25 and 

>CaOH-0.75 contributions almost cancel each other out, resulting in the net charge of calcite only 

varying slightly when CO2 partial pressure changes. 
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Figure 3-13 Contribution analysis of charged surface species for calcite in I=0.1M NaCl 
under different CO2 partial pressure. The surface species making the major contributions 

are highlighted.  

 

3.4. Model Optimization for Various Ionic Strengths 

The SCM developed in Section 3.3 successfully fits all the measurement at 0.1M ionic 

strength. However, when the model is used to predict the synthetic calcite zeta potential over a 

wide salinity range, there is a significant discrepancy between the model prediction and 

experimental measurements for the low ionic strength range (0.01M~0.001M), as is shown in 

Figure 3-14.  Note that the zeta potential data in brines at various salinities (0.001M ~ 0.5M) are 

not included in the model parameter fitting. Instead, these data are only used to examine the 

accuracy of the model prediction of the model under various salinity conditions.  

To optimize the model in Section 3.3 for application over a wider range of salinities, we 

included the 11 new data in Figure 3-14 for the model parameter fitting, along with the previous 
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34 zeta potential data at 0.1M ionic strength, and re-fit the surface binding reaction equilibrium 

constants. After re-fitting, the model calculation becomes more accurate for the whole salinity 

range (Figure 3-15 and Figure 3-16) and some of the model parameters have changed slightly 

(maximum variation of logK = 0.24, see Table 3-3). 

 

Figure 3-14 Model prediction (before parameter optimization) of synthetic calcite zeta 
potential in brines at varying ionic strengths (air equilibration).  

 

Figure 3-15 Model prediction (after parameter optimization) of synthetic calcite zeta 
potential in brines at various ionic strengths (air equilibration). 
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Figure 3-16 Model prediction (after parameter optimization) of synthetic calcite zeta 

potential in brines at constant ionic strength 0.1M (air / pure CO2 equilibration).  

 

Table 3-3 Comparison between optimized and old model parameters 
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After the parameter optimization, the binding constants for most ions remain unchanged. 

However, IB(Ca2+), IB(CO32-) and IB(HCO3-) have variation, with the log10K value varying around 

0.16~0.24, indicating that the optimization with varying salinity data is essentially an adjustment 

of the contributions of Ca2+, HCO3- and CO32- for the calcite surface charge formation. Moreover, 

the relative magnitude for the same type of ions remains similar to the previous set of parameters. 

For example, IB (Ca2+) > IB (Mg2+), IB (CO32-) > IB (SO42-), IB (divalent) >> IB (monovalent). 

In sum, the binding constants for the same type of ions (valency, the sign of charge) are still 

negatively correlated with the hydrated radius of the ions. Therefore, the parameter optimization 

does not change any findings reported in the previous work. 

When ionic strength of MgCl2 brine increases from 0.001M to 0.3M, the zeta potential of 

synthetic calcite remains relatively constant in the measurement while the model predicts a 

slowly increasing trend (Figure 3-15). The zeta potential remains relatively constant due to the 

effects of two contrary factors: increasing positive surface charge and decreasing Debye length. 

Due to the increasing adsorption of strong potential determining ion Mg2+ when MgCl2 

concentration increases, the surface charge density σ increases. However, the Debye length 𝜅lS 

decreases due to the increasing ionic strength. The former factor contributes to increasing surface 

potential while the latter factor makes the surface potential decrease based on Grahame equation 

whose simplified expression for low potential cases (y0<25mV) is shown in Equation (3-2). σ is 

surface charge density. 𝜀 and	𝜀; are absolute permittivity and relative permittivity of water, 

respectively. 𝜅 is the reciprocal of the Debye length. 𝜓; is surface potential.  

σ = 𝜀𝜀;𝜅𝜓; Equation (3-2) 
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As a result of the two contrary factors, it is reasonable to observe the zeta potential (related 

to the surface potential with a constant coefficient independent of the ionic strength) being 

relatively constant when the ionic strength of MgCl2 brine increases. In the model calculation, the 

role of Mg2+ adsorption is slightly exaggerated therefore a slowly increasing trend is predicted. 

Similarly, for the case of increasing Na2SO4 ionic strength, the higher SO42- concentration 

contributes to the more negative zeta potential and the transition from positive value to negative 

value. However, the increasing ionic strength limits the magnitude of the negative zeta potential. 

When ionic strength of NaCl solution increases from 0.001M to 0.1M, the zeta potential of 

synthetic calcite decreases monotonically, as a result of the compression of electrical double layer. 

However, zeta potential of synthetic calcite greatly increases when ionic strength of NaCl brine 

increases from 0.1M to 0.5M, which is an indication of higher surface charge density because of 

cation adsorption. Otherwise, if the surface charge density has remained unchanged, the surface 

potential has to monotonically decrease due to the double layer compression at higher ionic 

strength based on Grahame equation. 

The contributions of Ca2+ and Na+ surface binding to the increasing surface charge of 

calcite need to be further investigated because either Ca2+ (present due to calcite dissolution) or 

Na+ adsorption can result in the increasing surface charge density. Therefore, the equilibrium Ca2+ 

concentration and the concentration of the two charged surface species, >CaOH…Ca+1.25 and 

>CaOH…Na+0.25, are calculated in PHREEQC. Moreover, a contribution analysis is performed for 

>CaOH…Ca+1.25 and >CaOH…Na+0.25 to determine which ion contributes more to the increasing 

surface charge.  
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The equilibrium Ca2+ concentration along with the contribution of >CaOH…Ca+1.25 and 

>CaOH…Na+0.25 are plotted in Figure 3-17. As the NaCl solution becomes more concentrated, the 

equilibrium Ca2+ concentration increases monotonically as a result of increasing calcite solubility. 

In the NaCl ionic strength interval where the calcite zeta potential increases (0.1M ~ 0.5M), the 

equilibrium Ca2+ concentration rises slightly from 0.8mM to 1.1mM. However, the contribution of 

>CaOH…Ca+1.25 decreases slightly in spite of the small increment of equilibrium c(Ca2+). This 

reduction of Ca2+ adsorption is due to the stronger electrostatic repulsion between the charged 

calcite surface and Ca2+ ion as the positive charge of calcite becomes stronger. Since the Na+ 

concentration increases more dramatically than Ca2+, the contribution of >CaOH…Na+0..25 

increases in spite of the stronger electrostatic repulsion. Such observation indicates that calcite zeta 

potential increases primarily due to Na+ adsorption when NaCl concentration increases from 0.1M 

to 0.5M.  

 

Figure 3-17 Equilibrium Ca2+ concentration and contribution of two important surface 
species, >CaOH...Ca+1.25 and >CaOH...Na+0.25. 

 



 81 

We further examine the impact of high concentration of Na+ on calcite surface charge 

formation (Figure 3-18) because a high concentration of Na+ (up to 5M) is relatively common as 

the formation brine for carbonate reservoirs. The purpose of such prediction is to help correlate 

the role of high salinity initial brine to the oil-wet properties of carbonates after contacting oil. We 

recognize that the electrical double layer may possibly collapse when the ionic strength is as high 

as 5M, therefore the value of zeta potential may be inaccurate, however, the surface charge density, 

calculated by the surface ion adsorption, can still provide important information about the calcite 

surface chemistry. Based on the model prediction, the surface charge density of synthetic calcite 

will dramatically increase, roughly an order of magnitude, when the NaCl concentration rises from 

0.1M to 5M. Even though sodium ions are not thought to influence surface charge when present 

at low concentrations, they should be considered as a weak potential determining ion, which can 

be influential if present at high concentrations, such as 5M. The significantly higher surface charge 

of calcite in 5M NaCl can result in greater attraction with the typically negatively charged oil, so 

the high salinity NaCl brine is expected to favor oil wetting the calcite. 

 

Figure 3-18 Model prediction of synthetic calcite surface charge and zeta potential in NaCl 
solutions at ionic strength up to 5M (air equilibration). 
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3.5. Conclusions 

The zeta potential of synthetic calcite in brines containing different PDIs (Mg2+, SO42-, 

Ca2+, CO32-) under 10-3.4 atm (400ppm) CO2 and 1atm CO2 are measured. The role of four major 

divalent ions that either naturally exist in carbonate reservoirs (Ca2+, CO32-) or enriched in seawater 

(Mg2+, SO42-) are investigated. The zeta potential of calcite can shift from positive to negative 

value when increasing the content of CO32- or SO42- in 𝑃 µ¶=10-3.4atm. However, when the system 

is equilibrated with 1atm CO2, even if the brine is Na2CO3 or Na2SO4 (I=0.1M) solution, the zeta 

potential of synthetic calcite does not become negative. 

A surface complexation model is proposed based on a generalized double layer model. Our 

model assumes that surface potential is equal to the potential at the substrate side of the diffuse 

layer. This model includes the effect of four divalent PDIs in carbonate reservoir thus can be useful 

for application of carbonate wettability alteration study. Compared to the previous SCM proposed 

by van Cappellen et al. 82 , Pokrovsky et al. 83 and Brady et al.84, our model parameters are derived 

from direct zeta potential measurements and therefore are more realistic. Compared to the SCM 

proposed by Heberling et al.78 , our model has included two additional yet very crucial PDIs: Mg2+ 

and SO42- and enhanced the robustness of the predictability to a wider range of ion concentrations. 

We confirm that the binding constants for divalent ions are at least one order of magnitude higher 

than those for monovalent ions, confirming the importance of divalent ions in determining calcite 

surface charge. 

The negative correlation between the surface binding equilibrium constants and the 

hydrated ionic radius for ions of the same charge is identified in the SCM. I have also proposed a 

new definition to quantify the contribution of charged specie. The use of the newly proposed 
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quantity contribution(i) is clearer and more intuitive than surface concentration when comparing 

the different ion’s contribution to the overall surface charge. According to the surface species 

contribution analysis, it is revealed that increasing SO42- content in the solution can effectively 

facilitate the adsorption of Ca2+ due to electrostatic interactions. High SO42- concentration can 

effectively reduce the positively charged surface species concentration and make the surface 

negatively charged.  

The role of CO2 partial pressure in the study of wettability alteration in carbonate reservoirs 

is also highlighted. The species that make the major contributions to the calcite surface charge 

vary under different CO2 partial pressures and the effect of CO2 partial pressure is not monotonic.  

The SCM is also applied to predict the zeta potential of calcite in high CO2 partial pressure 

up to 500atm (~7000psi) for possible applications in research of miscible CO2 flooding. Prediction 

reveals that the sensitivity of calcite zeta potential to 𝑃 µ¶differs in different electrolyte solutions 

in the order of Na2CO3 > Na2SO4 > NaCl > MgCl2 > CaCl2 (I=0.1M). However, in high 

𝑃 µ¶conditions (>1atm), the synthetic calcite surface remains positively charged in all considered 

brine solutions.  

The SCM is also optimized to improve accuracy over a wide range of ionic strengths (1mM 

~ 500mM) by parameter refitting. The model is then used to predict the surface charge of synthetic 

calcite in concentrated NaCl solutions (up to 5M) to reveal the role of high salinity in determining 

calcite wettability. A weak potential determining ion Na+, which is indifferent when present at low 

concentration (<0.1M), is found to dramatically increase the positive surface charge density of 

synthetic calcite and may result in oil-wetness of the calcite surface when contacting the oil phase.   
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Chapter 4 

Electrostatics of Carbonates in Brines Part II: 
Effect of Rock Impurities 

4.1. Abstract 

In this chapter, the optimized SCM in Section 3.4 is further extended to incorporate the 

impact of rock impurities on surface charge of carbonates. Zeta potentials of three natural 

carbonates— Iceland spar, Indiana limestone, “SME” rock from a middle east field— were tested 

in brines with divalent ions. Inorganic impurity silica (based on mineralogy measurement) as well 

as organic impurities (natural carboxylic acids) are considered. Eventually, the model is 

successfully extended to fit all zeta potentials of natural carbonates by adding surface 

complexation reactions for the silica site and considering carboxylic acid surface coverage 

percentage. Naphthenic acid (assumed to have 1 carboxylic group) and humic/fulvic acid (assumed 

to have 6 carboxylic groups) are tested in the model calculation as possible sources of surface 

impurities to demonstrate the effect of the number of carboxylic groups in the acid molecule. 

Finally, the effect of a humic acid pre-treatment on the zeta potential of synthetic calcite was 

investigated experimentally.  
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4.2. Methods 

4.2.1. Samples for Zeta Potential  

Natural minerals including Iceland spar (from Educational Innovations), Indiana limestone 

(from Kocurek Industries), and a carbonate mineral sample from a reservoir in the Middle East 

(“SME” rock) were tested in various brines in either closed system or open system with air 

equilibration. The natural minerals (Iceland spar, Indiana limestone, and SME rock) were also 

analyzed by EDX as was described in Chapter 2 to quantify the amount of inorganic impurities. 

Carbonate rock chips were crushed and grounded with a mortar and pestle for at least 1 

hour to obtain a fine powder (~1µm in diameter). The brines were prepared with 18.2MW•cm DI 

water and ACS grade electrolytes ≥99.0% including NaCl, NaHCO3, Na2CO3•H2O, CaCl2•2H2O, 

MgCl2•6H2O, and Na2SO4•10H2O. Three mixed brine solutions were tested: seawater (SW), 4x 

diluted seawater (4dSW), and 4x diluted seawater with 3x concentrated SO42- (4dSW3S). The 

composition of the mixed brines and single-electrolyte solutions is provided in Table 4-1. The 

solution pH at the equilibrium condition for each tested brine is also listed in Table 4-1. The rock 

solution consisted of 0.6 g ground rock powder in 75 mL brine to make up a 0.8 wt % dispersion. 

A Branson sonifier was used to sonicate the sample for 1 min to facilitate rock particle dispersion. 

All dispersions were assumed to reach phase equilibrium when the measured pH value matched 

that calculated by PHREEQC. All closed system samples were kept in a closed vessel in which air 

was evacuated. All open system samples were equilibrated with humidified air (400ppm CO2) by 

bubbling air into the dispersion. All the samples reached equilibrium within 2 days. Before 

measuring zeta potential, the samples were sonicated again with Branson sonifier to separate the 
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agglomerated particles. Then to obtain proper supernatant particle density for electrophoresis 

measurement, the rock particles were allowed to settle for 1 hour in the vessel.  

Table 4-1 Recipe of tested single electrolyte solutions and seawater-based brines 

 Ionic 
strength (M) Na+ (M) Ca2+ (M) Mg2+ (M) Cl- (M) HCO3- (M) SO42- (M) Eq. pH 

SW 0.657 0.460 0.013 0.045 0.526 0.002 0.024 7.4 (Ä) 

4dSW 0.164 0.1150 0.00325 0.01125 0.1315 0.0005 0.006 8.3 (Ä) 

4dSW3S 0.164 0.1025 0.00325 0.01125 0.0950 0.0005 0.018 8.3 (Ä) 

NaCl 0.1 0.1 - - 0.1 - - 8.3 (*) 

MgCl2 0.1 - - 0.033 0.066 - - 8.3 (*) 

Na2SO4 0.1 0.066 - - - - 0.033 8.4 (*) 

(Ä) The solutions were equilibrated with calcite in a closed system (no gas phase). 

(*) The solutions were equilibrated with calcite in an open system with air (400ppm CO2).  

 

4.2.2. Natural Poly-carboxylic Acid (Humic Acid) Adsorption  

Natural poly-carboxylic acids such as humic acid (HA) and fulvic acid in the soil are 

potential sources of organic impurities that can greatly affect the surface charge of natural 

carbonates. In order to investigate the impact of the natural poly-carboxylic acids, humic acid was 

extracted from a humus sample and used to study the effect of the humic acid adsorption on the 

surface charge of limestone. Indiana limestone samples with or without the pretreatment of humic 

acid were dispersed in the same brine. The zeta potential comparison between samples with and 

without humic acid pretreatment demonstrates the effect of adsorbed humic acid.  

Humic acid is chosen over fulvic acid as a candidate in the experiment because the 

extraction of humic acid from humus is much easier than that of fulvic acid. Obtaining fulvic acid 
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from the humus is challenging because of its high solubility in water regardless of the solution pH. 

However, both acids have multiple carboxylic groups which can strongly interact with the calcite 

surface via electrostatic interactions. Humus, from Florida peat, was used as the source material. 

The procedures in the work of Wan, et al.113 was used to extract the humic acid from the humus. 

Briefly, 0.3 M NaOH solution was added to humus substrate at the liquid/solid ratio of 15 mL/g. 

The dispersion was mixed on an orbital shaker for 48 hours. The undissolved fraction was 

discarded after centrifuged. The supernatant was collected, and the pH was adjusted to 1~2 using 

6 N HCl. The dispersion sample was allowed to reach equilibrium overnight. Then, the precipitate 

was collected through vacuum filtration and washed with DI water to remove excess HCl as well 

as NaCl. The precipitate was dried at 85°C overnight and weighted. The dry humic acid powder 

was then dissolved in NaOH solution. 1N HCl was then added to adjust to neutral pH. 19g/L humic 

acid (HA) concentrate solution was then prepared. The concentrate was then diluted in 0.5% NaCl 

to prepare a 2000ppm humic acid (HA) solution.  

For adsorption experiments, 0.25g synthetic calcite powder was mixed with 20 mL of either 

a 2000ppm HA solution or DI water (control sample). The sample was sonicated using Branson 

probe sonifier and then placed into a stainless-steel vessel for aging in 90oC for 1 day. The high 

temperature facilitates faster adsorption of humic acid onto the mineral surface. Afterwards, the 

treated calcite powder was separated from the solution by centrifuge and then transferred into a 

centrifuge tube for cleaning. Each time, a 15mL DI water was added to the tube and the rock 

powder was dispersed by vortex mixing. Then the rock was separated by centrifuging and cleaned 

with another 15mL fresh DI water. After four rounds of DI water cleaning, the DI water was clear 

and colorless after the rock was separated. Then, the rock was dried in 90oC before it was used for 

zeta potential measurement. Finally, 0.2g pre-treated synthetic calcite powder (pretreated with 
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humic acid or DI water) was dispersed in 20mL 4dSW3S brine (composition see Table 4-1) for 

zeta potential measurement. The brine was pre-equilibrated with calcite in advance in a closed 

vessel without air for 3 days, ensuring that the pre-treated calcite was equilibrated with the brine. 

4.3. Results and Discussions 

The zeta potentials of several natural carbonates including Iceland spar, Indiana limestone 

and SME rock are compared with synthetic calcite (see Figure 4-1 and Figure 4-2). The samples 

for data represented in Figure 4-1 are prepared in 0.1M brines in an open system (400ppm CO2 

equilibration) and in Figure 4-2 are prepared in seawater-based brines in a closed system. As 

shown, the Iceland spar has almost an identical zeta potential as synthetic calcite in all brines while 

for Indiana limestone and SME rock have a much more negative zeta potential compared with 

synthetic calcite, as previously reported in the literature86. 

 

Figure 4-1 Zeta potential of synthetic calcite and natural carbonates in various I=0.1M 
brines in an open system (air with 400ppm CO2) 
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Figure 4-2 Zeta potential of natural carbonates in seawater-based brines in a closed system 

Since the Iceland spar surface is expected to be free of impurities, the model accurately 

predicts the zeta potential of the mineral in all tested brines (Figure 4-3). However, there is a 

significant gap between the experimentally measured zeta potential of natural carbonates (Indiana 

limestone/SME rock) and the SCM, which can be attributed to the presence of impurities on the 

surface of natural minerals.  

 

Figure 4-3 Comparison of the zeta potential measured experimentally and determined 
via the SCM for Iceland spar in various brines. 
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In order to determine if the negative charges on natural carbonates come from inorganic 

compounds, such as silica, or from the adsorbed organic contaminants, such as carboxylate acids, 

EDX analysis is performed. The EDX results, given in Table 4-2, show that the inorganic impurity 

is primarily silica in the two tested natural carbonates (Indiana limestone and SME rock). The 

silica impurity surface reactions reported by Buckley, et al.6 and Brady, et al. 114 are added into the 

model (Table 4-3). The silica surface site density is 2.3 sites/nm2. The surface area (m2/g total 

solid) is assumed to be the surface percentage of silica (from EDX) multiplied by the calcite surface 

area (3m2/g). The following assumptions are also made to the SCM: (1) inorganic impurities other 

than silica are assumed to be negligible, which is reasonable for the tested minerals based on the 

EDX analysis (2) the magnesium ions on the mineral surface has the same binding constants as 

the calcium ions, so that the binding constants for MgCO3 is set to be identical to those determined 

for CaCO3. This will be valid when the quantity of magnesium ions on the surface is insignificant. 

After these simplifications, the surface composition of the natural minerals for the SCM is listed 

in Table 4-4. 

Table 4-2 Surface elemental composition of the tested natural carbonates by EDX 

Component 
Molar fraction (%) 

Iceland spar Indiana limestone SME rock 

CaCO3 >99.9 93.0 86.7 
SiO2 <0.1 3.8 2.6 

MgCO3 <0.1 1.0 9.7 
BaCO3 <0.1 0.5 0.4 
Fe2O3 <0.1 0.3 0.2 
Al2O3 <0.1 0.3 0.3 
Others <0.1 1.1 0.1 
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Table 4-3 Additional silica impurity surface reactions 

Surface reactions Equilibrium constants (log10K) 

>SiOH = >SiO- + H+ -4.0 6 

>SiOH + Ca2+ = >SiOCa+ + H+ -9.7 114 

 

Table 4-4 Simplified natural carbonate surface composition for modeling 

mol % Indiana limestone SME rock 

CaCO3 96% 97% 

SiO2 4% 3% 

 

If we only consider the inorganic silica impurities, the SCM calculation does not match the 

measured zeta potential of Indiana limestone or the SME rock. Figure 4-4 is an example of model 

calculation results for Indiana limestone (~4% silica) in 0.1M NaCl brine (air equilibration). By 

considering the presence of silica impurity, the zeta potential of the calcite surface decreases 

slightly, but remains positive, which does not model the measured result of Indiana limestone. 

Therefore, the presence of organic impurities, especially adsorbed carboxylic acids, must be taken 

into account. 

 

Figure 4-4 Comparison between model calculation (if only silica is included) and 
measurement of Indiana limestone zeta potential in I=0.1M NaCl (400ppm CO2) 
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To include organic impurities, a certain surface coverage of adsorbed carboxylic acids is 

assumed. No desorption reaction is considered in the SCM because the zeta potential of natural 

carbonates is typically quite stable, irrespective of how many times the rock power is washed with 

water. The adsorbed carboxylic acid is assumed as A-n where the n is the number of carboxylic 

groups in one acid molecule. The contaminated surface sites are >CO3H… A-n+0.25, as previously 

described. Therefore, if the acid A is a monocarboxylic acid, such as naphthenic acid, the 

contaminated sites are >CO3H… A-0.75. If the acid A is a poly-carboxylic acid, for example, fulvic 

acid or humic acid (assumed to be n=6), which is abundant in the soil and can potentially alter 

calcite surface charge significantly, the sites are >CO3H… A-5.75. The molecular structures from 

the literature115–117 for all acids are shown in Figure 4-5. Both the cases of n=1 and n=6 are 

considered in the SCM to demonstrate the role of the number of carboxylic groups. Both the 

naphthenic acid (from crude oil) and humic acid/fulvic acid (from soil) are possible sources of 

organic impurities for the natural carbonates, so they are taken as the examples. The carboxylic 

group number n=6 is chosen based on the hypothesized model fulvic acid structure in Figure 4-5. 

It is important to note that in reality both fulvic acid and humic acid are mixtures and may have 

carboxylic group numbers that vary. The surface coverage percentage (of >CO3H +0.25) is the 

adjustable parameter in the model to fit the zeta potential in all six brines (one parameter 

determined with a six data point fitting). The surface coverage percentage is determined 

independently for Indiana limestone and SME rock. The inorganic silica impurities are also 

included in the SCM, as described previously. 
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Figure 4-5 Model structure of naphthenic acid, humic acid and fulvic acid in the 

literature115–117 

With the consideration of both inorganic silica and organic carboxylic acid impurities, the 

SCM successfully matches the zeta potential measurements for both Indiana limestone and SME 

rock. However, the required organic impurity coverage percentage varies depending on whether 

naphthenic acid (n=1) or fulvic/humic acid (n=6) is chosen as the impurity source (Table 4-5).  
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Table 4-5 Summary of all surface species site densities for both tested rocks 

rock type organic impurity source (assumption) 
fulvic/humic acid (n=6) naphthenic acid (n=1) 

Indiana 
limestone 

CaCO3 (96%) 
      >CaOH-0.75     4.95 nm-2 
      >CO3H+0.75     4.80 nm-2 (96.9%) 
      >CO3HA-5.25   0.15 nm-2 (3.1%*) 

 
SiO2 (4%) 
      >SiOH            2.3 nm-2 

CaCO3 (96%) 
      >CaOH-0.75     4.95 nm-2 
      >CO3H+0.75     3.99 nm-2 (80.6%) 
      >CO3HA-0.25   0.96 nm-2 (19.4%*) 

 
SiO2 (4%) 
      >SiOH            2.3 nm-2 

SME rock CaCO3 (97%) 
      >CaOH-0.75     4.95 nm-2 
      >CO3H+0.75     4.56 nm-2 (92.1%)  
      >CO3HA-5.25   0.39 nm-2 (7.9%*)  

 
SiO2 (3%) 
      >SiOH            2.3 nm-2 

CaCO3 (97%) 
      >CaOH-0.75     4.95 nm-2 
      >CO3H+0.75     2.52 nm-2 (51.0%)  
      >CO3HA-0.25   2.43 nm-2 (49.0%*)  

 
SiO2 (3%) 
      >SiOH            2.3 nm-2 

*Surface coverage (%) of the organic impurity (>CO3HA-x), the model parameter for fitting 

Figure 4-6 and Figure 4-7 summarize the calculation results for Indiana limestone and 

SME rock under the assumption that fulvic/humic acid (n=6) is the impurity source. With this 

carboxylate acid, the >CO3HA-5.25 surface coverages are 3.1% and 7.9% for Indiana limestone and 

SME rock, respectively. Figure 4-8 and Figure 4-9 summarize the calculation results when 

assuming naphthenic acid (n=1) is the impurity. With naphthenic acid, the > CO3HA-0.25 surface 

coverages are 19.4% and 49.0% for Indiana limestone and SME rock, respectively. When the 

adsorbed carboxylic acid has multiple carboxylic groups, less surface coverage is required to reach 

the same negative charge. Comparing SME rock and Indiana limestone, the impurity coverage for 

the former is higher than the latter, possibly due to the previous exposure of the SME rock to more 

diverse and strongly binding organic impurity sources within the reservoir, compared with Indiana 
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limestone, which is a carbonate outcrop. Moreover, the fitting for the Indiana limestone is better 

than that for the SME rock, which can be explained by fewer magnesium ions on the mineral 

surface of Indiana limestone. The assumption that the surface magnesium sites are identical to 

calcium sites affects the model accuracy more significantly when the magnesium content is higher. 

 

Figure 4-6. Comparison between model prediction and experimental measurement 
for Indiana limestone zeta potential in brines, assuming 3.1% fulvic/humic acid coverage. 

 

Figure 4-7. Comparison between model prediction and experimental measurement 
for SME rock zeta potential in brines, assuming 7.9% fulvic/humic acid surface coverage. 
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Figure 4-8. Comparison between model prediction and experimental measurement for 
Indiana limestone zeta potential in brines, assuming 19.4% naphthenic acid coverage. 

 

 

Figure 4-9. Comparison between model prediction and experimental measurement 
for SME rock zeta potential in various brines, assuming 49.0% naphthenic acid coverage. 
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Such model calculation demonstrates the possibility of fitting the zeta potential of natural 

carbonates by considering the surface organic impurity coverage.  The assumption that a single 

type of carboxylate acid is present on the mineral surface is inaccurate. In reality, a mixture of 

several different carboxylic acids with different carboxylic groups should be present on the natural 

carbonate surface. However, the calculations based on this SCM successfully provides a basis for 

accounting for the zeta potential discrepancy between synthetic calcite and natural carbonates.  The 

SCM also provides an estimated range for the organic impurity surface coverage. Moreover, the 

relative significance of inorganic impurity and organic impurity on wettability alteration are well 

delineated. The organic impurities are found to be more important than the inorganic impurities 

for explaining the negative zeta potential measurements of natural carbonates. 

In order to further validate the importance of organic impurities on the zeta potential of 

carbonates, a model system is designed with synthetic calcite and a carboxylic acid.  Humic acid, 

extracted from a humus sample, is used as the model carboxylic acid. Humic acid is chosen over 

fulvic acid because it is soluble in basic solutions, but insoluble in acidic solutions, making it easier 

to extract from the humus. Note that other naturally existing organics with carboxylic groups are 

also possible sources of surface organic impurities for carbonates. Depending on the source of a 

particular carbonate rock sample, the primary organic impurities will be different. Naphthenic acid 

and asphaltene instead of humic acid/fulvic acid may be the primary source of impurities in the 

cases of oil reservoir rocks. Synthetic calcite samples were pre-treated in a 2000 ppm humic acid 

solution or DI water (as a control) at 90oC for a day for investigating the effect of humic acid 

adsorption. After the pre-treatment, the rock powder was cleaned with DI water several times and 

dried before use, as previously described in Section 2.3. The humic acid treated calcite turned dark-

yellow while the DI water treated calcite remained white (Figure 4-10). The dark yellow color 
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remained even after several rounds of water cleaning and sonication, indicating humic acid 

adsorption on the calcite surface.  

 

Figure 4-10 Synthetic calcite after treatment of 2000ppm humic acid solution or DI water 
for a day at 90oC 

Zeta potentials of the treated synthetic calcite samples are measured in 4dSW3S brine in a 

closed system without air contact. The results along with the comparison to other two natural 

carbonates are summarized in Figure 4-11. Pre-treating the synthetic calcite sample with 2000ppm 

humic acid solution is shown to drop the zeta potential significantly, from +5mV to -19mV, in 

modified diluted seawater (4dSW3S). The adsorption of humic acid makes the synthetic calcite 

surface even more negatively charged than the other two natural carbonates, potentially because 

of higher surface coverage of humic acid on the calcite after the treatment with concentrated humic 

acid solution. Note that the humic acid adsorbs onto the rock surface during the pretreatment and 

the zeta potential is measured in a humic-acid-free solution so the more negative zeta potential is 

a direct evidence of humic acid adsorption and demonstrates its ability to alter the surface charge 

of carbonates. Moreover, the surface complexation model successfully predicts the zeta potential 
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of the control sample (DI water treated) even though this data is not included for any parameter 

fitting. The SCM is also used to calculate the surface coverage of humic acid for the 2000ppm HA 

treated synthetic calcite. The HA surface coverage for the 2000ppm HA treated calcite is 21.5%, 

much higher than that for the other two natural carbonates.  

 

Figure 4-11 Zeta potential of pre-treated synthetic calcite (in HA or DI water) and two 
natural carbonates in 4dSW3S in a closed system. The SCM prediction is also provided.  

 

4.4. Conclusions 

The extended SCM successfully fits the zeta potential of natural carbonates (Indiana 

limestone, SME rock and Iceland spar) in all tested brines by including the inorganic (silica) 

impurity surface reactions and the organic carboxylic acid surface coverage. The roles of inorganic 

impurity and organic impurity are demonstrated quantitatively by modelling. Inorganic impurities 

alone cannot explain the significant gap between the zeta potential between synthetic calcite and 

natural carbonates. The organic impurity coverage has to be considered. The surface coverage 
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percentage of organic acid for each mineral is a function of the number of carboxylic groups in the 

acid molecule. Both naphthenic acid (assuming 1 carboxylic group) and fulvic acid (assuming 6 

carboxylic group) are possible sources of surface impurity and both of them are tested as model 

organic impurity in the SCM. Our SCM successfully fits all 63 zeta potential data of four different 

carbonate materials (synthetic calcite, Iceland spar, Indiana limestone and SME rock) in a wide 

range of ionic strengths (0.001M~0.5M) brines with divalent ions.  

The adsorption of humic acid on synthetic calcite surface and its effect on altering the zeta 

potential were also validated by experiments. Synthetic calcite pre-treated with humic acid was 

shown to be more negatively charged compared to the control sample in the same brine (4dSW3S, 

a modified diluted seawater). The presented SCM is a helpful tool for understanding the carbonate 

wettability and such model that works for both synthetic calcite and natural carbonates has not yet 

been reported. 
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Chapter 5 

Wettability Alteration in “Smart water” Part I: 
Effect of Brine Chemistry 

5.1. Abstract 

In this chapter, the effect of “smart water” composition, especially Mg2+, SO42- and salinity, 

on carbonate wettability alteration is evaluated by both contact angles and spontaneous imbibition. 

A model oil with added naphthenic acid (“AN1.5MO”) was used throughout this chapter for 

wettability studies.  

In the contact angle investigation, Iceland spar plate was used as the model carbonate rock. 

The Iceland spar plates became strongly oil-wet after oil aging in AN1.5MO. Contact angles of 

the oil-wet plates were measured again after treatment of different “smart water” to evaluate the 

wettability alteration. However, reproducibility of the ACA measurement was poor for Iceland 

spar plates after “smart water” treatment. Therefore, core-level average wettability measurements, 

such as spontaneous imbibition and Amott-Harvey wettability index, were used to characterize 

wettability alteration.  

In the spontaneous imbibition investigation, Indiana limestone core was used as the model 

carbonate rock. Several single-electrolyte-based and seawater-based low salinity brines were 
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tested by spontaneous imbibition test. Rock/brine and oil/brine zeta potentials were measured, and 

the electrostatic component of disjoining pressure was calculated to understand the role of 

electrostatics in the wettability alteration process. Surface concentration of charged species on 

Indiana limestone surface is also analyzed based on the SCM developed in Chapter 4.  

5.2. Methods 

5.2.1. Contact Angle Measurement 

Iceland spar, a type of transparent natural calcium carbonate crystal, was chosen as the 

model carbonate surface in this study. The Iceland spar plate was carefully polished by 600 grit 

and 1200 grit sandpaper to minimize the effects of surface roughness on contact angle 

measurement and remove the possible adsorbed surface-active components on the surface. During 

the polishing, the sandpaper and Iceland spar plate were immersed in flowing deionized water to 

make sure the fresh calcite surface was immediately hydrated. After the polishing, the plate was 

stored in initial brine, which mimics high salinity formation brine in reservoir. The initial brine 

was chosen as 5M NaCl solution to mimic the ionic strength (I=5M) of a targeted formation brine 

from the Middle East. However, Ca2+ and Mg2+ from the ADNOC formation brine were replaced 

by Na+ in order to achieve a simpler model system and exclude the impacts of potential 

determining ions Ca2+ and Mg2+ on wettability alteration process.  

A model oil composed of 87% (vol%) dodecane (Sigma-Aldrich, ≥99%) and 13% (vol%) 

toluene (Sigma-Aldrich, ≥99%) with added naphthenic acid (Sigma-Aldrich, AN=230) was used 

to mimic the crude oil. The dodecane represents the long chain saturates and the toluene represents 

the aromatic compounds. Naphthenic acid was added to the base model oil (“MO”) to get an oil 
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with total acid number (TAN)=1.5mg KOH/g. The oil with naphthenic acid was abbreviated as 

“AN1.5MO”. TAN was confirmed to be 1.5 mg KOH/g oil by an acid number titration. Another 

model oil “AN5.0MO”, which was prepared by adding naphthenic acid to base MO to achieve 

TAN=5.0 mg KOH/g, was also used in the preliminary testing.  

The Iceland spar plates were initially strongly water-wet. Cleanness of plates were 

examined by testing RCA and ACA using base MO and DI water. Both RCA and ACA should be 

less than 10°. The plates were each oil-aged in individual stainless-steel vessel with Teflon liner. 

The calcite plate was put vertically in the Teflon liner, immersing in the oil (~30mL). A few drops 

of initial brine 5M NaCl was present at the bottom of the Teflon liner as the brine reservoir to 

prevent the desiccation of chemically-bond water film on the plate. The vessel was put in the oven 

in 120oC for 2 weeks for oil aging.  

After the oil aging, the plate was soaked in cyclohexane for 1hr to clean the bulk oil but 

keep the adsorbed surface-active components on the plate118. Cyclohexane evaporated quickly 

right after getting the plate out of the cyclohexane bottle. Without the cyclohexane treatment, a 

thick layer of oil would be present and the contact angle will not reflect the surface energy of the 

plate.119 The RCA and ACA after oil aging were then measured using the targeted oil in the 5M 

NaCl solution that was pre-equilibrated with calcite powder, the oil and air (4 phases equilibrium 

brine). The brine for conducting contact angle measurement should be in equilibrium with calcite 

and the oil phase to avoid calcite dissolution or change of interfacial tension during measurement. 

The brine was also equilibrated with air to avoid change of pH during measurement since the 

measuring cell was open to air. Note that the air equilibration was not necessary if a closed 

measuring cell was available. Moreover, the pH of brines without CO32- has been found to be 

almost identical for oil/rock/brine equilibration and oil/rock/brine/air equilibration. To prepare the 
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4 phases equilibrium brine, the brine and the oil (1:2 vol/vol) were added into a bottle with small 

pieces of Iceland spar at the bottom. An air pump was used to keep bubbling air to the bottom of 

the bottle in a very slow rate. The brine was ready to use after the pH was constant, which could 

take 2~5 days. After the measurement, the plates were soaked in cyclohexane for 2min to remove 

the small amount of oil introduced by the contact angle measurement. Then the plates were aged 

in different designed brines for 2 weeks in 120oC. After the brine aging, the wettability was 

examined again by contact angle measurements in the designed “smart water”. The testing brine 

was in equilibrium with calcite, the oil and air. 

5.2.2. Spontaneous Imbibition Test 

The model oil “AN1.5MO” introduced in previous section was also used in the 

spontaneous imbibition test. Indiana limestone was used as the representative of carbonate 

minerals. Seven Indiana limestone cores (supplied by Kocurek Industries) of 1-inch length and 1-

inch diameter were selected for the spontaneous imbibition tests. The permeability was reported 

as around 50mD by the supplier. The permeability of another Indiana limestone core from the 

same batch was measured as 58mD from the flow experiments, which was close to the reported 

value. The elemental composition of the core surface is provided in Table 4-2. Anhydrite presence 

in the rock sample is negligible so the effect of SO42- from core material on wettability alteration 

is excluded90.   This was confirmed by equilibrating 20mL 1% wt. NaCl solution with 0.5g crushed 

Indiana limestone powder for a week and then testing the supernatant by ICP-OES.  Sulfate was 

found to be below the detection limit in the brine. 

The procedures for core preparation and spontaneous imbibition have been introduced in 

Chapter 2. Indiana limestone cores were saturated with the same initial brine and the same oil. 



 105 

After restoring the oil-wetness of the cores, they were first tested in the initial brine until oil 

recovery was stable for at least 5 days. Then, different “smart water” were tested in the secondary 

or tertiary mode. 

A 5M NaCl solution, having the same ionic strength as a formation brine from a Middle 

East carbonate reservoir, was used as the initial brine to saturate the cores before oil saturation. 

Neither Ca2+ nor Mg2+ was added to the initial brine so that the individual role of the divalent ions 

and salinity could be investigated separately in diluted brines.  

Several series of “smart water” were tested after the initial brine testing. Seawater-based 

brines include: 4x diluted seawater (“4dSW”), 4x diluted seawater with 3x concentrated SO42- 

(“4dSW3S”), 4x diluted seawater depleted in SO42- (“4dSW0S”), and 4x diluted seawater depleted 

in Mg2+ (“4dSW0Mg”). Single-electrolyte brines are were tested. The purpose was to examine the 

effect of double layer expansion without introducing divalent ions and to identify the individual 

role of each potential determining ion. The recipes of all brines are provided in Table 5-1.  

All the brines were pre-equilibrated with calcite rock powder and AN1.5 MO (vol/vol =1:1) 

for a week in advance until the solution pH was constant. During the pre-equilibration process the 

rock was not in direct contact with the oil phase therefore the naphthenic acid in the oil would not 

be depleted by adsorption onto the rock powder. The purpose of pre-equilibration was to avoid 

rock dissolution and acid desorption from the rock surface due to exposure of fresh brines to the 

rock. Moreover, the pH was constant during the imbibition test if the brine was pre-equilibrated. 

All brine samples were prepared without air contact and equilibration was done in a closed vessel. 
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Table 5-1 Recipe of the tested brines (before equilibration) and their equilibrium pH  

Name 
Ionic strength 

(M) 
Na+ 

(mM) 

Ca2+ 

(mM) 

Mg2+ 

(mM) 

Cl- 

(mM) 

HCO3- 

(mM) 

SO42- 

(mM) 
pH* Group 

5M NaCl 5.000 5000 0 0 5000 0 0 8.0 Initial brine 

4dSW 

0.164 

 

115.0 3.25 11.25 131.5 0.5 6 7.5 

Seawater 

based 

4dSW3S 102.5 3.25 11.25 95.0 0.5 18 7.4 

4dSW0S 121.0 3.25 11.25 149.5 0.5 0 7.4 

4dSW0Mg 148.8 3.25 0 142.8 0.5 6 7.6 

LowSal NaCl 164 0 0 164 0 0 7.8 
Single 

electrolyte 
LowSal Na2SO4 109 0 0 0 0 55 7.7 

LowSal MgSO4 0 0 41 0 0 41 7.7 

* The brine pH was measured after the brine was equilibrated with calcite and AN1.5MO (1:1 
vol/vol). The same equilibrated brines were used in the imbibition test. 

The porosity (𝜙), initial oil saturation (Soi) and the testing brine sequence for the nine cores 

(A~I) are summarized in Table 5-2. 

Table 5-2 Summary of experimental design of the spontaneous imbibition tests 

# 
𝜙 

(%) 
Soi 

(%) 

Initial 
brine 

Oil Testing brine sequence Purpose 

A 16 81 

5M 
NaCl 

 
AN1.5 

MO 
 

5M NaCl à 4dSWà 4dSW3S Effect of  
Mg2+and SO4

2- 
(seawater based) 

B 17 83 5M NaCl à 4dSW0S 
C 18 85 5M NaCl à 4dSW0Mg 
D 16 78 5M NaCl à LowSal NaCl à LowSal Na2SO4 Effect of 

Na+, Mg2+and SO4
2- 

(single electrolyte) 
E 17 81 5M NaCl à LowSal Na2SO4 
F 17 86 5M NaCl à LowSal MgSO4 
G 17 79 5M NaCl à LowSal NaCl 

Reproducibility 
(repeat) 

H 17 78 5M NaCl à I=0.4M NaCl à LowSal NaCl 
I 17 85 5M NaCl à LowSal MgSO4 
J 17 83 MO 

5M NaCl 
Amott-Harvey 

wettability index K 16 81 
AN1.5

MO 
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Due to the dissolution of calcite, Ca2+ is present in all the equilibrated brines even though 

no calcium salt is added in most of the brines. Ca2+ is one of the most important potential 

determining ions in a calcite system, therefore, the Ca concentration in most tested brines was 

measured by ICP-OES to monitor possible variation of Ca level after switching brines.  

 

5.2.3. Amott-Harvey Wettability Index 

To quantify the initial wettability of Indiana limestone core and its wettability after oil 

aging in AN1.5MO, Amott-Harvey wettability index (IA-H) was measured for two Indiana 

limestone cores (J and K) using 5M NaCl brine. Core J (𝜙=17%, Soi=83%) was saturated with MO 

without any oil aging step. Core K (𝜙=16%, Soi=81%) was saturated with AN1.5MO and then 

aged in AN1.5MO for 2 weeks at 120oC, the same as core A~I. The tested oil is MO for core J and 

is AN1.5MO for core K. The tested brine is 5M NaCl for both cores. 

5.2.4. Zeta Potential Measurement 

To analyze the role of electrostatic interaction in determining the rock wettability, both 

oil/brine and rock/brine zeta potential were measured in various brines. The brines used to prepare 

the rock/brine and oil/brine dispersion were first allowed to equilibrate with the AN1.5MO and 

the Indiana limestone rock (3 phases equilibration) for 1 week until the pH of the brine was stable. 

The container for the sample could be treated as a closed system because the brine was filled up 

to the brim leaving practically no air space in the bottle. Then the brine was extracted and filtered 

through a 0.5-micron stainless steel filter. The same equilibrated brine was used for preparing both 

rock/brine and oil/brine dispersion (Figure 5-1).  
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Figure 5-1 The schematic of three phase equilibration for brines 

Ground Indiana limestone powder (0.2g) and equilibrated brine (25 mL) were mixed to 

obtain 0.8 wt.% sample for rock/brine zeta potential measurement. A sonifier (Branson) was used 

to sonicate the sample for 1 minute to facilitate powder dispersion. After sonication, the big 

particles were allowed to settle down for 1 hour. Then the supernatant was extracted for the 

measurement.  

AN1.5 model oil (25µL) and equilibrated brine (25mL) were mixed to prepare the 

dispersion for oil/brine zeta potential measurement. A sonifier (Branson) was used to sonicate the 

sample for 30 seconds to facilitate oil dispersion. After sonication, a period of 1 hour was given to 

allow the oil droplet density to decrease to a proper level for the zeta potential measurement.  

 

5.2.5. Surface Complexation Modeling 

To probe the concentration variation of surface charged species in different brines, the 

carbonate surface complexation model (SCM) previously introduced in Chapter 4 is adopted to 

model the Indiana limestone rock. Modeling procedure will not be discussed in detail as it is 
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available in the previous chapter. However, in this chapter, the rock/brine zeta potentials are 

measured in brines pre-equilibrated with the acidic AN1.5MO in order to represent the actual brine 

chemistry in the spontaneous imbibition test. Therefore, the solubility of naphthenic acid in the 

brines must be considered in the SCM. The dissociation constant (pKa) for naphthenic acids can 

vary depending on their origins. Several literature work report pKa between 3.9~5.0 for naphthenic 

acids based on titration curves120,121. Therefore, a model naphthenic acid whose pKa =4.8 is 

assumed in the calculation to account for the impact of acid solubility on the pH of equilibrated 

brines. Small amount of naphthenic acid is added to the brine (in modeling) so that the brine pH 

after equilibration is equal to the measured pH (7.7~8.0). Based on calculations, 0.8~3.3mM model 

naphthenic acid is needed to account for the naphthenic acid partitioning depending on the specific 

brine. Note that the calculation is not sensitive to pKa of naphthenic acid as long as pKa < 7.7 

because the added acids will almost completely dissociate in the tested brines if pKa < 7.7. The 

calculated zeta potential and calcium concentration from SCM are compared to the actual 

measurements to check the validity of model. Finally, the concentrations of surface charged 

species are analyzed to provide insights on wettability alteration. 

5.3. Efforts in Contact Angle Measurement 

The contact angles of Iceland spar plates after oil aging for 2 weeks are shown in Figure 

5-2. The model oil with surface active component, naphthenic acid, successfully make the Iceland 

spar surface strongly oil-wet after oil aging. Average RCA and ACA in Figure 5-2 are based on 9 

oil drops from 4 plates for the AN5.0MO case and 12 oil drops from 4 plates for the AN1.5MO 

case. The RCA is 116±29° after aging in AN1.5MO and is 164±5o after aging in AN5.0 oil. For 

both cases, the ACA is higher than 170o, which indicates strongly oil-wet behavior during water 
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advancing processes such as water flooding. Note that the contact line is not successfully moved 

for ACA measurements of the AN1.5MO case. However, the contact angle reaches 178° even 

though the drop is pinned, indicating the surface is strongly oil-wet. The strong oil-wetness is a 

starting point for the study of wettability alteration by designed “smart water”.  

 

Figure 5-2 Summary of calcite contact angles in 5M NaCl brine after oil aging in AN1.5MO 
or AN5.0MO for 2 weeks in 120oC 

AN1.5MO is selected for further wettability study because oil aging in AN1.5MO can 

successfully alter the wettability and TAN=1.5 is more realistic than TAN=5.0 for crude oils from 

Middle East reservoirs. The oil-wet plates are then treated in “smart water” for 2 weeks in 120°C. 

The contact angles after brine treatment are shown in Figure 5-3. The four oil-wet calcite plates 

are previously aged in AN1.5MO and then treated with four different designed brines for 2 weeks 

in 120 oC. The plate treated with 5M NaCl is the control sample to demonstrate that wettability 

alteration only happens in low salinity brines. No dramatic change of neither receding nor 

advancing contact angle is observed for the control sample. However, both RCA and ACA 
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decrease if the oil-wet plates are aged in low salinity designed brines (I=0.164M for all low salinity 

brines). The oil-wet calcite surfaces are altered to be neutral-wet in terms of ACA. Particularly, in 

the case of using LowSal Na2SO4 solution as the brine, the RCA decreases to less than 30o and the 

ACA decreases to less than 90o. This dramatic alteration may be due to the alteration of 

electrostatic interaction between oil/rock in the presence of Na2SO4. In the I=0.164M Na2SO4 

solution, the Iceland spar surface becomes negatively charged, resulting in repulsion between 

absorbed carboxylic group and calcite surface and release of the adsorbed naphthenic acid 

molecule. This result confirms the important role of electrostatic interaction in wettability 

alteration induced by low salinity designed brines.  

However, the standard deviation for measured contact angles are extremely high. The error 

bar of ACA is close to 30° for the case of testing 4dSW and LowSal Na2SO4 (when averaging 

three measurements). To test the reproducibility of contact angle measurements, another batch of 

oil-wet calcite plates is prepared in the exact same way and then tested in various low salinity 

“smart water”. The RCA and ACA for the second batch is shown in Figure 5-4. 

 



 112 

 

Figure 5-3 Summary of calcite contact angles in different brines after brine treatment for 2 
weeks in 120oC (batch 1). 

 

 

Figure 5-4 Summary of calcite contact angles in different brines after brine treatment for 2 
weeks in 120oC (batch 2). Reproducibility of results is poor. 
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The RCA of three plates after oil aging is 103±24° in the second batch, which is reasonably 

similar to the results from the first batch. The ACA after oil aging is higher than 170°, the same as 

the first batch. However, contact angles after the “smart water” treatment cannot be reproduced in 

the second batch. Treatment in LowSal Na2SO4, initially identified as an effective “smart water” 

from the first batch, fails to reduce the ACA in the second batch. The ACA is higher than 150° 

(exact value cannot be successfully measured) after treatment in LowSal Na2SO4. Moreover, the 

RCA (57±26°) is also much higher than that in the first batch (21±4°).   

The poor reproducibility of contact angle measurements may be relevant to the significant 

heterogeneity of the calcite surface after the oil aging and “smart water” treatment. A visually 

heterogenous deposition layer of naphthenic acid is usually observed after the oil aging of calcite 

plates. Such deposition layer becomes thinner, but also more heterogenous, after typical “smart 

water” treatments. Therefore, the adjacent spots on the plate may have significantly different 

wettability, resulting in large error bar for the contact angle measurement. Moreover, plate-to-plate 

contact angle variation is also significant. Optimization in the sample preparation procedure may 

be able to improve the data reproducibility among different plates. 
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Figure 5-5 Photos of calcite plates after oil aging and “smart water” treatment for 
demonstrating the surface heterogeneity  

The surface heterogeneity may be relevant to several factors: (1) The brine film drainage 

process during the 2-week oil aging is gravity-assisted. Therefore, the thickness of the brine film 

between oil and calcite plate is a function of the vertical location. This vertical thickness gradient 

can result in vertical gradient in wettability; (2) Inevitable surface roughness (even after polishing) 

may also affect the surface heterogeneity.  

Due to the poor reproducibility of contact angle measurements, core-level average 

wettability measurements are used in the future investigation. Amott-Harvey wettability index is 

used to evaluate the initial wettability of carbonate cores before oil aging and after oil aging but 

prior to “smart water” treatment. Spontaneous imbibition test at elevated temperature is performed 

to study the alteration of wettability in “smart water”. 
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5.4. Core-level Assessments  

5.4.1. Wettability of Cores After Oil Aging 

Wettability index (IA-H) of Indiana limestone cores are measured to investigate the initial 

wettability and the wettability after AN1.5MO oil aging (Figure 5-6). The wettability index IA-H 

is 0.4 for the core J, which was saturated with the non-surface-active MO and tested without oil 

aging. IA-H is positive when the brine can more favorably displace the oil comparing to the oil 

displacing the brine ( w̧¹º

w̧¹º»¸w¼
> x̧¹º

x̧¹º»¸x¼
). Therefore, a positive IA-H indicates a water-wet state of 

the Indiana limestone core before oil aging. However, IA-H is -0.1 for the core K, which was 

saturated with the acidic AN1.5MO and tested after oil aging at 120oC for 2 weeks. The negative 

IA-H shows the limestone core becomes preferentially oil-wet after oil aging. The reversal of the 

IA-H comparing core K and core J demonstrates the effect of naphthenic acid presence and oil aging. 

The adsorbed naphthenic acid on the limestone surface after the oil aging process is responsible 

for the oil-wetness.  

The oil recovery of Core A and Core J during spontaneous imbibition test are also 

compared in Figure 5-7 to show the effect of wettability. The water-wet Core J has 27% oil 

recovery (of OOIP) in 5M NaCl at room temperature, while the slightly oil-wet Core A has only 

6% oil recovery in 5M NaCl, even at elevated temperature 90oC. This difference demonstrates that 

the capillary imbibition of the brine will be significantly inhibited if the core becomes 

preferentially oil-wet. The low oil recovery of Core A in 5M NaCl also confirms that the 

experiment does not have solution gas drive issue. 
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Figure 5-6 Amott-Harvey wettability index of Indiana limestone cores before/after 
wettability alteration. 

 

 

Figure 5-7 Effect of naphthenic acid presence and oil aging on spontaneous imbibition in 
5M NaCl. Core A was aged in AN1.5MO for 2 weeks and then tested in 5M NaCl at 90oC 

while Core I was tested in MO without any oil aging at room temperature. 
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5.4.2. Effect of Mg2+, SO42- and salinity  

Wettability alteration in the “smart water” is quantified by the additional oil recovery in 

the spontaneous imbibition experiment after replacing the initial brine with the “smart water”. 

Capillary imbibition of water is inhibited when the core is preferentially oil-wet. Therefore, 

additional oil recovery in spontaneous imbibition test is assumed to indicate wettability alteration. 

Core A~C are all first tested in 5M NaCl and then immersed in 4dSW, 4dSW0S and 

4dSW0Mg respectively to investigate the role of Mg2+ and SO42- in seawater-based brines (Figure 

5-8). The oil recovery in high salinity 5M NaCl is very limited in all the cases (3%~6%). 

Significant amount of oil is recovered after switching to low salinity brines, clearly indicating 

wettability alteration. Additional 28% (of OOIP) oil, the highest among the three, is observed for 

Core C in 4dSW0Mg, which is 4x diluted seawater depleted in Mg2+. Depletion of SO42- in the 

diluted seawater results in the lowest additional oil recovery (20% of OOIP) among the three. For 

Core A, the additional oil recovery in 4dSW is 24%. A further 5% additional oil is recovered in 

4dSW3S in the tertiary recovery mode. From the comparison, the presence of SO42- is confirmed 

to be beneficial for wettability while Mg2+ is not.  
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Figure 5-8 Effect of Mg2+ and SO42- on oil recovery in spontaneous imbibition of seawater-
based brines at 90oC. Dashed lines mark the date when brines were replaced.  

Spontaneous imbibition using single-electrolyte solutions was also tested to further 

compare the individual effect of Mg2+, SO42- and reduction in ionic strength (Figure 5-9). Low 

salinity NaCl brine without any added divalent ions is found to also trigger wettability alteration 

and results in 17% additional oil recovery. Higher oil recovery is observed in the two sulfate-

containing brines: 25% in LowSal Na2SO4 and 21% in LowSal MgSO4. Additionally, LowSal 

Na2SO4 is also tested in a tertiary mode following the LowSal NaCl brine for Core D. The final 

oil recovery in LowSal Na2SO4 is almost identical as that for Core E, which is tested in LowSal 

Na2SO4 in secondary mode. This comparison shows the good reproducibility of the imbibition test. 
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Figure 5-9 Effect of Mg2+ and SO42- on oil recovery in spontaneous imbibition of seawater-
based brines at 90oC. Dashed lines mark the date when brines were replaced. 

Reproducibility of the oil recovery in LowSal NaCl (Figure 5-10) and LowSal MgSO4 

(Figure 5-11) was examined by duplicating the experiments. 4dSW is also re-tested, but in tertiary 

mode, following LowSal MgSO4 brine. There is no duplicate of LowSal Na2SO4 case because it 

has already been tested in both secondary and tertiary mode previously (Figure 5-9). Relatively 

good consistency is observed among three cores testing in LowSal NaCl. For Core H, LowSal 

NaCl brine is tested in tertiary mode following 0.4M NaCl (relatively higher ionic strength). 

However, the final oil recovery is still similar to the other two cases. Good reproducibility is also 

observed for testing LowSal MgSO4. The difference of oil recovery between two identical tests is 

less than 2% (of OOIP). 
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Figure 5-10 Reproducing the spontaneous imbibition in LowSal NaCl brine at 90oC. 
Dashed lines mark the date when brines were replaced.  

 

 

Figure 5-11 Reproducing the spontaneous imbibition in LowSal MgSO4 and 4dSW at 90oC. 
Dashed lines mark the date when brines were replaced.  

A summary of all the oil recovery results is provided in Figure 5-12. The effectiveness of 

low salinity “smart water” with the same ionic strength ranks as: 4dSW3S ≈ 4dSW0Mg > LowSal 

Na2SO4 ≈ 4dSW > LowSal MgSO4 > 4dSW0S ≈ LowSal NaCl. The beneficial role of SO42- is 



 121 

confirmed in both seawater-based brines as well as single-electrolyte solutions while Mg2+ is not 

beneficial at 90oC. 

A similar benefit of SO42- has also been widely observed in the spontaneous imbibition test 

with crude oils22,23. Strand et al.22 proposed a two-step mechanism explaining the effect of SO42- 

on wettability alteration: (1) SO42- adsorption reduces the positive charge of the carbonate surface 

so that the co-adsorption of Ca2+ is increased; (2) Ca2+ and adsorbed carboxylic acids (R-COO-) 

form complexes (RCOOCa+), and the positively charged complexes (RCOOCa+) are released from 

the positively charged rock surface due to electrostatic repulsion. This proposed synergetic effect 

between Ca2+ and SO42- also explains the observation that a higher SO42- concentration does not 

always result in a higher oil recovery. For instance, 4dSW0Mg (6mM SO42-) is more effective than 

LowSal Na2SO4 (55mM SO42-) on wettability alteration. The two brines have similar Na+ 

concentration (109mM and 149mM) and neither of them contains Mg2+. However, 4dSW0Mg 

brine contains added Ca2+ while LowSal Na2SO4 brine only has Ca2+ as a result of calcite 

dissolution. It is possible that the limiting factor for the wettability alteration in LowSal Na2SO4 is 

the low Ca2+ concentration. 
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Figure 5-12 Summary of additional oil recovery compared to 5M NaCl for all the seawater-
based and single-electrolyte brines at 90oC. 

 

To analyze the effect of Ca2+, the calcium concentrations were measured for some of the 

brines after equilibrating them with calcite and AN1.5MO (Figure 5-13). Note that even though 

there is no added calcium salts in the single-electrolyte brines, Ca2+ still exist as a result of calcite 

dissolution. Naphthenic acid partitioning from the AN1.5MO further promotes calcite dissolution, 

and results in an even higher Ca2+ concentration. The calcium level (including Ca2+ and all other 

Ca2+-complexes) was found to be roughly 8mM in seawater-based brines and 5mM in single-

electrolyte brines. The seawater-based brines have 3 mM added Ca2+ (shown in Table 5-1), which 

is exactly the increment compared to the single-electrolyte brines. Based on the hypothesis by 

Strand et al. 22, SO42- is only effective when Ca2+ is present because the release of carboxylic acids 

from mineral is due to Ca-complexes formation. The additional 3mM Ca2+ in seawater-based 

brines can indeed contribute significantly to the wettability alteration if the Ca2+ is the limiting ion 
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while SO42- is abundant. In that case, 55 mM SO42- may be the same as 6mM SO42- because the 

wettability alteration is limited by relatively low Ca2+ concentration.  

 

Figure 5-13 ICP-OES results of calcium concentration in most tested brines after 
equilibrating with calcite and AN1.5MO.  

The presence of Mg2+ seems to be unfavorable because the depletion of Mg2+ (4dSW0Mg) 

results in higher additional oil recovery when compared with the 4dSW case, and the addition of 

Mg2+ (MgSO4) results in lower additional oil recovery when compared to the Na2SO4 test. These 

observations are contradictory to the results by Zhang, et al.23 with crude oil spontaneous 

imbibition results  and the density function theory (DFT) calculations by Sakuma, et al.93, who 

showed that substitution of MgSO4 ion pairs onto calcite can increase the water affinity to calcite 

surface, while the substitution of SO42- alone does not. It is hypothesized that the effect of Mg2+ is 

a function of the rock/oil/brine interaction in a specific system. Even though the benefit of Mg2+ 

was reported in a chalk/crude oil system by Zhang et al., it was not observed in our experiments 

using a limestone/acidic model oil system. However, our observation agrees with the contact angle 

investigation by Shaik et al.122 They observed higher water advancing contact angles (ACA) in 

MgSO4 brine (I=0.164M) compared to Na2SO4 brine (I=0.164M) for oil-wet calcite plates. The 
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ACA is initially 128º in 5M NaCl for the oil-aged Iceland spar plates. After the “smart water” 

treatment at 120oC, the ACA reduces to 26º in Lowsal Na2SO4 and it only reduces to 49º in Lowsal 

MgSO4. The tested brine and oil in the work by Shaik et al. have the same composition as that 

studied in this work. 

 

5.4.3. Role of Electrostatics: Surface Complexation Modeling and Disjoining Pressure 

Electrostatic interactions have been generally considered a key factor in wettability 

alteration process triggered by low salinity water. If there is sufficient electrostatic repulsion 

between rock/brine and oil/brine interfaces, the disjoining pressure may stabilize the brine film 

between the rock and oil, resulting in a water-wet condition. Figure 5-14 summarizes the 

rock/brine and oil/brine zeta potential in all tested brines along with the additional oil recovery 

results. The zeta potentials are measured at 25oC, which may deviate from the actual value at 90oC 

due to the temperature effect on the ion binding to the limestone surface. However, the values at 

ambient temperature are an important indicator of the charge interaction between rock/oil/brine 

during the imbibition test. Also, the trend of zeta potential variation is not expected to change 

dramatically at different temperatures123.  
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Figure 5-14 Summary of zeta potential measurements as well as additional oil recovery 
from spontaneous imbibition for all tested brines 

The oil/brine zeta potential with AN1.5MO remains strongly negative in all tested brines, 

while the Indiana limestone/brine zeta potential is small in magnitude with either positive or 

negative sign. The intensity of electrostatic interaction cannot be directly compared quantitatively 

among different cases because both the rock/brine and oil/brine zeta potentials vary in different 

brines. Therefore, the electrostatic component of disjoining pressure (Pelectrostatics) is then calculated 

based on the zeta potential measurements to quantify the electrostatic interaction. A model of two 

flat charged plates is assumed. In the cases where the two charged plates have different surface 

potential of the same sign or one of the plate has zero potential, the assumption of constant surface 

charge or constant surface potential can be unreasonable at small separation (less than one Debye 

length)61. Therefore, we choose to use the linear superposition approximation (LSA) to calculate 

the electrostatic component of the disjoining pressure (Equation (1-13)), which has been shown 

to provide reasonable approximation lying between the results of constant surface charge and 

constant surface potential cases61. P(d) is the electrostatic component of disjoining pressure as a 
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function of separation, d. Equation (1-13) is derived for calculating the interaction in z:z 

symmetrical electrolytes such as NaCl and MgSO4. z=1 is assumed for the case of Na2SO4 because 

using the expression for 1:1 electrolyte to calculate the interaction in a 1:2 electrolyte solution is 

shown to be acceptable in the literature43. Moreover, 4dSW brine is also considered as a 1:1 

electrolyte solution because it primarily contains NaCl.    The calculated Pelectrostatics curves are 

summarized in Figure 5-15.  

 

Figure 5-15 Electrostatic component of disjoining pressure for Indiana 
limestone/AN1.5MO in various tested brines. Calculation is based on the zeta potential 

results in this chapter. 

The extent of wettability alteration aligns with the intensity of rock/oil electrostatic 

repulsion if comparing within a group (Na2SO4>MgSO4>NaCl and 4dSW0Mg>4dSW>4dSW0S). 

However, the trend is inconsistent when comparing the single-electrolyte group and the seawater-

based group. For example, there is unfavorable rock/oil electrostatic attraction in 4dSW because 

the Indiana limestone is positively charged. However, the additional oil recovery in 4dSW is even 

higher than that in LowSal MgSO4, where the rock is negatively charged and has electrostatic 
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repulsion to the oil. Moreover, the rock/oil electrostatic repulsion should be stronger in LowSal 

Na2SO4 than 4dSW0Mg according to the zeta potentials. But the additional oil recovery in 

4dSW0Mg is higher than that in LowSal Na2SO4. 

The inconsistency between electrostatic repulsion and wettability alteration indicates the 

positive effect of Ca2+. The Indiana limestone rock has more positive zeta potentials in the 

seawater-based brines because of the 3mM added Ca2+. The added Ca2+ facilitates removing the 

adsorbed carboxylic acids on the rock due to RCOO-Ca+ complexation1, even though it is 

unfavorable in terms of electrostatics. The effect of Ca2+ has also been discussed in previous 

section when comparing the oil recovery results in 4dSW0Mg and LowSal Na2SO4. The higher 

Ca2+ concentration is responsible for the better outcome in 4dSW0Mg, even though SO42- 

concentration is lower in 4dSW0Mg.  

Disjoining pressure calculations and zeta potential measurements only consider the average 

of surface charge and fail to provide information about particular charged species on the limestone 

surface. Therefore, a surface complexation model (SCM) is also employed to provide insights of 

low-salinity-triggered wettability alteration. The surface concentration of all the charged surface 

species can be calculated from a SCM which captures the electrostatic properties of the mineral. 

A previously proposed SCM for Indiana limestone 87 is used without re-fitting any of the model 

parameter. The impact of naphthenic acid partitioning from AN1.5MO to the brine is accounted 

for by assuming certain concentration of model naphthenic acid (pKa=4.8)120,121 in the brine so that 

the calculated brine pH after phase equilibrium matches with measured pH.  

Figure 5-16 shows the comparison of experimental and SCM model prediction values of 

Ca level and zeta potential for four tested brines. The general trend for both Ca level and zeta 
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potential is successfully captured by the model when comparing these four brines. However, Ca 

level is always under-predicted by roughly 2~3 mM and rock/brine zeta potential are over-

predicted by 4 and 7 mV for 4dSW and LowSal MgSO4. The calculated zeta potential being more 

positive than measurement is likely because naphthenic acid adsorption on the rock surface is 

neglected in the SCM. The impact of naphthenic acid is only considered in the bulk brine phase 

by assuming model acid presence, but it is not considered at the interface. Adsorption of the 

naphthenic acid on limestone surface does make the rock/brine zeta potential more negative.  

 

Figure 5-16 Comparison between measurements and prediction from SCM for Ca 
concentration and rock/brine zeta potential in various equilibrated brines.  

Since the SCM successfully predicts the qualitative trend of Ca level and zeta potential, it 

is further used to calculate the surface concentration of charged species on Indiana limestone 

surface (Figure 5-17). Surface charge density contribution (C/m2) from various species is 

calculated by multiplying the surface concentration (mol/m2) of a specie and its charge in coulomb 

(C/mol). The summation of all the positive and negative contributions yields the net surface charge 
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density of the rock. Even though zeta potential in 5M NaCl cannot be measured due to the electrical 

conductivity limitation, SCM prediction in 5M NaCl is provided to help understand the effect of 

salinity.  

A significantly different mix of species is found for the rock mineral in 5M NaCl 

comparing to other brines in Figure 5-17. In the high salinity initial brine, 91% of major surface 

site >CaOH-0.75 is converted to the Na-complex >CaOH…Na+0.25 and 67% of the other major site 

>CO3H+0.75 is converted to the Cl-complex > CO3H…Cl-0.25. Even though Na+ and Cl- are 

generally considered indifferent to calcite surface, their surface interaction with calcite is still 

significant if present in high concentration such as 5M87,100. Based on this observation, the calcite 

surface interaction with Na+ in high salinity brine is hypothesized to be a critical mechanism 

responsible for the oil-wetness. A similar finding has also been reported by Liu, et al. 124, who 

performed a comprehensive study of calcite wettability alteration by quantum molecular dynamics 

(MD) simulation. The MD simulation reveals that Na+ resides closer to the calcite surface 

compared to the divalent ions Ca2+and Mg2+, and it modifies the interfacial water structure. As a 

result, a high Na+ concentration reduces the adhesion energy of calcite/water and makes calcite 

less water-wet. In another MD simulation study by Koleini, et al. 125, the Na+ ion is also found to 

be in the Stern layer, and closer to the calcite surface than the divalent ions. A direct visualization 

study confirming that Na+ indeed exists in the Stern layer is reported by Ricci et al.126 using atomic 

force microscopy (AFM). Moreover, another AFM study by Guo and Kovscek64 also demonstrates 

that Na+ reduces the decay length of short-range non-DLVO repulsion and disturbs the innermost 

water structure. These previous MD simulations and AFM studies are consistent with our SCM 

calculation of charged species concentration, indicating that the reduction of NaCl concentration 

triggers wettability alteration due to removal of Na+ from calcite surface. This also agrees well 
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with the spontaneous imbibition results. Interestingly, there is no clear link between additional oil 

recovery and the other charged surface species. The mechanism of improved wettability alteration 

by Ca2+ and SO42- is not clearly defined based on the SCM calculation. Moreover, the contribution 

of CO32- to surface charge is minimal in all the tested brines, even though CO32- is considered to 

be a potential determining ion for the calcite surface. One reason why CO32- ions show almost no 

impact is that its bulk concentration is too low (~0.01mM) in all the tested brines. CO32- is only 

present as a result of calcite dissolution and it is mostly converted to HCO3- at the pH around 8.0. 

 

Figure 5-17 Comparison of surface charge density contribution from various species in 
different brines based on surface complexation modeling results.  
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5.5. Conclusions 

In the first part of this chapter, receding and advancing contact angles (RCA and ACA) of 

Iceland spar plates were measured after oil aging and “smart water” treatment aiming to investigate 

the effect of “smart water” on wettability alteration. The initially water-wet calcite plates became 

strongly oil-wet after aging in AN1.5MO in 120°C for 2 weeks. Both RCA and ACA were higher 

than 110° after oil aging. “Smart water” treatment following the oil aging significantly reduced 

the RCA and ACA in some measurements. However, the consistency and reproducibility of 

contact angles were poor after the “smart water” treatment, probably due to the high surface 

heterogeneity. Due to the reproducibility issue, core-level wettability characterization, including 

spontaneous imbibition and Amott-Harvey wettability index, were chosen over contact angle 

measurements to evaluate the wettability alteration. 

In the second part of this chapter, the effect of salinity, Mg2+ and SO42- on “smart water”-

induced wettability alteration was examined in a model system with Indiana limestone and 

AN1.5MO. Low salinity brines with or without added divalent ions are found to trigger wettability 

alteration and improve oil recovery in the spontaneous imbibition test. SO42- in the low salinity 

brines further promotes wettability alteration while Mg2+ presence is unfavorable for wettability 

alteration. Such observation is consistent in both single-electrolyte brines and seawater-based 

brines. Moreover, other promotive mechanism other than ionic strength and SO42- is found when 

comparing single-electrolyte brines and seawater-based brines. The additional oil recovery in 

LowSal Na2SO4, a single-electrolyte solution with 55 mM SO42- is lower than that in 4dSW0Mg, 

a seawater-based brine with only 6mM SO42-. Both brines have identical ionic strength, very 

similar Na+ concentration and no Mg2+. Higher Ca2+ concentration in 4dSW0Mg is believed to 
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facilitate wettability alteration as Ca2+ has also been identified as a wettability modifier in the 

literature22,23. 

The role of electrostatic interaction is then investigated by zeta potential measurements, 

disjoining pressure calculation and surface complexation modeling. The intensity of rock/oil 

electrostatic repulsion aligns with the additional oil recovery in spontaneous imbibition for the 

three single-electrolyte brines (Na2SO4 > MgSO4 > NaCl). However, significant wettability 

alteration is also observed in 4dSW where the rock and the oil have electrostatic attraction. The 

better performance of seawater-based brines is explained by the higher Ca2+ concentration, which 

promotes the wettability alteration via removal of adsorbed hydrophobic carboxylic acids. 

According to the SCM calculation, over 90% of the major surface site >CaOH-0.75 converts 

to its Na+-binding complex >CaOH…Na+0.25 in the high salinity 5M NaCl brine. The reduction of 

>CaOH…Na+0.25 concentration is significant in all the low salinity brines. The interaction with 

Na+ is believed to be responsible for the oil-wetness for the limestone surface. Such hypothesis is 

supported by MD simulation studies124,125 and AFM studies64,126, which show that Na+ is in the 

closest proximity to calcite surface and cause the calcite/water adhesion energy to decrease. 

Therefore, one of the key mechanisms of low-salinity-induced wettability alteration is the 

reduction of Na+ near the rock surface. 

     

 

 



 133 

Chapter 6 

Wettability Alteration in “Smart water” Part II: 
Effect of Oil Properties 

6.1. Abstract 

In this chapter, the relationships between characteristics of crude oils and the oils’ response 

to low-salinity water are investigated in spontaneous imbibition, aiming (1) to identify suitable 

indicators of the effectiveness of low-salinity water and (2) to evaluate possible mechanisms of 

low-salinity–induced wettability alteration, including rock/oil charge repulsion and 

microdispersion formation (introduced in Section 1.5.2). Seven oils were tested in spontaneous 

imbibition and fully characterized in terms of their acidity, zeta potential, interfacial tension, 

microdispersion propensity, water-soluble organics content and saturate-aromatic-resin-

asphaltene (SARA) fractionation. The microdispersion in a crude oil was also observed using 

cryogenic transmission electron microscopy (Cryo-TEM). 
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6.2. Methods 

6.2.1. Core-level Wettability Evaluation 

Indiana limestone core (Kocurek Industries) was selected as the representative of the rocks 

in carbonate reservoirs, the same as in the previous chapter. The elemental composition of Indiana 

limestone has been shown in Table 4-2. As the high-salinity model brine, 5M NaCl was used, and 

0.164M NaCl, having the same ionic strength as 4 times diluted seawater, was the low-salinity 

model brine. Brines were made from deionized water (18.2 MW•cm) and ACS grade salt. Six 

crude oils from the Gulf of Mexico (Crude A), Southeast Asia (Crude B) and the Middle East 

(Crude C-F) were selected for investigation. Saturate-aromatic-resin-asphaltene (SARA) analysis 

was performed using an improved chromatographic method, and the TAN (mg KOH/g oil) was 

measured by an improved ASTM method to characterize the crude oils. The acids are generally 

considered more important than bases in studying carbonate wettability because the (positively 

charged) carbonate surface is attracted to the (negatively charged) acidic species.  

To further test the effects of asphaltene, we prepared a model oil with only asphaltene as 

the active component. Asphaltene precipitated from Crude D by pentane was added to a base oil 

consisting of 87% (vol%) n-dodecane (Sigma-Aldrich, >99%) and 13% toluene (Sigma-Aldrich, 

>99.8%) to yield Asp0.05 MO model oil (asphaltene content = 0.05 wt%).  

To prepare for the spontaneous imbibition test, the Indiana limestone cores were first 

vacuum-saturated with initial high-salinity brine (5M NaCl) and then saturated with the tested oil 

by ultra-centrifuging the core immersed in the oil at 11,000 rpm (Pc=80psi) for 48 hr to obtain 

irreducible water saturation. After 24 hr of centrifugation, the cores were flipped in the centrifuge 

cell and centrifuged for another 24 hr to minimize a capillary end effect. The only exception was 
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the case of Asp0.05 MO, for which the centrifuging speed was 9,000 rpm and the time was 5 hr. 

The purpose of the lower speed centrifuging condition was to avoid precipitation of asphaltene 

from the oil prior to the oil aging and imbibition, as the solvent contained a high percentage of 

dodecane, a precipitant for asphaltene. The properties of all seven oils as well as the porosity and 

initial oil saturation of all seven tested Indiana limestone cores are summarized in Table 6-1. 

Table 6-1 Properties of the seven oils (density, SARA fractionation, total acid number) as 
well as the porosity and initial oil saturation of the Indiana limestone cores 

Core properties Oil properties 

𝟇 (%) Soi (%) Oil Name Density 
(g/cm3) 

Saturate 
(wt%) 

Aromatic 
(wt%) 

Resin 
(wt%) 

Asphaltene 
(wt%) 

TAN 
(mg KOH/g) 

17.7 77 Crude A 0.899 62.6 16.2 17.0 4.2 0.57 
17.1 82 Crude B 0.925 66.3 8.7 25.0 0 0.41 
18.0 83 Crude C 0.858 68.9 16.8 13.2 1.1 0.33 
18.0 80 Crude D 0.836 70.9 19.0 8.0 2.1 0.06 
17.1 73 Crude E 0.852 60.9 20.2 18.3 0.6 0.11 
17.2 73 Crude F 0.874 59.6 14.4 22.8 3.2 0.24 
16.1 67 Asp0.05 MO 0.766 84.4 15.6 0 0.05 0 

 

After oil saturation, the cores were aged with the test oil in individual vessels at 120oC for 

two weeks. After the oil aging, the cores were expected to be mixed-wet, meaning that the surface 

of large pores with oil contact was oil-wet, while the surface of small pores without oil contact 

remains water-wet. This wetting state is a reasonable representation of the mixed-wet carbonate 

reservoirs and the starting point for the wettability alteration experiments. Then, the core was put 

in an Amott cell for spontaneous imbibition in the initial brine, 5M NaCl. After the oil reading was 

stable for at least five days, the high-salinity 5M NaCl brine was switched to low-salinity 0.164M 

NaCl brine. The additional oil recovery was recorded every day until the reading is stable for at 

least five days.  
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The brines (5M NaCl and 0.164M NaCl) used in all testing (spontaneous imbibition, zeta 

potential, IFT, microdispersion ratio, and water-soluble organics content) were pre-equilibrated 

with calcite powder without air contact to (1) avoid any rock dissolution caused by the contact of 

fresh brine and (2) avoid significant pH changes during experiments. Therefore, calcite dissolution, 

an oil recovery mechanism that works in the laboratory but is negligibly effective in the field36,95, 

was inhibited. The equilibrated 5M NaCl and 0.164M NaCl brines had pH values of 9.1 and 9.8, 

respectively. The pH values are higher than those of usual reservoir brines because the model 

brines do not contain added Ca2+, which suppresses calcite dissolution and reduces the pH. The 

brines were not pre-equilibrated with any crude oils. The brine composition is consistent 

throughout all experiments in this chapter, so the results from different experiments can be 

compared. 

To verify the wettability alteration of cores after oil aging, Amott-Harvey wettability index 

(IA-H) was measured for the core saturated and aged in Crude A, for which the most additional oil 

recovery was observed in low-salinity water.  

6.2.2. Zeta Potential Measurement 

Electrostatic interaction is generally considered to have a crucial impact on the wetting 

behavior of carbonates. To examine the effect of the rock/brine and oil/brine zeta potentials on 

additional oil recovery, the zeta potentials via the electrophoresis method were measured using a 

light scattering analyzer (DelsaMax PRO). The Indiana limestone core was crushed and ground 

with a mortar and pestle to produce fine rock powder. The 0.164M NaCl brine was allowed to 

equilibrate with the limestone powder in advance in a closed container without air. The pH of the 

brine after equilibration was 9.8, agreeing with the model calculation result from PHREEQC. For 
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the oil/brine zeta potential, 20 µL oil was added to 20 mL of the rock-equilibrated 0.164M NaCl 

solution (pH = 9.8), and the sample was sonicated for 30 s with a probe sonicator (Branson) to 

allow dispersion. After 45 min, the dispersion sample was extracted and measured. The test brine 

for the zeta potential measurement was identical (including the equilibration method and pH) to 

those used in the spontaneous imbibition tests with low-salinity water. The high-salinity 5M NaCl 

brine could not be tested due to the limitation of electric conductivity for the electrophoresis 

method.  

6.2.3. Microdispersion Characterization 

To examine the validity of the microdispersion theory, the water content in the oils was 

also measured before and after contacting the tested brines. The oil and brine (10 mL in total) were 

put in contact at a 1:1 volume ratio in a borosilicate pipette with a sealed tip. The pipette was torch-

sealed at the top with an acetylene/O2 flame after the sample was filled and mounted in a rotisserie-

type mixer for end-to-end gentle mixing for 24 hr at 6 rpm. The sample was then left quiescent for 

phase separation for 48 hr. Finally, the pipette was snipped at the top, and 3 mL of the test oil was 

taken from the upper part for water content measurement. Another Crude A sample prepared by a 

similar procedure (3 mL in total instead of 10mL in total; top 0.5 mL instead of top 3 mL was 

extracted) was used for imaging under cryogenic transmission electron microscopy (cryo-TEM). 

The oil sample was tested one week after being extracted. Large macroemulsions were allowed to 

separate due to buoyancy.  

6.2.4. IFT Measurement 

The interfacial activity of the oils was characterized by measuring the IFT in both the high-

salinity 5M NaCl and low-salinity 0.164M NaCl brines. The test brines were prepared in two ways: 
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The first approach entailed pre-equilibrating with calcite powder, using the same procedure as that 

for the brines for the spontaneous imbibition and zeta potential measurements. The brine pH was 

9.1 (5M NaCl) or 9.8 (0.164M NaCl). The second approach was pre-equilibrating with both calcite 

powder and crude oil (1:1 vol/vol). For the second method, the oil was added to the container after 

the calcite powder had settled so that the oil did not contact the calcite powder directly. The 

samples were put on an orbital rotation shaker at 80~100 rpm for at least one week to achieve three 

phase equilibrium. Moreover, to establish that the crude oils were free of contamination, the IFT 

in fresh 0.164M NaCl (pH = 7) brine for all the crude oils were also tested.  

6.2.5. Water-soluble Organics Characterization 

The organics content in the 0.164M and 5M NaCl brine after equilibration with the oils 

was also characterized by gas chromatography with a flame ionization detector (GC-FID) to 

investigate the water-soluble surface-active compounds from the crude oils. Filtered 0.164M NaCl 

brine (pre-equilibrated with calcite, pH = 9.8) and 5M NaCl brine (pre-equilibrated with calcite, 

pH = 9.1) were equilibrated with different oil samples in small vials at room temperature. After 

equilibration for 2 days, the water-soluble organics in the brines were extracted by DCM for GC-

FID measurement. The concentration of extracted organics was defined as the total organics 

amount divided by the injected DCM amount. Further details can be found in Chapter 2. 

6.3. Results and Discussions 

6.3.1. Spontaneous Imbibition test of different oils in high- and low-salinity brines 

The IA-H of Indiana limestone core was measured as -0.5 for the case of Crude A, where 

the highest amount of additional oil recovery in the spontaneous imbibition was observed. The 
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negative wettability index validates that the cores become oil-wet after oil aging. Figure 6-1 shows 

the oil saturation of the Indiana limestone core in the process of wettability index measurement. 

The initial oil saturation is 74%. Very little oil is recovered during the spontaneous imbibition in 

5M NaCl (at room temperature). After forced imbibition by ultra-centrifugation at 10,000rpm for 

48 hours, most of the oil is recovered and the residual oil saturation drops to 5%. Oil saturation 

increases to 43% after the spontaneous drainage. Eventually the oil saturation goes back to 71%, 

roughly the same as initial oil saturation after the forced drainage step. In the wettability index 

measurement, the residual oil saturation after brine-forced imbibition is only 5%, which is an 

indication of mixed wettability because the oil in the larger pores wets the rock surface, meaning 

that the oil can slowly drain as thin film under centrifugation force, while the smaller pores never 

have oil invasion. Such wetting behavior represents the typical wettability in carbonate reservoirs. 

Note that the wettability of cores after oil aging can vary depending on the tested crude oils. 

Therefore, the core wettability at the start of spontaneous imbibition varies by sample, which is 

also likely to influence the effectiveness of low-salinity water. However, the role of initial 

wettability is not the focus of the current work. 
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Figure 6-1 Oil saturation of the Indiana limestone core (saturated and aged in Crude A) 
during different stages of the IA-H measurement 

 

The oil recovery results for spontaneous imbibition tests of different oils at 90oC are plotted 

in Figure 6-2. In high-salinity 5M NaCl brine, initial oil recovery is less than 15% for all cases, 

with figures ranging from 3% to 14%. The relatively low oil recovery in the high-salinity brine is 

an indication of oil-wetness, confirming the effect of the oil aging process.  
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Figure 6-2 Summary of dynamic oil recovery results for spontaneous imbibition tests at 
90oC using different oils. The dashed lines mark the point when high-salinity 5M NaCl 

brine was replaced with low-salinity 0.164M NaCl brine.  

After switching the test brine from the 5M NaCl solution to the 0.164M NaCl solution, we 

observe 5%~36% (of original oil in place) incremental oil recovery. The significantly different oil 

recoveries demonstrate the role of oil chemistry in determining how effective the low-salinity 

water is. The origin of such variation is the different oil chemistry because both the rock material 

and brine compositions are identical across all cases. The final oil recovery results are summarized 

in Figure 6-3. From left to right, oil samples are arranged based on the significance of their 

response to the low-salinity water. The initial oil recovery in high-salinity water (red columns) 

does not correlate with the additional oil recovery (blue columns). The additional oil recovery in 

Figure 6-3 is the quantitative characterization of how effective the low-salinity water is in terms 

of altering the wettability of the oil-wet limestone cores. To examine the possible mechanisms of 

wettability alteration induced by low-salinity water, we plot oil recovery versus different oil 

characteristics in the next section to investigate the correlations.  
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Figure 6-3 Summary of the oil recovery in high- and low-salinity brines for all cases. 

 

6.3.2. Correlation between wettability alteration and rock/oil electrostatic repulsion 

Electrostatic repulsion between carbonate rock and the attached oil phase in low-salinity 

water has been widely discussed as a wettability alteration mechanism. Zeta potential 

measurements of rock/brine and oil/brine interfaces via the electrophoresis method have been the 

most common approach to characterizing the charge interaction. Therefore, such measurements 

are performed for all the tested oils and the Indiana limestone rock in the low-salinity 0.164M 

NaCl brine. Measurements for the high-salinity brine are unavailable due to the conductivity 

limitation of the electrophoresis technique. The Indiana limestone zeta potential in the 0.164M 

NaCl brine is measured as -14 mV for a closed system. Among the different oils, the oil/brine zeta 

potential should control the electrostatic interaction difference, given the same brine (0.164M 

NaCl) and rock (Indiana limestone) surface chemistry. As shown in Figure 6-4, all tested oils have 

strongly negative zeta potentials in the 0.164M NaCl brine. Therefore, favorable electrostatic 

repulsion for oil detachment is present in all tested cases. However, no clear correlation is found 

between the degree of oil recovery and the intensity of oil/rock electrostatic repulsion in terms of 
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the zeta potential. Additionally, the maximum difference between tested oils is only 11 mV, which 

is insignificant. Even though the electrostatic repulsion favors wettability alteration by 

contributing to a more repulsive disjoining pressure, other governing factors may play a role in the 

wettability alteration process.  

 

Figure 6-4 Correlation between the oil/brine zeta potential in 0.164M NaCl brine and the 
incremental oil recovery in spontaneous imbibition tests in 0.164M NaCl brine. The brine in 

both experiments is 0.164M NaCl brine pre-equilibrated with calcite (pH = 9.8). The Indiana 
limestone/0.164M NaCl zeta potential is -14 mV.  

Moreover, the zeta potential is not a complete description of electrostatic interactions. 

Unlike sandstone, which has only one type of major surface site (>SiOH), a carbonate surface has 

two major surface sites, >Ca+x and >CO3-x 78,87,100,105. The two major surface sites carry opposite 

charges, and the overall surface charge depends on the ion complexation with them. When the 

overall rock surface has a negative zeta potential, negatively charged surface species are more 

abundant than positively charged surface species. However, there are always positively charged 

surface species (e.g., >CaOH…Ca+x)78,87,100 present, which can attract the negatively charged 

carboxylic acids in the oil and prevent the oil from being released from the rock surface. The SCM 
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developed in Chapter 4 is used to calculate the surface concentration of charged species on Indiana 

limestone. The model predicts the Indiana limestone zeta potential as -7.4 mV in the 0.164M NaCl 

brine (closed system), which is 47% lower than the measured value. Notably, this data point is not 

included for model parameter fitting. Based on the model calculation, the charge density of surface 

sites on Indiana limestone in low-salinity 0.164M NaCl brine (closed system, equilibrated with 

calcite) is summarized in Figure 6-5. That figure demonstrates that abundant positively charged 

sites may exist on the rock even though the net surface charge is negative. Those positively charged 

sites can keep the negatively charged oil attached despite the zeta potentials indicating repulsion.  

 

Figure 6-5 Charge density of Indiana limestone surface sites in 0.164M NaCl (closed 
system, equilibrated with calcite) 

 

6.3.3. Correlation between wettability alteration and the microdispersion ratio 

“Microdispersion” is a newly proposed term used in recent works to describe the water-in-

crude oil dispersions that are found to relate to low-salinity–induced wettability alteration27,37,96–

99. The definition is ambiguous because it is not clear whether they are thermodynamically stable 
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microemulsions or kinetically stable macroemulsions. Some researchers relate the formation of 

microdispersion to the spontaneous emulsification process because ultra-low IFT or mechanical 

agitation is not required for this process127–132. Several mechanisms, including interfacial 

turbulence and diffusion, have been proposed to explain the spontaneous emulsification in high 

IFT systems (a few mN/m)129,132. To be consistent with the recent literature, we continue to 

describe such phenomena as microdispersion but examine their nature under cryo-TEM in this 

section.  

The microdispersion ratio is defined as the ratio of the water-in-oil content after oil/brine 

contact to the original water content in an oil. A ratio equal to unity indicates no microdispersion 

formation due to water contact. Sohrabi et al. 37 have claimed that the formation of microdispersion 

alters wettability by releasing the indigenous surface-active components of oil from the mineral 

surface because those components will move to the newly generated interface of the 

microdispersion. To evaluate the validity of this mechanism, we measure the microdispersion 

ratios under both high-salinity (5M NaCl) and low-salinity (0.164M NaCl) conditions for all seven 

oils (Figure 6-6). The comparison indicates that microdispersion formation is inhibited under 

high-salinity conditions. Even for those cases with high ratios in low-salinity brine (Crudes A, C 

and D), the microdispersion ratios in 5M NaCl brine are less than 2.5. This observation confirms 

that microdispersion only significantly appears in low-salinity water. Similar observations for the 

effect of salinity have been widely reported for water-in-crude oil macroemulsions in the 

literature133–136. The separation efficiency of crude oil and low-salinity water is much lower than 

that for high-salinity water. 
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Figure 6-6 Microdispersion ratio comparison for high- and low-salinity brines. The 5M 
NaCl and 0.164M NaCl brines were pre-equilibrated with calcite for all samples. 

The microdispersion ratio in 0.164M NaCl brine for all seven oils is plotted versus the 

additional oil recovery in 0.164M NaCl brine (Figure 6-7). Except for Crude B, an excellent 

correlation between the microdispersion ratio and additional oil recovery is observed. Linear 

regression of the six cases (excluding the one outlier, Crude B) achieves R2 = 0.95. Those oils with 

a significantly higher water content after contacting the low-salinity water respond more positively 

to the low-salinity water in the spontaneous imbibition test. This general trend aligns with the 

microdispersion hypothesis. However, 36% incremental oil recovery is observed for Crude B, 

which barely forms microdispersion. Crude B is an oil without any asphaltene. The absence of 

asphaltene is suspected to be responsible for its low microdispersion propensity.  
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Figure 6-7 Correlation between the microdispersion ratio of the oils in 0.164M NaCl brine 
and the additional oil recovery in spontaneous imbibition tests in 0.164M NaCl brine. The 

0.164M NaCl brine was pre-equilibrated with calcite before oil/brine mixing.  
 

To further evaluate the validity of the microdispersion theory, one must understand what 

microdispersions essentially are and what stabilizes them. Therefore, Crude A oil samples after 

equilibration with 5M NaCl or 0.164M NaCl brine are imaged by cryo-TEM to examine the 

microdispersion. Figure 6-8 shows the images of the oil after equilibration with 0.164M NaCl 

brine ([a]~[d]) or 5M NaCl brine ([e] and [f]). For the oil after 0.164M NaCl equilibration, 

microdispersion droplets ranging from 70 nm (near the center of Figure 6-8 [c]) to 735 nm (upper 

right of Figure 6-8 [d]) in diameter are identified in the cryo-TEM images. As these 

microdispersion droplets vary significantly in size, they must be macroemulsions instead of 

microemulsions. Microemulsions have the same droplet size, determined by the thermodynamic 

equilibrium, and should be smaller than 100 nm. Examples of cryo-TEM images for 

microemulsions are available in the literature137–139. A black ring is present at the interface of water 

and oil for the droplets. If the black ring were simply a single layer of adsorbed surface-active 
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component, it would not be visible under cryo-TEM at such magnification. Therefore, the ring is 

suspected to be the adsorbed layer of the asphaltene aggregates. The presence of this black ring 

for all observed emulsion droplets demonstrates the importance of asphaltene in stabilizing 

microdispersions. These images support the hypothesis that Crude B’s limited microdispersion is 

due to the lack of asphaltenes. Microdispersion cannot be found in the oil equilibrated with 5M 

NaCl brine even after several trials (Figure 6-8 [e] and [f])). The oil equilibrated with 5M NaCl 

has so little microdispersion that it is unlikely to be found by TEM. 
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Figure 6-8 Cryo-TEM images of microdispersions for Crude A oil after equilibration with 
brines. (a)~(d) are images of the oil sample equilibrated with 0.164M NaCl; (e) and (f) are 

images of the oil sample equilibrated with 5M NaCl (No water droplet found).  
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The outlier case of Crude B indicates that microdispersion formation is not a necessary 

condition for wettability alteration. Moreover, the formation of microdispersion does not require 

the release of adsorbed surface-active components on the mineral surface. The original 

microdispersion theory assumes that the desorption of surface-active components from the existing 

oil/water interface is required to form a new oil/water interface of microdispersions. However, it 

ignores that the majority of surface-active components are present in the bulk oil as reverse 

micelles rather than staying within the limited area of the oil/water interface. Therefore, there are 

abundant surface-active components in the bulk oil to form microdispersions, and the removal of 

these components from the mineral surface is unnecessary. Microdispersion formation is unlikely 

to be the root cause of wettability alteration. However, given the correlation in Figure 6-7, 

microdispersion is a good indicator of the low-salinity water effect if asphaltene is present in the 

oil, and it likely relates to the intrinsic oil characteristics that govern low-salinity–induced 

wettability alteration. 

To check if asphaltene is a determining factor for microdispersion formation, we plot the 

microdispersion ratio versus the asphaltene content and asphaltene/resin ratio in Figure 6-9. The 

asphaltene/resin ratio evaluates the asphaltene instability because resin stabilizes asphaltene in 

crude oil140–144. A high asphaltene/resin ratio typically indicates asphaltene being unstable. The 

trend in Figure 6-9 illustrates a generally positive correlation between the microdispersion ratio 

and the asphaltene content (a) or asphaltene instability (b), even though the linear regression R-

squared value is poor. The asphaltene/resin ratio has a slightly stronger correlation with 

microdispersion formation (Figure 6-9 [b]; R2 = 0.62). The general trend agrees with the widely 

accepted premise that precipitated asphaltene can stabilize water-in-oil dispersion, probably due 

to the formation of an asphaltene rigid layer at the oil/water interface and its ability to provide 
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electrostatic and steric repulsion for a repulsive disjoining pressure145–148. Duboue et al.132 have 

found de-asphaltenated crude oil to have less microdispersion compared to the original crude oil, 

even though microdispersion still exists for the de-asphaltenated oil. Apparently, the correlation is 

not strong enough to conclude that asphaltene instability is the only governing factor for 

microdispersion formation. In addition to asphaltene, naphthenic acids and their soaps also 

stabilize emulsions147. We attempt to quantify the effect of naphthenic acids by correlating the 

TAN and the microdispersion ratio. However, the correlation is still unsatisfactory (not shown in 

figures). The likely reason is that because the TAN also measures acidic compounds that are too 

hydrophobic to be active at the oil/water interface, it cannot effectively characterize the content of 

naphthenic acids and their soaps147,149.  

In sum, the microdispersion formation is confirmed to be an important indication of the 

low-salinity-water–induced wettability alteration from Figure 6-7. However, wettability alteration 

may still be triggered without microdispersion formation (e.g., Crude B). The absence of 

asphaltene in Crude B is likely responsible for its low microdispersion propensity (Figure 6-9).  
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Figure 6-9 Effect of asphaltene presence on the microdispersion ratio. The microdispersion 
ratio plotted versus (a) the asphaltene content for all oils and (b) the asphaltene/resin ratio 

for all oils with resin fraction.  
 

6.3.4. Correlation between wettability alteration and oil IFT in low-salinity water 

The interfacial activity of oils is hypothesized to relate to the wettability alteration process. 

The reason for this hypothesis is that Crude B, an oil that has a limited microdispersion propensity 

but that responds significantly to low-salinity water, is known to be a surface-active oil from our 

experience. The IFTs in high- and low-salinity brines are compared in Figure 6-10 for all seven 

oils. The tested brines and oils, as well as calcite powder, are pre-equilibrated before the 

measurements to ensure reproducible and representative IFT values. No significant change in the 
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IFT is observed for any of the seven oils when comparing measurements in high- and low-salinity 

brines. This indicates that the reduction of capillary pressure, as in surfactant EOR, is not the cause 

of additional oil recovery in low-salinity water.  

 

Figure 6-10 IFT comparison between high-salinity and low-salinity conditions for all oils. 
The brines were pre-equilibrated with calcite and the oil (1:1 vol/vol) for all cases.  

A strong correlation is found between the oil IFT in low-salinity brine and wettability 

alteration in Figure 6-11, with an R2 = 0.83 for the linear regression. Crude oil B, which does not 

form microdispersion but has a low IFT and responds positively in low-salinity brine, is not an 

outlier in Figure 6-11. Attempts are also made to correlate wettability alteration and the amount 

of asphaltene or total acidic components, both of which can potentially contribute to oil surface 

activity. However, no conclusive trend is found in terms of correlating wettability alteration with 

either the asphaltene content or TAN, even though oils with higher TANs seem to be generally 

more responsive to low-salinity water. The TAN does not necessarily indicate the number of 

surface-active components from oil because a portion of the acidic compounds may be too 

hydrophobic to be active at the oil/water interface147,149.  
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Figure 6-11 Correlation between the IFT of oils in 0.164M NaCl brine and the additional 
oil recovery in a spontaneous imbibition test in 0.164M NaCl brine. The 0.164M NaCl brine 

was pre-equilibrated with calcite and the oil (1:1 vol/vol) for all cases.  

Interfacial tension is also measured in an alternative way using brines equilibrated with 

calcite only. In this method, the brine has an identical pH of either 9.1 (5M NaCl) or 9.8 (0.164M 

NaCl) for all oils, and the pH aligns with that in the spontaneous imbibition test. The IFT values 

measured in the alternative way (Figure 6-12 and Figure 6-13) are provided and compared with 

the values in Figure 6-10. Only minor differences are observed when comparing the two methods, 

and the general trend remains the same. Note that the brine is much more acidic if it is allowed to 

equilibrate with crude oil at 1:1 volume ratio. The pH of equilibrated 5M NaCl brine can be as low 

as 7.1 for rock/oil/brine equilibration and it is 9.1 for rock/brine equilibration. Similarly, the pH of 

equilibrated 0.164M NaCl brines can be as low as 7.8 for rock/oil/brine equilibration and it is 9.8 

for rock/brine equilibration. However, the pH variation does not significantly influence IFT values. 

The correlation between additional oil recovery in spontaneous imbibition and the oil’s IFT (shown 

in Figure 6-11) is still valid if the IFTs measured by the alternative way are used (Figure 6-14).  
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Figure 6-12 Effect of equilibration methods (calcite/brine equilibration or 
calcite/oil/brine equilibration) on crude oils’ IFT in 5M NaCl 

 

 

Figure 6-13 Effect of equilibration methods (calcite/brine equilibration or 
calcite/oil/brine equilibration) on crude oils’ IFT in 0.164M NaCl 
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Figure 6-14 Effect of the equilibration methods of IFT samples on the IFT-additioanl oil 
recovery correlation  

The IFTs of the oils range from 3.7 mN/m to 25.9 mN/m in the 0.164M NaCl solution pre-

equilibrated with rock and oil. The presence of calcite increases the brine alkalinity and promotes 

soap generation, which results in a lower IFT compared to the IFT in fresh brine (pH = 7). To 

confirm that the low IFT does not come from surfactant contamination of the oils, oil IFT in fresh 

0.164M NaCl brine is also measured. The IFT in fresh brine quickly reaches steady state, and the 

value ranges from 15 mN/m to 27 mN/m, which are reasonable for crude oils (Figure 6-15).  
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Figure 6-15 Dynamic IFT results of crude oils in fresh 0.164M NaCl brine without calcite 
equilibration or oil equilibration 

 

6.3.5. Oil interfacial activity as an indicator: IFT, microdispersion, and water-soluble 

organics  

After oil/brine contact, the majority of surface-active components from crude oils stay in 

the bulk oil and assist in forming microdispersion, and part of these components adsorb at the 

oil/brine interface and lower the IFT. Moreover, a low percentage of the surface-active components 

are relatively hydrophilic and can partition into the brine. In the previous discussion, both the IFT 

and microdispersion ratio – characterizing surface-active components at the interface and in the 

bulk oil, respectively – are shown to correlate with the wettability alteration. Therefore, it is 

assumed that the water-soluble organics content of oils may also show a similar correlation. 

In this section, another new indicator, the water-soluble organics content in the oil, is first 

identified and then compared with two other indicators: the microdispersion ratio and IFT. GC-

FID is used to characterize the water-soluble organics content of the crude oils. The absolute value 

of the organics concentration in the brine is hard to measure because hundreds of different surface-
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active organic components of the crude oil may partition into the aqueous phase, and no standard 

calibration curve can be made for them. Therefore, the concentration of the organics in the sample 

is defined as the integration of the FID signal for all the organics except solvent, divided by the 

solvent amount. The FID signals for all samples are shown in Figure 6-16. 

 

 

Figure 6-16 FID signal for water-soluble organics in 5M/0.164M NaCl for all seven samples 
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This so-called normalized FID signal for organics content is plotted versus the pH of the 

brine after oil contact to validate the FID measurement (Figure 6-17 [a][b]). Since the initial brine 

is basic (pH >9), primarily the acidic compounds in oils are extracted into the aqueous phase. 

Therefore, a more significant pH drop should be observed for those oils with higher water-soluble 

organics levels in the tested brine.  

Figure 6-17 [a][b] demonstrates a negative correlation between the drop in the brine pH 

after oil contact and the organics content in the brine measured by GC-FID. This trend validates 

the GC-FID measurements of the organics content in the brine because the decline in the brine pH 

indicates the partition of surface-active carboxylic acids into the aqueous phase from the oil. The 

pH of the control samples (9.2 for 0.164M NaCl brine, 8.5 for 5M NaCl brine) is slightly lower 

than their initial pH (9.8 for 0.164M NaCl brine, 9.1 for 5M NaCl brine) after being left in the vial 

for two days without oil contact. The drop from the initial pH is attributed to the contact with the 

small amount of air (400 ppm CO2) trapped in the sample vial.  
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Figure 6-17 Normalized FID signal for the water-soluble organics content of oils in high- 
and low-salinity brines. (a) Organics content in 0.164M NaCl brine after oil equilibration 

plotted versus the brine pH after brine/oil equilibration. The initial pH of the 0.164M NaCl brine 
(pre-equilibrated with calcite powder) was 9.8. (b) Organics content in 5M NaCl brine after oil 
equilibration plotted versus the brine pH after brine/oil equilibration. The initial pH of the 5M 

NaCl brine (pre-equilibrated with calcite powder) was 9.1. (c) Comparison of the water-soluble 
organics content in 5M NaCl brine and 0.164M NaCl brine for all samples. 

 

Figure 6-17 [c] compares the water-soluble organics content in high- and low-salinity 

brines for all tested samples. For each oil, the peaks for water-soluble organics are similar in shape 

but different in intensity if one compares the results in high- and low-salinity water (see Figure 

6-16). The organics content in 5M NaCl brine after oil equilibration is lower than that of the 

0.164M NaCl brine for all the cases, similar to the trend seen when comparing the microdispersion 

ratio in high- and low-salinity brines in Figure 6-7. Similar phenomena have also been observed 
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in the literature when Na2CO3 is used to tune salinity and the active soap number of oil is measured 

by titration methods149. Water-soluble acids in crude oils stay in the oleic phase at high ionic 

strength but partition into the aqueous phase at low ionic strength. Several factors may be 

responsible: (1) Charge repulsion is much stronger in low-salinity conditions between the 

headgroups of surface-active components in oils. This can reduce the curvature of water-in-oil 

microdispersion and even change the sign of the curvature. Therefore, swollen micelles in the 

aqueous phase may form in low-salinity conditions. (2) Low-salinity brine after calcite 

equilibration has a higher pH (9.8) than high-salinity brine (pH = 9.1), which means that acidic 

components are more deprotonated and have higher solubility in low-salinity water. (3) The higher 

polarity of the high-salinity brine may inhibit the partitioning of organics from the oil phase and 

result in the lower organics content in high-salinity brine.  

A generally strong correlation is observed in Figure 6-18, indicating that the extent of 

wettability alteration is aligned with the quantity of water-soluble components from the oil. The 

water-soluble compounds in the oil reflect the oil/water interfacial activity because those 

compounds must contain a hydrophilic portion giving rise to their solubility in the aqueous phase, 

so they are surface-active at the oil/water interface. Similarly, the microdispersion formation in the 

oil phase can also suggest oil surface activity because surface-active components are required to 

stabilize the dispersion of water in oils. In this sense, it is reasonable to find a similar trend in 

Figure 6-7 and Figure 6-18.  
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Figure 6-18 Correlation between the water-soluble organics content in 0.164M NaCl brine 
after oil equilibration and additional oil recovery in 0.164M NaCl brine for a spontaneous 

imbibition test.  
 

Interfacial activity (IFT), microdispersion formation and the water-soluble organics 

material in the crude oil are three indicators found to correlate with wettability alteration in low-

salinity brine. The normalized FID signal shown in Figure 6-18 characterizes the more hydrophilic 

surface-active components partitioning into the aqueous phase, and the microdispersion ratio in 

Figure 6-7 characterizes the more hydrophobic surface-active components forming swollen 

reverse micelles in the oleic phase. To shed light on the relationship between the indicators, we 

plot the IFT in low-salinity brine versus the other two indicators in Figure 6-19. The general trend 

indicates that more surface-active oils have more water-soluble organics material (Figure 6-19 

[a]). If we consider the various crude oils analogous to a base oil containing different 

concentrations of surface-active components, then the change of slope in Figure 6-19 [a] appears 

to indicate a critical micelle concentration (CMC) for the water-soluble organics material. This 

value may be called a “pseudo-CMC” because there are hundreds of different natural surface-

active components in each oil, and the composition of crude oils can vary significantly. The 
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pseudo-CMC illustrates how water-soluble organics form micelles in low-salinity brine for Crudes 

A, B and C, but not Crudes D, E and F. The pseudo-CMC may not be relevant to the existence of 

microdispersions, which are stabilized by other relatively more hydrophobic surface-active 

components residing in the oleic phase. However, more surface-active oils do have more water-

in-oil microdispersions, as shown by Figure 6-19 [b]. One significant outlier is Crude B, which is 

fairly surface-active but does not contain asphaltenes.  

The plots in Figure 6-19 demonstrate that both water-soluble organics and the 

microdispersion ratio can be treated as indirect measurements of an oil’s interfacial activity in 

brines (with potential outliers such as Crude B). Therefore, we hypothesize that the intrinsic 

mechanism of low-salinity–induced wettability alteration is related to the crude oil interfacial 

activity (or interfacial energy of the oil/brine interface). Although the microdispersion ratio in low-

salinity water is generally a suitable indicator, it is probably not intrinsically relevant to the 

wettability alteration mechanism. Instead, it is an indicator only because it correlates with the 

interfacial activity (Figure 6-19 [b]).  
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Figure 6-19 Relationship between IFT and the other two indicators: microdispersion and 
water-soluble organics. (a) The IFT in 0.164M NaCl brine plotted versus the normalized FID 
signal for the organics content in 0.164M NaCl brine after oil equilibration for all oils. (b) The 

IFT in 0.164M NaCl brine plotted versus the microdispersion ratio in 0.164M NaCl brine for all 
oils. The IFT was measured using the brine pre-equilibrated with rock and oil (1:1 vol/vol). 

 

6.4. Conclusions 

Six crude oils and one model oil have been fully characterized and used in spontaneous 

imbibition tests to investigate the relationship between an oil’s properties and its response to low-

salinity water in a carbonate system. Possible indicators and mechanisms for wettability alteration 
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in low-salinity water are examined by investigating the correlations between the oil recovery 

results via spontaneous imbibition and oil characteristics, including the oil/brine zeta potential, 

microdispersion propensity, asphaltene content, asphaltene instability, IFT and water-soluble 

organics content. 

The oil IFT in the low-salinity water is found to greatly influence the low-salinity–induced 

wettability alteration process. This finding is directly supported by the strong correlation between 

the oil/brine IFT in low-salinity water and incremental oil recovery via spontaneous imbibition 

(Figure 6-11). It is also indirectly supported by the investigations of microdispersion propensity 

and the partition of water-soluble organics into the aqueous phase, both of which are promoted by 

surface-active components in the oil (shown in Figure 6-19). Microdispersion characterizes the 

more hydrophobic portion of the surface-active components, while the water-soluble organics 

content characterizes the more hydrophilic portion.  

Microdispersion formation, which likely requires asphaltene in the oil, is found to be an 

important indication of wettability alteration in low-salinity water. However, wettability alteration 

is also observed for an oil that has no asphaltene and does not form microdispersion. Cryo-TEM 

images of Crude A after contacting low-salinity water show that microdispersions are essentially 

macroemulsions. Microdispersion formation is not a trigger of wettability alteration for the 

following reasons: (1) The formation of microdispersion is a result of the generation of 

macroemulsions, which do not require the desorption of surface-active components from rock. 

There are abundant surface-active components in the bulk oil existing as reverse micelles, which 

can assist macroemulsion formation; and (2) Crude B, which does not exhibit microdispersion, 

responds positively to low-salinity water in carbonate minerals.  
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No correlation is found between the wettability alteration and the oil/brine zeta potential. 

This observation does not necessarily mean electrostatic interactions are trivial. The repulsive zeta 

potential for carbonate rock and oil appears to be a necessary, but insufficient condition, for 

wettability alteration in low-salinity water. Even when the rock/brine zeta potential is negative, 

positively charged surface species still exist on the carbonate surface, binding to the negatively 

charged acids from the crude oil.  
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Chapter 7 

Enhanced Oil Recovery by “Smart water” in 
A Coreflooding Experiment  

7.1. Abstract 

In the previous chapter, low-salinity water has been demonstrated as a successful 

wettability modifier by spontaneous imbibition test. Wettability alteration can enhance oil 

recovery by promoting the capillary imbibition. However, the benefit of wettability alteration in 

viscous displacement experiments has not been assessed. Therefore, a coreflooding experiment 

was performed to evaluate the additional oil recovery in low-salinity water in a forced 

displacement experiment. Crude A, the crude oil that has the most positive response to low-salinity 

water in Chapter 6, was chosen for the coreflooding. Indiana limestone core saturated and aged in 

Crude A was first flooded by high-salinity 5M NaCl brine, and then flooded by low-salinity 

0.164M NaCl brine at the same flowrate. The additional oil recovery results by capillary imbibition 

and viscous displacement are then compared and analyzed based on the capillary pressure curves 

of typical mixed-wet and water-wet systems. 
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7.2. Methods 

Crude A, which has been shown to respond positively to the low-salinity NaCl brine, was 

chosen for the coreflooding experiment. Properties of the oil have been shown in Table 6-1. An 

Indiana limestone core (Kocurek Industries) was used. Properties of the core are summarized in 

Table 7-1. Prior to the coreflooding, the permeability and porosity of the core were measured 

using the initial brine, 5M NaCl, in the homemade flooding apparatus (Figure 7-1). 

Table 7-1 Properties of the Indiana limestone core for low-salinity water flooding 

Core material Indiana limestone (elemental composition in Table 4-2) 
Dimensions (inch) 5.0 (length), 1.5 (diameter) 
Pore volume (mL) 20.8 

𝜙 (%) 14.5 
k (mD) 23 
Soi (%) 64 

 

 

Figure 7-1 Schematic of the homemade coreflooding apparatus 
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The Indiana limestone core was first dried to a constant weight in the oven prior to use. 

Then, the core was packed into a stainless-steel core holder with a rubber sleeve. An auxiliary 

HPLC pump was used to pump DI water into the annulus of the core holder and maintain a constant 

confining pressure of 550 psi. Then, the core was vacuum-saturated with initial brine 5M NaCl. 

The front side of the core holder was connected to a burette containing the initial brine and the 

back side of the core holder was connected to a vacuum pump. After the brine saturation, the 

volume of imbibed brine was read from the burette to calculate the porosity and pore volume (PV) 

of the core. To measure the permeability, the core holder was then connected into the coreflooding 

apparatus shown in Figure 7-1. The syringe pump (“ISCO pump”) filled with the initial brine was 

set at different flow rate and the pressure drop across the core was recorded by the pressure 

transducer (PT). A calibration curve was made to plot the pressure gradient versus the superficial 

velocity and the permeability was calculated from the slope of the calibration curve based on 

Darcy’s law. Another auxiliary HPLC pump was then used to inject Crude A oil to displace the 

mobile water in the core. At least 10 PV of Crude A was injected at multiple flowrates. The highest 

pressure drop across the core was roughly 1,000 psi. The effluent samples were collected, and the 

displaced water volume was recorded to calculate the initial oil saturation (Soi) when reaching 

irreducible water saturation. The core was then allowed to age in the crude oil for two weeks. The 

oven was turned on and set to 120 °C. The outlet pressure of the core holder (back pressure) was 

then set to 150 psi and the oil was continuously injected at 0.18 ft/day interstitial velocity for two 

weeks. The continuously slow injection of the oil was to supply fresh crude oil during the oil aging 

so that the surface-active components were not depleted by adsorption on the rock surface. 

After the oil aging was done, the oil injection was stopped and the ISCO syringe pump 

started to inject the initial brine 5M NaCl. The oil in the lines in front of the core holder was 
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considered as dead volume and was first drained to an outlet bypassing the core holder. Then, the 

ISCO syringe pump was set at a constant flow rate 0.036 mL/min, which was equivalent to 1 ft/day 

interstitial velocity, to displace the oil in the core. The flowrate was chosen to match the typical 

interstitial velocity (1 ft/day) for water flooding in oilfields. Moreover, a relatively long period of 

time was given to allow wettability alteration to happen at such flowrate (0.4 day/PV). The 

possibility of having capillary end effect in the core-level flooding was examined by calculating 

the capillary end effect number (Nc,end) later in the discussion section. After the oil recovery was 

stable for 2 PV, the injection was stopped and the ISCO syringe pump was filled with the low-

salinity 0.164M NaCl brine. Then, the injection was resumed at the same flowrate. The whole 

experiment from oil aging to water flooding was performed at 120°C because it is the temperature 

of a targeted oil reservoir. 

Both the high-salinity 5M NaCl brine and low-salinity 0.164M NaCl brine were pre-

equilibrated with calcite powder at room temperature prior to the injection. Moreover, 100ppm 

carbohydrazide as oxygen scavenger was also added to all the brines to avoid corrosion of 

stainless-steel tubing due to contact of brines at 120 °C. The effluent samples were collected by 

10mL graduated glass tubes (0.1 mL accuracy). The solution pH was measured by pH meter and 

the brine composition was measured by ICP-OES. The effluent pH and elemental composition 

were also calculated in PHREEQC to compare with the experimental measurements. In the 

PHREEQC calculation, the brine is assumed to be in equilibrium with only calcite in 120 °C in a 

closed system. 
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7.3. Results and Discussions 

The oil recovery and pressure gradient as a function of PV brine injection during the 

coreflooding is shown in Figure 7-2. The ionic composition (Figure 7-3) and pH (Figure 7-4) of 

the effluent samples are also plotted as a function of PV brine injection along with the oil recovery. 

 

Figure 7-2 Oil recovery and pressure gradient across the core as a function of PV injection. 
Black dashed line marks the time when low-salinity water injection started. Grey dashed 

line marks when additional oil recovery was observed. Crude A was tested. 

 

             

Figure 7-3 Ionic composition of effluents and oil recovery as a function of PV injection. 
Black line marks when low-salinity water injection started. Grey line marks when 

additional oil recovery was observed. Crude A was tested. 
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Figure 7-4 Effluent pH and oil recovery as a function of PV injection. Black line marks 
when low-salinity water injection started. Grey line marks when additional oil recovery is 

observed. Crude A was tested. 

In the high-salinity water flooding, the water breakthrough happens very quickly within 

the first 0.2 PV injection. The early water breakthrough is probably due to the unfavorable mobility 

ratio when displacing the viscous crude oil with a much less viscous brine150,151. The oil is slowly 

displaced by the high-salinity brine during the first 8.5 PV brine injection. As the viscous crude 

oil is gradually displaced, the pressure gradient across the core decreases from 35 psi/ft to roughly 

8~10 psi/ft and remains relatively stable when the oil recovery is constant. Another 5PV of high-

salinity brine is injected after the oil recovery becomes stable. Then, the low-salinity brine 

injection begins, and the pressure gradient immediately starts to rise until a peak value of 13 psi/ft 

is reached. The pressure build-up is an indication of oil bank formation in the core, implying oils 

initially immobile are being displaced. However, the additional oil recovery has not been observed 

until roughly 1.5PV low-salinity brine is injected. This is because certain PVs injection is required 

for the low-salinity brine to propagate through the core from the inlet to the outlet. Theoretically, 

less than 1PV would be necessary if the displacement of 5M NaCl by 0.164M NaCl is piston-like. 

However, the mixing of the two brines making the reduction of NaCl concentration to a reasonably 
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low level much slower. As is shown in Figure 7-3, the additional oil recovery is observed after 

the Na concentration in the effluent sample is reduced to less than 1M. More oils are gradually 

recovered during the next 6.5 PV of low-salinity brine injection. Note that even though oil recovery 

is observed at the outlet only after 1.5 PV of low-salinity brine is injected, the wettability alteration 

happens near the inlet almost immediately after the low-salinity brine injection begins, as is shown 

by the pressure build-up in Figure 7-2. Eventually, the additional oil recovery is stable at 12% (of 

OOIP) in low-salinity brine and the pressure gradient across the core is also stabilized at roughly 

3 psi/ft. The pressure gradient in the low-salinity brine (3 psi/ft) is lower than that in the high-

salinity brine (8 psi/ft) because: (1) the viscosity of 0.164M NaCl (0.23 cP at 120 °C) is lower than 

that of 5M NaCl (0.42 cP at 120°C)152,153; (2) 12% more oil is displaced by the brine so the relative 

permeability of water is higher. 

The effluent pH is relative constant and matched with the prediction from PHREEQC 

during the whole flooding process (Figure 7-4). Note that the effluent pH (7.4~8.3) is much lower 

than the pH of calcite-equilibrate brines at room temperature (9.1/9.8). This may be because the 

calcite solubility product decreases as temperature increases to 120 °C. The first effluent sample 

has a relative low pH of 7.4, roughly 0.4 unit lower than the rest of high-salinity effluent samples. 

This lower pH is a result of acid partition from the oil phase because the initial high-salinity brine 

is equilibrated with not only calcite, but also the acidic crude oil during the oil aging process. 

Another impact of acid partition is on the Ca concentration of the first effluent sample (Figure 

7-3). The Ca concentration is 2.6 mM in the brine immediately after water breakthrough, and it 

reduces to roughly 0.7 mM after several PVs. The relatively high Ca concentration in the first (and 

second) effluent sample also indicates that calcite dissolution is promoted by organic acids from 
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the oil phase. The impact of water-soluble organic acids is not significant for the later effluent 

samples because those have been depleted probably within the first PV of brine injection.  

Capillary end effect is an experimental artifact for core-level flooding experiments where 

the wetting fluid is held up at the outlet of the core154. In the case of a mixed-wet or oil-wet core, 

oil will accumulate near the outlet of the core if the capillary force is dominant over the viscous 

force. In such cases, the additional oil recovery caused by wettability alteration will be 

overestimated due to the release of oil near the outlet when the core becomes more water-wet. 

Therefore, the effect of capillary end effect on the additional oil recovery should be examined for 

this coreflooding experiment. The capillary end effect number (Nc, end), which is the ratio of a 

characteristic capillary pressure to the pressure drop across the core due to the viscous force, is 

calculated according to Equation (7-1)155. 𝜈 is the superficial velocity. L is the length of the 

core.	𝜇 is the viscosity of the displacing fluid. 𝛾 is interfacial tension.  

𝑁1,DÀC =
𝑃13
∆𝑃

≈
𝛾Â𝜙𝑘
𝜇𝜈𝐿

         Equation (7-1) 

The 𝑁1,DÀC during the 5M NaCl high-salinity water flooding should be evaluated since the 

core is mixed-wet in the high-salinity brine (IA-H = -0.5), according to the IA-H measurement in 

Chapter 6. Mohanty and Miller155 report that the critical 𝑁1,DÀC under which the capillary end effect 

is negligible in a mixed-wet core is ≈1. The 𝑁1,DÀC for the 5M NaCl flooding is calculated as: 

𝑁1,DÀC =
𝑃13
∆𝑃 ≈

𝛾Â𝜙𝑘
𝜇𝜈𝐿 =

3.4 ∗ 10l�	 ∗ √0.145 ∗ 2.27 ∗ 10lS³

4.15 ∗ 10l� ∗ 5.12 ∗ 10lÆ ∗ 0.127 = 𝟎. 𝟕𝟎 < 𝟏 
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The oil/brine IFT (3.4 mN/m) is measured in Chapter 6. The viscosity 4.15 cP for 5M NaCl 

at 120 °C is from the literature153. The 𝑁1,DÀC is slightly smaller than the critical value, indicating 

that the capillary end effect is insignificant in this flooding test. 

The oil recovery results from the water flooding and the spontaneous imbibition test are 

dramatically different. The oil recovery after the 5M NaCl brine flooding is 41% (Figure 7-2), 

while the oil recovery in the spontaneous imbibition in 5M NaCl is only 10% (Figure 6-3) for the 

same rock and oil. However, the total oil recovery in the water flooding of 0.164M NaCl is 53% 

and in the spontaneous imbibition of 0.164M NaCl it is 46%, very similar to the flooding. These 

differences in oil recovery results can be explained based on the capillary pressure curves for 

typical mixed-wet and water-wet systems (Figure 7-5).  

 

Figure 7-5 Analysis of oil recovery results in spontaneous imbibition and coreflooding 
based on typical capillary pressure curves for a mixed-wet and a water-wet core (adapted 

from Hirasaki42). 
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The analysis is based on the assumption that the core is mixed-wet in the presence of 5M 

NaCl and it becomes water-wet in the presence of 0.164M NaCl. After oil recovery is constant in 

the water flooding, the inlet capillary pressure (𝑃1 = 𝑃, − 𝑃-) is the pressure drop across the core 

because 𝑃,  is constant across the core (non-flowing phase) and 𝑃- = 𝑃,  at the outlet. In the 

spontaneous imbibition test, the capillary pressure at the bottom of the core is the buoyance force, 

which is the difference of hydrostatic pressure between water and oil. Therefore, 𝑃1  is much 

smaller in the spontaneous imbibition test compared to 𝑃1 in the water flooding. In a mixed-wet 

system like the core in 5M NaCl, significantly different water saturation is achieved when the 𝑃1 

varies (left plot in Figure 7-5). In other words, significantly different oil recovery should be 

expected for the spontaneous imbibition (10%) and forced displacement (41%) in a mixed-wet 

system. However, in a water-wet system like the core in 0.164M NaCl, water saturation changes 

very little (from 46% to 53%) when 𝑃1 drops from slightly negative value to much greater value 

(right plot in Figure 7-5). 

It is important to note that the additional oil recovery from the low-salinity water flooding 

only demonstrates the benefit of wettability alteration in a one-dimensional homogenous system 

where viscous displacement is the dominant oil recovery mechanism. However, in a realistic 

highly heterogenous carbonate reservoir with natural fractures, the sweep efficiency of a water 

flooding is low and the oil in the low permeability zones cannot be displaced efficiently. Capillary 

imbibition of oil from low permeability zones to high permeability zones would be essential for 

the oil recovery from the low permeability zones (Figure 7-6). Therefore, wettability alteration, 

which promotes the capillary imbibition, has a great potential in improving the oil recovery in 

carbonate reservoirs. 
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Figure 7-6 Illustration of the importance of capillary imbibition in heterogenous systems 

  

7.4. Conclusions 

The low-salinity-induced wettability alteration was examined in a coreflooding experiment 

using Indian limestone and Crude A, an oil that has been proven to respond positively to low 

salinity water in Chapter 6. High-salinity water flooding was performed right after the oil aging. 

The oil recovery is 41% (of OOIP) after the high-salinity water flooding. Another 12% (of OOIP) 

is observed after roughly 8PV of low-salinity water injection. The reduction of NaCl concentration 

is confirmed to effectively improve oil recovery in the forced displacement experiment. The 

effluent analysis shows that the additional oil recovery is observed only after the NaCl 

concentration reduces to less than 1M. The pH of effluent samples remains relatively constant 

during the whole flooding process. Capillary end effect is believed to be negligible in this water 

flooding based on calculation of the capillary end effect number. The oil recovery from the 

coreflooding is also compared with the oil recovery from the spontaneous imbibition for the same 

system. The oil recovery results can be explained based on the capillary pressure curves of typical 

water-wet and mixed-wet systems. 



 178 

Chapter 8 

Conclusions and Recommendations 

8.1. Summary of Main Findings  

This thesis provides new understanding of the interfacial phenomena governing low 

salinity wettability alteration for model oil and crude oil systems with carbonate rocks. This 

knowledge can be used to design better enhanced oil recovery methods. 

Electrostatic force as an important governing force of carbonate surface wettability is first 

investigated in Chapter 3 and Chapter 4 by developing a carbonate surface complexation model 

(SCM) and analyzing the rock-ion complexation based on the SCM. Then, the wettability 

alteration of carbonates in “smart water” is systematically evaluated in Chapter 5 and Chapter 6, 

primarily by spontaneous imbibition and Amott-Harvey wettability index. Finally, the effect of 

wettability alteration is also examined in a coreflooding experiment in Chapter 7. The main 

findings are summarized as below. 

A synthetic calcite SCM is first developed based on synthetic calcite zeta potentials in 

brines with divalent ions (Ca2+, Mg2+, SO42-, and CO32-) and varying ionic strengths 

(1mM~500mM) under different CO2 partial pressures (400ppm and 1atm). The surface binding 

equilibrium constants are at least one order of magnitude greater for divalent ions compared to 
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monovalent ions, confirming that divalent ions are potential determining. Moreover, the 

equilibrium constants are also negatively correlated with the hydrated ionic radius for ions of the 

same charge. The effect of CO2 partial pressure on calcite zeta potential is found to be non-

monotonic and different charged species are responsible for the calcite surface charge under 

different CO2 partial pressures.  

The surface charge of calcite in concentrated NaCl solutions is also calculated based on the 

SCM to investigate the ion binding of calcite surface in high-salinity brines. Na+ is found to 

dramatically increase the positive surface charge of synthetic calcite when it is present at high 

concentration (up to 5M), even though it is traditionally thought as an indifferent ion to calcite. 

Then, the synthetic calcite SCM is extended to work for natural carbonates with surface 

impurities. The surface binding equilibrium constants are kept the same, but surface reactions of 

silica impurity and the surface coverage of organic carboxylic acids are incorporated to the model. 

The extended SCM can successfully fit all 63 zeta potential data of both synthetic calcite and 

natural carbonates (Iceland spar, Indiana limestone and “SME” reservoir rock) in various test 

brines.  

Inorganic impurity silica alone cannot account for the zeta potential difference between 

synthetic calcite and natural carbonates. The surface coverage of negatively charged acids is found 

to play a more dominant role. The surface coverage percent (%) of organic impurities is one 

adjustable fitting parameter for each natural carbonate mineral and its value depends on the number 

of carboxylic groups in the assumed acid molecule. Naphthenic acid (assuming 1 carboxylic 

group) and humic/fulvic acid (assuming 6 carboxylic group) are all possible organic impurities on 

the carbonate surface.  
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To demonstrate the effect of organic impurities, humic acids are extracted from humus and 

used to treat the synthetic calcite surface. The adsorption of humic acids is shown to significantly 

shift the synthetic calcite zeta potential to be more negative. The SCM developed in this 

dissertation greatly facilitates the understanding of the electrostatic interaction in carbonate 

systems. It is also applied in the analysis of the specific cases in Chapter 5 and Chapter 6.  

The effect of brine ionic composition, especially the role of Mg2+, SO42-, and salinity (Na+), 

on carbonate wettability alteration is investigated using a model oil in Chapter 5. Efforts are made 

to characterize carbonate wettability by receding and advancing contact angle measurements. 

However, reproducibility issues associated with measuring contact angles in highly heterogeneous 

surfaces are found to be significant and difficult to avoid. Therefore, core-level average wettability 

assessments including spontaneous imbibition and wettability index measurement are utilized in 

Indiana limestone cores.  

The low salinity brine 0.164M NaCl successfully triggers wettability alteration in the 

spontaneous imbibition test, even though no divalent ion is added in the brine. Adding SO42- is 

found to enhance wettability alteration while adding Mg2+ is unfavorable for wettability alteration 

in both single-electrolyte brines and seawater-based brines. Moreover, synergetic mechanism 

between Ca2+ and SO42- is believed to also contribute to wettability alteration. This explains why 

seawater-based brines are generally better wettability modifiers than single-electrolyte brines 

(4dSW0Mg > Na2SO4 and 4dSW > MgSO4).  

The electrostatic component of disjoining pressure is also calculated based on rock/brine 

and oil/brine zeta potential measurement. The intensity of charge repulsion only aligns with the 

additional oil recovery for the single-electrolyte brines (Na2SO4 > MgSO4 > NaCl). However, 
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electrostatic repulsion does not explain the better oil recovery in seawater-based brines. Wettability 

alteration is observed in 4dSW in which the rock/oil have electrostatic attraction. 

The SCM is also applied to analyze the charged species on the limestone surface. In the 

high-salinity 5M NaCl brine, over 90% of the major surface site >CaOH-0.75 is found to bind with 

Na+. Reduction of NaCl concentration can significantly reduce the Na+ surface specie. The calcite-

Na+ interaction is believed to contribute to the oil-wetness of carbonates, which is supported by 

literature studies on MD simulation 124,125 and AFM 64,126. Therefore, reduction of Na+ near the 

calcite surface is believed to be a key wettability alteration mechanism. 

The effect of physio-chemical properties of oils on low-salinity-induced wettability 

alteration is then investigated in Chapter 7. Seven oils are fully characterized and tested in 

spontaneous imbibition in high-salinity and low-salinity NaCl. Rock/oil electrostatic repulsion, 

microdispersion formation, and oil interfacial activity are examined as possible indicators for how 

effectively the oil respond to low-salinity water.  

The extent of wettability alteration is not directly correlated with the intensity of rock/oil 

charge repulsion. This observation implies that the repulsive zeta potential is an insufficient 

condition for wettability alteration. SCM calculation shows that positively charged surface species 

still exist on the carbonate surface even if the rock/brine zeta potential is negative.  

Formation of microdispersion is found to be a generally good indicator of wettability 

alteration. However, microdispersion formation is not a trigger of wettability alteration because: 

(1) The formation of microdispersion does not require the desorption of surface-active components 

from rock. Surface-active components in the bulk oil existing as reverse micelles can also assist 

microdispersion formation; and (2) An oil is found to respond positively to low-salinity water even 
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though it does not form microdispersion. Moreover, microdispersions are shown to be essentially 

macroemulsions based on Cryo-TEM images.  

A good correlation is found between the IFT of oils and the extent of wettability alteration 

in the low-salinity water. Therefore, oil interfacial activity is believed to link to the wettability 

alteration mechanism. Water-soluble organics content is then also measured and found to correlate 

to the wettability alteration. Microdispersion, water-soluble organics and interfacial tension are 

three effective indicators of low-salinity-induced wettability alteration that are intrinsically related: 

IFT characterizes the surface-active components at the oil/water interface; microdispersion ratio 

characterizes the surface-active components that stay in the bulk oil; and the water-soluble 

organics content characterizes the relatively hydrophilic surface-active components that leave the 

oil and partition into the aqueous phase.  

Finally, a low-salinity water flooding is performed to evaluate the benefit of low-salinity-

induced wettability alteration in Chapter 7. The mixed-wet Indiana limestone core is first flooded 

with high-salinity 5M NaCl brine until oil recovery is stable at 41% (of OOIP). Then, low-salinity 

0.164M NaCl is injected and 12% incremental oil recovery is eventually observed. The additional 

oil recovery is only observed after the Na+ concentration is less than 1M in the effluent, even 

though a pressure build-up is observed almost immediately after the 0.164M NaCl injection starts. 

The brine pH is relatively stable throughout the whole process of high-salinity and low-salinity 

flooding.  
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8.2. Conclusions and Recommendations for Future Work 

8.2.1. Rock/oil Electrostatic Repulsion 

The electrostatic interactions that govern the rock/oil interface is found to be significantly 

affected by both the brine and crude oil chemistry. As previously described in this thesis, altering 

brine composition and salinity can enhance the electrostatic repulsion between the rock/oil 

interface, but such repulsion does not directly correlate with improved oil recovery with “smart 

water”.  

One possible future direction is to better understand how potential determining ions alter 

wettability.  For example, CO32- , as a potential determining ion, has not been evaluated as a 

wettability modifier. Recommended future researches include: (1) performing a salinity scan of 

Na2CO3 solution and testing the variation of rock/brine and oil/brine zeta potential. An optimal 

concentration for Na2CO3 solution can be determined based on the rock/oil charge repulsion. (2) 

Performing a spontaneous imbibition study using Indiana limestone core, a well-characterized oil, 

and Na2CO3 solution at the optimal salinity. NaCl solution at the same ionic strength should also 

be tested. The benefits of stronger electrostatic repulsion due to the CO32- presence can be 

evaluated by comparing the oil recovery results in Na2CO3 solution and NaCl solution with the 

same ionic strength. 

8.2.2. Role of Na+ in determining calcite wettability 

Na+, which was generally considered as an indifferent ion for calcite surface, is found to 

greatly affect carbonate wettability if its concentration changes dramatically. It is found to be a 

weak potential determining ion (PDI) based on SCM calculation. The SCM prediction further 
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indicates that the Na+-calcite interaction dramatically increases the calcite surface charge, even 

though the zeta potential is small in high salinity brines. Then, reduction of NaCl concentration 

from 5M to 0.164M is found to trigger wettability alteration in the spontaneous imbibition and 

coreflooding studies. Moreover, treating a water-wet Iceland spar plate in 5M NaCl at 120 °C was 

found to make the plate oil-wet even without any oil treatment in a preliminary contact angle study. 

The water advancing contact angle of the brine-treated plate became greater than 90º in 5M NaCl 

(tested with model oil without surface-active component). Such phenomenon was not observed if 

the plate was neither treated at elevated temperatures nor treated in high salinity brined (5M NaCl). 

The effect of Na+-calcite interactions at high salinity conditions have not been systematically 

studied, and the temperature dependence of such interaction is also unclear. Several experimental 

studies are recommended to understand the Na+-calcite interaction: 

(1) The receding and advancing contact angle of Iceland spar plates should be measured at 

elevated temperature using a high-temperature-high-pressure (HTHP) tensiometer. A drop of a 

non-surface-active model oil should be placed on the surface of calcite in high salinity 5M NaCl 

brine at room temperature. After allowing equilibrium for 1 day, measure the RCA and ACA. The 

plate is expected to have very low RCA and ACA. Then, clean out the oil on the plate with 

isopropanol and de-ionized water and re-start the measurement after equilibration. The 

temperature should be increased to 90oC and 120oC, and the variation of both RCA and ACA 

should be recorded. The same experiment should be done using NaCl solution of low salinity 

(0.164M) and medium salinity (1M or other ionic strength between 0.16~5M). The effect of 

temperature and Na+ concentration can be systematically investigated in this way. 

(2) The role of Na+ should be studied in a more fundamental level by advanced surface 

characterization technique such as atomic force microscopy (AFM). An oil-coated AFM probe can 
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be used to test the force profile of Iceland spar plates treated with low, medium and high salinity 

NaCl solution at elevated temperature (e.g.120 oC). The difference in the force profile can directly 

demonstrate the effect of brine aging on calcite wettability.  

(3) Time-of-flight secondary ion mass spectrometry (ToF-SIMS) can also be used to 

characterize the surface adsorption of organics acids and changes of surface elemental 

composition. For example, the surface packing of acids can be compared for two Iceland spar 

plates using ToF-SIMS: one plate is treated with a naphthenic acid solution in 5M NaCl and the 

other plate is treated with the naphthenic acid solution in 0.164M NaCl at the same condition. Such 

a study will investigate the effect of NaCl concentration on the surface adsorption of naphthenic 

acid on the calcite surface.  

8.2.3. Role of oil interfacial activity in determining calcite wettability 

Even though the effect of brine chemistry on wettability alteration has been a research 

focus for “smart water”, the effect of oil composition may be much more significant. Depending 

on the properties of a specific oil sample, the “smart water” may be very beneficial for wettability 

alteration, but it may also be almost completely ineffective. 

The oil interfacial activity has been found to correlate with the effectiveness of low-salinity 

water in a spontaneous imbibition study, even though the underlying mechanism remains unclear. 

Oils containing more surface-active components respond better to the low-salinity water. This 

conclusion should be further validated with more oil samples in the future. The underlying 

mechanism behind such a correlation should also be studied using advanced characterization 

methods. For example, surface packing of surface-active components at the oil/water interface and 

how the brine chemistry/oil properties affect the packing can be studied using Langmuir trough. 
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Moreover, the role of surface-active components can also be studied by depleting those 

components in several well-characterized crude oils and performing spontaneous imbibition using 

the treated oils. The comparison between the untreated oils and treated oils will provide additional 

information about the role of those surface-active components. Understanding on the underlying 

mechanism can be invaluable for oil companies to screen reservoir candidates for “smart water” 

application as well as to evaluate the benefits of a “smart water” flooding.  

8.2.4. Mechanisms of Ca2+, Mg2+, and SO42- altering wettability 

The effect of divalent ions has been investigated in a spontaneous imbibition study. SO42- 

is found to promote wettability alteration, while Mg2+ is found to be unfavorable. Ca2+ has not 

been explicitly studied in the previous experimental design. However, it is believed to have 

synergetic effect with SO42- on altering calcite wettability.  

For some possible future studies, the effect of Ca2+ on wettability alteration should be 

investigated. 4dSW0Ca (4x diluted seawater depleted in Ca) and 4dSW3Ca should be tested in the 

spontaneous imbibition measurement and compared with the results in other brines. If Ca2+ is not 

responsible for the better oil recovery results in seawater-based brines (compared with single-

electrolyte solutions), then other factors should be considered. 
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